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				CRUDE OIL AND NATURAL GAS RESOURCES AND SUPPLY

				INTRODUCTION AND SUMMARY

				Summaries and Key Findings

				Supply Summary

				The North American crude oil and natural gas resource and supply system is a complex network that includes several major components: (1) the natural endowments or physical store of oil and/or natural gas in the subsurface; (2) the commercial quantities of crude oil and natural gas that can be produced from the overall subsurface source rock using known or expected technologies; (3) access to oil and natural gas resources through drilling wells or surface mining; and (4) the physical network of crude oil and natural gas pipelines to transport crude oil and natural gas to refineries and natural gas processing centers and to end-use consumers.  Included in this chapter is an evaluation of the principal types of crude oil and natural gas supply within the United States and Canada, as well as those new areas of oil and natural gas resource types that could become available for development and production by the middle of this century.  These include:

				
						Arctic oil and natural gas (United States, Canada, and Greenland)

						Offshore United States and Canadian oil and natural gas (non-Arctic)

						Onshore natural gas (including conventional and unconventional sources)

						Onshore conventional oil (including enhanced oil recovery [EOR] operations and opportunities)

						Unconventional oil (including Canadian and U.S. oil sands, oil shale, and tight oil)

						Methane hydrates.

				

				(This study does not include a detailed review of oil and gas resource and development potential in Mexico, although hydrocarbon prospects in that country are described in a topic paper that is available on the National Petroleum Council (NPC) website [www.npc.org] and briefly summarized later in this chapter.  Mexico is geographically part of North America and is recognized as an important crude oil supplier to the United States as well as a current importer from the United States of approximately 1 billion cubic feet per day [Bcf/d] of natural gas.) 

				The principal focus of this analysis is the United States and Canada.  Both countries are major oil and natural gas producers with very significant future oil and gas supply potential.  This chapter describes and analyzes the infrastructure systems that make these resources available to markets.  It covers the current situation as well as a framework for developing infrastructure needs over the next several decades.  For natural gas, the infrastructure system includes field gathering systems, gas processing facilities, gas storage fields, and long distance high-capacity transmission pipelines.  Natural gas liquids infrastructure is also discussed, given the potential for growth in liquids, such as ethane, propane, and butane, extracted from produced natural gas.  This study does not report on local utility distribution pipeline systems that deliver natural gas to residential, commercial, and industrial customers.  In the case of oil, infrastructure to transport produced crude oil from production areas to refineries is also assessed.  The parallel NPC study on Future Transportation Fuels, referred to in the Preface, will assess refinery capacity, upgrading, and downstream infrastructure for refined products, which are not within the scope of this study.  

				Environmental questions related to oil and natural gas production and transportation are discussed in detail in Chapter Two, Operations and Environment, although their critical importance to enabling the development of supply potential in most areas is described here.

				Data Sources

				Multiple data and analysis sources inform this chapter.  It relies first on existing, publicly available studies to compare and contrast resource estimates and production views to 2050.  In addition, the Resource & Supply Task Group conducted a confidential survey of proprietary outlooks, primarily from oil and gas companies and specialized energy consulting groups, to add additional breadth and depth to the source material.  Details include:

				
						Public Data. Approximately 50 publicly available energy outlooks from government, industry, and consultant sources were examined.  The U.S. and Canadian governments provided integrated energy outlooks – e.g., the Energy Information Administration (EIA), the National Energy Board of Canada (NEB), the International Energy Agency (IEA), the United States Geologic Survey (USGS), and the Bureau of Ocean Energy Management, Regulation and Enforcement (BOEMRE).

						Proprietary Data. More than 80 energy and consultant companies received a request to complete a comprehensive resource, production, and supply chain survey.  More than 25 industry and consultant templates were returned.  The public accounting firm Argy, Wiltse & Robinson, P.C. received, aggregated, and protected the proprietary data responses.  The aggregation resulted in 12 unique outlook cases.

				

				Resource Summary

				Natural gas resource assessments have recently increased as a result of technologies that can produce gas economically from source rock (such as tight gas, shale gas, and coalbed methane) in ways previously not feasible (the so-called “shale gas revolution”).  Although these sources of natural gas have been known for many years, the application of certain technologies, including drilling horizontal wells and hydraulic fracturing, has enabled resource assessments to include much higher volumes of gas in the technically recoverable categories.  This change, above all, has transformed the outlook for natural gas supply in North America from one of declining domestic supply and increasing imports, to one of abundant supply from within the region for decades to come, most likely at moderate cost.

				A 2011 Massachusetts Institute of Technology (MIT) study on North American natural gas analyzes the range and cost of natural gas resources.  The MIT study lays out a number of different cases based on various assumptions, from which this study has chosen three to illustrate the sustainability of the resource at current or greatly expanded market size.  These cases are summarized in Figure 1-1, where the horizontal axis shows total ultimately recoverable natural gas resources, under the three cases, and the vertical axis shows wellhead cost of supply (not to be confused with the market price of natural gas, in which many other factors come into play).  The three cases featured here are the mean resource estimate with current technology (in green), the mean resource estimate with advanced technology (in blue), and the high resource estimate with advanced technology (in red).  Because these technologies were viewed as advanced when the MIT study was developed but are now considered standard by the industry, they do not take into account future technology improvements.  
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				Figure 1-2 highlights a number of natural gas resource assessments from more than a decade and clearly shows the difference between estimates before and after unconventional gas began to be understood in the mid-2000s.  Over an even longer period, it has been generally observed that oil and natural gas recoverable resource estimates tend to increase.
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				The range of future technically recoverable natural gas resources used here is between 1,900 and 3,600 trillion cubic feet (Tcf), representing about 25% of global natural gas resources.  This does not include potentially vast resources of methane hydrates present in the Gulf of Mexico and in the North American Arctic, some of which could become economically producible in the 2035–2050 time frame if development of technologies for production and environmental impact management is successful.

				North America is home to world-class crude oil resources in several different basins and plays.  The mean undiscovered technically recoverable oil resources potential in the U.S. lower-48 offshore is estimated at nearly 60 billion barrels, of which production has only begun in one area, the central and western zones of the Gulf of Mexico, with scope for significant further development in other offshore zones.  The Arctic, another world-class resource area, contains an estimated 100 billion barrels of recoverable oil (and an additional equivalent amount in recoverable natural gas).  The Alberta oil sands have a recoverable oil potential of more than 300 billion barrels.  These resources are relatively concentrated, but onshore conventional oil also has significant recoverable oil resources, estimated at close to 80 billion barrels, not including the potential for tens of billions of barrels present in low saturation and residual oil zones.  Recent growth in unconventional “tight oil” production has highlighted a short to medium term resource that could be as high as 34 billion barrels.  In the long term, oil shale plays, such as those in the Green River formation in Colorado, Utah, and Wyoming, are known to have an enormous amount of kerogen-rich oil shale deposits.  Developing new commercially viable technology that heats the kerogen oil shale to produce recoverable oil could yield producible resources estimated at 800 billion barrels.  

				Production Potential

				The United States and Canada are significant producers of both natural gas and crude oil, among the top world producing countries.  The United States now surpasses Russia as the top natural gas producer in the world, as can be seen in Figure 1-3.  Canada and the United States together now produce over 40% more gas than Russia and provide 25% of global gas supply.  (Since the North American market represents about 25% of global gas demand, the region can now be considered self-sufficient in natural gas, unlike other major gas-consuming economies around the world, such as Western Europe, Japan, and China).
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				The United States and Canada also produce crude oil at a globally significant scale.  As shown in Figure 1-4, the United States is the third largest producer, behind Russia and Saudi Arabia.  The U.S. and Canada together now produce 10.5 million barrels per day, or about 4% more oil than Russia.  Figure 1-4 shows the positions of the United States and Canada among the top producers.  Mexico also features prominently in this list, although this study does not detail Mexican oil production prospects.  “Oil” as represented in this chart includes crude oil, condensate, and natural gas liquids.
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				Success in achieving production levels of this magnitude has been built over many years of developing technologies, exploring new plays and improving operating practices, and has created a strong platform for enhanced production potential during the next several decades.  However, the oil and natural gas industry must adhere to sound risk mitigation and prudent environmental management practices and the marketplace must be allowed to function within a framework of appropriate access and regulation.

				Making Reserve Development Choices 

				This study has examined the potential for resource development and production potential from all the identified major current and future sources of natural gas and oil production in North America.  The objective was to identify the level of production that could be achieved by 2035, in a high potential environment in which: (1) reasonable resource access will be available; (2) appropriate regulation will be applied; (3) industry will continue improvements in production and environmental operating practices; and (4) there will be sustained research and development of new technologies and techniques to support development of additional resources that will become available over the long term (such as oil shale and methane hydrates).

				This high potential is then contrasted with a limited production potential over the same time frame, should resource development be subject to constraints, including lack of access, increased regulatory barriers, lower resource potential, or lack of technology-related research and development.  Neither of these extremes represents the most likely outcome, which is likely to be a point between the two.  The limited and high potential cases show the impact of resource development choices made in investment and public policy.

				The range of oil supply potential in the United States and Canada for each significant supply source is shown in Figure 1-5, compared with that source’s production in 2010.
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				For both crude oil and natural gas, the end points for the range of potential for each resource type are not intended to be additive, since both market needs and investment focus will determine the actual mix of resource development.  The ranges indicate which supply sources can have the most impact over the time frame covered by this study, and which could be most affected by the choices made in either the constrained or unconstrained cases.

				North American oil production growth potential can come from a number of sources, including Canadian oil sands, the U.S. offshore (including the Gulf of Mexico), tight oil, EOR, Arctic exploration and oil shale (in that order of scope and development lead time).  The point – and the opportunity – is that further development of these sources could lead to lower overall future declines in total U.S. and Canadian oil production.

				Potential for growth of these sources is summarized as follows:

				
						Arctic oil has the scope to grow from a level of about 0.6 million barrels per day to a range of 0.3–0.9 million barrels per day by 2035 and considerable scope for further expansion post-2035.

						Offshore, non-Arctic U.S. and Canadian oil produces about 1.8 million barrels per day and could produce between 1.8 and 2.3 million barrels per day by 2035, depending on choices made to expand access and lease availability to new offshore zones and on the pace of technology development.

						Onshore, non-Arctic conventional oil in the United States and Canada contributes about 3.4 million barrels per day.  Access, technology and availability of CO2 for EOR are key factors that could lead to a decline to around 1.5 million barrels per day by 2035 or an expansion to over 4 million barrels per day by 2035, with these factors also playing into longer term potential.

						Unconventional oil has several categories; each is at a different stage of development.	The largest unconventional oil production comes from the Canadian oil sands in Alberta.  These produce about 1.5 million barrels per day and by 2035 could reach between 3 and 6 million barrels per day, depending on the pace of development as influenced by access, the regulatory environment, and technology and supply chain issues.
	Heavy oil in Canada is a mature resource that produces about 0.4 million barrels per day, and by 2035 this could decline to about 0.15 million barrels per day or stabilize to maintain current output levels.
	Tight oil, such as that produced in the North Dakota/Montana Bakken play, is an emerging resource type, which has ramped up to about 0.4 million barrels per day within the past three or four years.  This type of production is likely to grow to between 2 and 3 million barrels per day, depending on access to new plays and continued technology development, and the pace at which new drilling can offset decline rates of existing production.
	U.S. oil shale, predominantly represented by the huge deposits identified in the Green River Formation in Colorado, is a longer-term development prospect.  While there have been historical attempts at production and some research projects have been underway in recent years, there is no commercial production today.  It is uncertain whether this can be developed by 2035, so its potential ranges from zero to an upside of 1 million barrels per day within this time frame.  In a success case, this resource would continue to grow production over a much longer period post 2035.  Development of economic production technologies is the key requirement for this play, with access and appropriate environ-mental risk management also playing a key role.
	Oil sands resources also exist in the United States, primarily in Utah, but these are not yet developed.  They represent somewhat different challenges than the Alberta oil sands and are significantly smaller, but represent another longer-term potential prospect.  By 2035, the range of output is estimated at between zero and 0.15 million barrels per day, again with longer-term growth prospects if initial activities are successful.  



				

				For natural gas, the main components of supply, current and potential, are illustrated in Figure 1-6.  
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				Recent technology advances have enabled the development of widespread and large-scale tight gas and shale gas resources across North America.

				The study group estimated that between five and nine decades of production at moderate cost at today’s market size is available from the resource base, as currently understood, if production development can continue to use critical horizontal drilling and hydraulic fracturing technologies.  Natural gas supply potential can be augmented and extended with improvements in technologies to increase recovery factors or new technology development to tap into new resource types, such as methane hydrates.

				The dominant source of U.S. and Canadian natural gas production in the near, medium, and long terms is likely to be onshore unconventional gas, such as tight gas, shale gas, and coalbed methane, as is currently the case.  In addition, other sources can play an important role:

				
						Onshore, non-Arctic gas in the United States and Canada currently produces 24 Tcf per year.  By 2035, this could grow to around 36 Tcf as required by the market, if onshore gas development is facilitated by an appropriate business environment and regulatory framework, but could decline to around 18 Tcf if development is constrained by regulatory, access, or technology restrictions.

						Arctic gas, currently stranded because of lack of pipelines to market, does not contribute to current supply apart from a small quantity for local market consumption in Alaska.  Depending on whether one or more natural gas pipelines are developed from the Alaska North Slope and the Mackenzie Delta, the 2035 Arctic production could range from 0 to 2.7 Tcf.

						Offshore, non-Arctic natural gas currently contributes about 1.7 Tcf, almost exclusively from the U.S. Gulf of Mexico.  This has declined in recent years as the resources available from the shallow water continental shelf have matured.  Looking out to 2035, the range of potential offshore supply is estimated at between 2.2 and 4.8 Tcf on the high side, depending mainly on the success of new Gulf of Mexico play types and the pace and scope of opening of access to new offshore zones, particularly the eastern Gulf of Mexico and offshore Atlantic and Pacific zones.  

				

				Substantial methane hydrate resources have also been identified, particularly in the Gulf of Mexico and portions of the Arctic.  These could be available for development in the long term, beginning in the 2030–2050 period, leading to production of 1–10 Tcf per year by 2050, and with the potential for sustained growth over the remainder of the century.

				This domestic supply potential has completely transformed the outlook for imported LNG to North America.  LNG regasification capacity of about 18.5 Bcf/d was developed at multiple locations in the United States and Canada over the past decade with capacity to supply almost one-third of current market demand, anticipating expanded need for gas imports.  Although this capacity may not be used to the extent foreseen, it will play a valuable role in providing flexibility of supply sources and supporting energy security.  With expanded U.S. and Canadian supply potential, LNG export options are now being considered.

				Infrastructure

				The 2007 NPC Hard Truths study described infrastructure as a key link in the chain, connecting supply to markets, and found that knowledge of existing infrastructure and planning for new infrastructure capacity could fall short of meeting market needs.  Sufficient natural gas midstream infrastructure, including gathering systems, processing plants, transmission pipelines, storage fields, and LNG terminals, is crucial for efficient delivery and functioning markets.  Insufficient infrastructure, can contribute to price volatility, delivery bottlenecks, stranded gas supplies, and reduced economic activity.

				This study has examined infrastructure for both natural gas and crude oil in North America and concluded that expansion and regional change in supply sources will require new infrastructure development over the next several decades, including more than 30,000 miles of long-distance natural gas pipelines and up to 600 Bcf of natural gas storage capacity, a scale of expansion that is consistent with historical rates of system growth.  

				Market signals and existing regulatory structures have been effective in bringing about appropriate infrastructure expansions.  In particular, regulatory frameworks implemented by the Federal Energy Regulatory Commission (FERC) in the United States and the National Energy Board in Canada have supported expansion of natural gas storage and pipeline systems in recent years, and should facilitate prudent development of new infrastructure expansions in the future.  As these agencies do not oversee oil pipeline permitting, developers must navigate multiple jurisdictions to construct new crude oil pipelines.  Permitting has usually been completed without undue delay, but large-scale pipelines needed to supply markets from new or growing supply sources such as in Alaska or Alberta will require a more integrated approach.

				New infrastructure will be required to move natural gas from regions where production is expected to grow to areas where demand is expected to increase.  Not all areas will require new gas pipeline infrastructure, but many (even those that have a large amount of existing pipeline capacity) may require new investment to connect new supplies to markets.  In recent years, natural gas producers and marketers have been the principal shippers on these new “supply push” pipelines.  These “anchor shippers” have been willing to commit to long-term, firm contracts for natural gas transportation service that provide the financial basis for moving forward with these projects.  Looking ahead, producers should continue to be motivated to ensure outlets for their gas supplies via pipelines.  Abundant and geographically diverse shale gas contributes to a competitive natural gas market if connected to adequate storage and delivery systems.  

				A recent Interstate Natural Gas Association of America (INGAA) Foundation study on North American Midstream Infrastructure through 2035 found that the United States and Canada will require annual average midstream natural gas investment of $8.2 billion per year, or $205.2 billion (in real 2010 dollars) total, over the nearly 25-year period from 2011 to 2035 to accommodate new gas supplies, particularly from the prolific shale gas plays, and growing demand for gas in the power-generation sector.  This capital investment requirement includes mainlines, laterals, processing, storage, compression, and gathering lines.

				Key Findings

				
						There is significant potential for sustained production at current or higher levels for natural gas and oil in the United States and Canada resulting from recent developments in technologies and increased understanding of the resource base.  Declines in production, expected until fairly recently, would come as a result of policy choice, not as a consequence of resource limitations.  Growth is now a real opportunity, particularly in natural gas production.  Prospects for mitigating overall oil declines are improving and, if access for development and delivery improves, new sources of North American oil supply could be developed.

						The public and policymakers need to be better informed on the scale of resources available and the implications to security, competitiveness, and commercial opportunity, to help reverse the long-standing perception that North American oil and natural gas is in decline or unavailable for development.

						Natural gas and oil producing plays and new supply resource opportunities provide a rich and diverse portfolio of options to support North American oil and gas markets for decades to come.  A portfolio approach to resource development requires sustaining current and near-term sources of production, while creating the conditions for longer-term options to be exercised with technology advances, and when environmental practices and market conditions are right.  It would be a mistake to neglect segments of the portfolio because near-term production from a current source is strong.

						Much higher assessments of recoverable natural gas resources in the United States and Canada, now totaling around 3,000 Tcf or more, have given this region the opportunity to be largely self-sufficient in natural gas for many years.  A portfolio of options exists, including: sustaining current large-scale gas production from the Gulf of Mexico and from onshore conventional and unconventional gas, while also opening access; crafting appropriate regulatory frameworks; and developing technologies and production techniques to enable new sources of supply, including from Arctic exploration, new offshore areas, and methane hydrates.  Importantly, the newly identified large natural gas resources appear to have a moderate cost of supply, underpinning the competitiveness of natural gas with other energy sources.

						U.S. and Canadian oil production, despite its high levels, currently falls well short of satisfying demand in the region.  The North American oil supply potential discussed here does not indicate U.S. and Canadian oil production could grow sufficiently to bridge this gap, unless there are also significant declines in demand for oil.  Energy security considerations must, therefore, be met by openness to trade and investment with a diversity of crude oil producers around the world.  However, a strong portfolio of U.S. and Canadian oil development options exists to cover current and near-term production and long-term development prospects.  If these options are exploited, there are grounds for optimism that North America can continue to be a major crude oil producer to 2050 and beyond, meeting a significant proportion of its market needs.  In a reasonably unconstrained case, the United States and Canada could produce up to 15–18 million barrels per day by 2035, potentially a much higher proportion of regional demand than today.  However, if future development were constrained it is likely that production would fall even further below market needs, requiring greater dependence on imports.  Near and medium term production potential comes from the offshore Gulf of Mexico, U.S. and Canadian conventional onshore oil production, the Alberta oil sands and the emerging production from tight oil plays.  In the medium to long term, significant development options have been identified in new offshore areas, the Arctic, and possibly U.S. oil shale and oil sands.

						Higher end supply potential ranges described in this study must meet four prerequisites:	Sound and prudent development practices that balance responsible environmental impact risk management and mitigation with the economic and energy security benefits of hydrocarbon production.
	Access to the resource, where the industry can demonstrate that sound and prudent development practices will be deployed in all cases.  This includes creating and sustaining a framework for access in itself as well as the terms and conditions of access such as length of leases and other lease stipulations.
	Predictable regulatory regimes that can evolve with advancing technology and best practices to allow long-term investment decisions within a predictable framework.  Onshore, the federal government should defer to robust state regulations, recognizing that state regulators are often more familiar with regional geology and environmental conditions.  Offshore, the federal government should seek input from the natural gas and oil industry in development of any new regulations, since industry expertise can inform the regulatory process and avoid unintended consequences such as delays in bringing needed supply online.  
	Sustained technology development and deploy-ment, appropriate for each resource type and geographic and geologic setting, covering development and production techniques and environmental risk management.  Oil and natural gas companies are able to develop appropriate technologies for accessible, prospectively commercial areas, while longer term resource opportunities may require partnership with government agencies and academic institutes to ensure sustained technology development efforts occur.



				

				Summary of Scope and Objectives

				To summarize the scope and objectives of this chapter as they have been discussed earlier, the fundamental question here is how the oil and gas resources in the United States and Canada can be developed to meet long-term market needs, using a development model that ensures energy security and prudent environmental risk management, while bringing the benefits of continued and expanded development of significant resources within the region.

				This chapter focuses on the hydrocarbon development potential in the United States and Canada.  Demand issues and operational management and environmental questions are addressed in separate chapters of the report.

				This work examines the principal oil and gas producing areas within the United States and Canada and new areas or types of oil and gas resource that could become available for development and production by the middle of the century.  These include:

				
						The Arctic (U.S., Canadian, and Greenland Arctic regions)

						Offshore U.S. and Canada (non-Arctic)

						Onshore natural gas

						Onshore conventional oil (including EOR operations and opportunities)

						Unconventional oil (including Canadian and U.S. oil sands, oil shale, and tight oil)

						Methane hydrates.

				

				The scope of this work includes studies of current and future infrastructure needs for both oil and natural gas, as hydrocarbon development can only proceed if there is a way to transport produced volumes to market.  Therefore, we have examined the current pipeline system for crude oil between the major U.S. and Canadian producing regions and the major refining centers, analyzed future pipeline needs, and described the regulatory and investment framework necessary for future pipeline development.  This covers the major crude oil pipeline systems that deliver to refineries, but does not cover refined product pipeline systems downstream of the refining facilities.  For natural gas, the analysis covers major interstate transmission pipeline infrastructure, as well as gas storage and processing facilities, but does not address lower-pressure local utility natural gas pipeline distribution systems.  Natural gas liquids infrastructure needs are also included within the scope of this analysis.

				Although LNG is discussed in one of this study’s topic papers, it is not a major focus of this work.  However, LNG is referenced within this chapter, both as a source of imported natural gas as well as a potential future option for developing export capacity.

				The objectives of this chapter are to:

				
						Describe the current best level of understanding of the technically recoverable resource base for U.S. and Canadian oil and natural gas available for development in the first half of this century.

						Describe the range of production potential until 2035 for each of the identified oil and gas resource types and regions.  This range sets out to encompass a reasonably unconstrained production pathway, in which technological and development choices facilitate development and today’s regulations are not significantly tightened, down to a reasonably constrained production pathway in which regulatory choices, access limitations, or a slower pace of technological development create barriers to development.  Expected development pathways lie between these two limits.

						Describe the key current and future advances in technologies that will allow development and production of this region’s oil and gas resources, and comment on the role of innovation led by the U.S. oil and gas sector and public research initiatives in expanding global oil and gas resource potential.

						Assess current and future major infrastructure requirements to support oil and gas development and describe the key factors that could either enable or delay new infrastructure or modification of existing pipeline delivery systems and natural gas storage facilities.

						Describe how oil and gas production potential could develop to 2050 and beyond, through technological improvement and/or access to new resource types. 

						Frame the implications of the oil and gas resource development potential identified for investors and policymakers.

				

				The contents of this chapter are supplemented and completed by a set of detailed topic papers on each of the major study areas, available on the NPC website.

				Summary of Methodology

				The NPC constituted a task group within the broader scope of this study to specifically focus on oil and gas resources and productive potential within North America.  The Resource & Supply Task Group divided the work among nine specialized subgroups, each focusing on a specific portion of the study.  The subgroups are as follows:

				
						Oil and gas resources and resource assessments

						Analysis of data and studies collected for the purpose of this study

						Arctic oil and gas (onshore and offshore)

						Offshore (non-Arctic) oil and gas

						Onshore gas

						Conventional onshore oil, including EOR

						Unconventional oil

						Oil infrastructure

						Natural gas infrastructure.

				

				In addition, smaller groups or individuals were tasked with researching and writing focused white papers on particular subjects that were not included within the framework of the main subgroups.  These white papers cover the following topics:

				
						LNG

						Methane hydrates

						Mexican oil and gas supply

						Natural gas liquids (NGLs).

				

				In order to develop a sound assessment of the range of possible outcomes for North American oil and gas resources and production, together with the key challenges and enablers to this development, two approaches were taken in parallel – analysis of existing public studies and a confidential survey of private, proprietary studies.

				There are numerous public, government, and industry organizations that have made macroeconomic and energy demand, supply, and infrastructure outlooks assessments.  While some have made available to the public, many companies develop their own internal analysis as a support for their long-term investment strategies.

				The Resource & Supply Task Group established a data and studies subgroup to collect and analyze as much accessible existing resource data as possible.  Their objective and evaluation methodology was designed to capture the wide spectrum and range of outlooks, including the underlying assumptions and supply challenges identified by various organizations.  This subgroup also designed and conducted a confidential survey of private organizations, primarily oil and gas companies and consulting groups, using an auditable procedure to capture respondents’ and industries’ views and insights.  The auditable process protected the proprietary data of survey respondents and survey results were aggregated to ensure confidentiality (individual responses couldn’t be directly attributed to any particular source).  The survey results added important data and insights to the public studies record.  Government organizations such as the Energy Information Administration, the U.S. Geological Survey, the Bureau of Ocean Energy Management, the National Energy Board of Canada, and the International Energy Agency also contributed data and time to this work.  

				The resources and resource assessment team established appropriate resource definitions to be used in the study, described the sources for resource assessments, and commented on the differences between resource assessments coming from different organizations.  This team studied a range of resource assessments from government, academic, and private sector sources.  Understanding the nature of resource assessments and the range of resource potential is considered a crucial component for the development of long-term national energy policy, and this subgroup set out to document and explain the best current understanding of this area.

				Oil and gas development potential and driving forces can vary significantly between regions and resource types.  For this reason, the NPC study established specialized subgroups for each of the major resource types (Arctic, offshore, onshore gas, conventional oil, and unconventional oil).  Each subgroup was staffed by expert contributors, specialized in that particular resource area, from the oil and gas industry, academia, government, and consultancies.  The subgroups developed a set of complete and credible estimates of current production and future production potential of each area based on specific technologies, resource size estimates, hydrocarbon development practices and regulatory frameworks as applicable in each resource type and area.  Thus the individual teams developed a consistent and credible view of supply potential that could in most cases go into more depth and detail than the information provided through the data and studies analysis.

				Finally, two subgroups were established to discuss current and future oil and natural gas infrastructure development.  The oil infrastructure subgroup analyzed the crude oil pipeline system, from major North American producing basins to major refining centers.  The natural gas infrastructure subgroup analyzed major interstate pipeline systems, natural gas storage capacity, and gas processing plants, and discussed natural gas liquids infrastructure to the extent that this may influence natural gas development.  Both infrastructure groups were tasked with describing current infrastructure networks as well as the ability of the system to evolve to meet future needs, either because of expansion of supply or because of regional shifts in supply patterns across North America.

				Each subgroup was asked to structure its work to respond to a set of framing questions defined early in the study (see “Framing Questions” in Text Box).  Subgroups met regularly at focused meetings or workshops with wider participation to advance their research and analysis and to formulate conclusions and implications.  Subgroup leaders and/or their representatives participated in Task Group meetings to share and review progress and to comment on broader aspects of the study.  Each subgroup prepared a topic paper specific to its area, which explores issues in greater detail than can be included in this summary chapter.  The topic papers are available on the NPC website.
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				The remaining sections of this chapter explore the analysis and evidence that has led to these findings, and give more detail on the specific enablers and challenges relevant to each component of North American oil and gas supply and its supporting infrastructure.

				NORTH AMERICA OIL AND NATURAL GAS RESOURCE ENDOWMENT

				The objective of this section is to provide detailed background about resource assessments, described in the section above; define the hydrocarbon related terms prevalent in the assessments; summarize the finding of the key public assessments; and set down key findings from the material.

				Hydrocarbon Resource Assessment Uses and Definitions 

				Use of Resource Assessments

				Oil and natural gas resource assessments serve a variety of fundamental needs of consumers, policymakers, land and resource managers, investors, regulators, industry planners, and others.  Governments utilize resource assessments to exercise responsible stewardship on public lands, to estimate future revenues to the government, and to establish energy, fiscal, and national security policies.  The petroleum industry and the financial community use resource estimates to establish corporate strategies and make investment decisions.  Regulatory organizations such as government energy ministries, corporation commissions, and the Bureau of Land Management and Bureau of Ocean Energy Management of the U.S. Department of the Interior utilize resource estimates in designating acreage for leasing and drilling.  

				Hydrocarbon Definitions

				Petroleum is a collective term for hydrocarbons in the gaseous, liquid, or solid phase; in other words – natural gas, crude oil, NGLs, and bitumen.  The hydrocarbon resource endowment includes crude oil, natural gas, and NGLs.  Following are definitions for the different forms of petroleum:[1] 

				
						Crude Oil is defined as a mixture of hydrocarbons that exists in a liquid phase in natural underground reservoirs and remains liquid at atmospheric pressure after passing through surface separation facilities. 

						Natural Gas is a mixture of hydrocarbon compounds existing in the gaseous phase or in solution with oil in natural underground reservoirs at reservoir temperature and pressure conditions and produced as a gas under standard temperature and pressure conditions. Natural gas is principally methane, but may contain ethane, propane, butanes, and pentanes, as well as certain non-hydrocarbon gases, such as carbon dioxide, hydrogen sulfide, nitrogen, and helium.

						Natural Gas Liquids are those portions of the hydrocarbon resource that exist in the gaseous phase when in natural underground reservoir conditions, but are liquid at surface conditions (that is, standard temperature and pressure conditions: 60º F/15º C and 1 atmosphere) or at higher pressure and/or lower temperature conditions.  The NGLs are separated from the produced gas and liquefied at the surface in lease separators, field facilities, or gas processing plants. 

				

				Oil and gas accumulations are usually treated separately in the assessment process.  Gas-to-oil ratios (GOR) are calculated for each accumulation to identify the proportions of the two major commodities (oil or gas).  An oil accumulation is commonly defined as having a GOR of less than 20,000 cubic feet of gas per barrel of oil at standard temperature and pressure; a gas accumulation is defined as having a GOR equal to or greater than 20,000 cubic feet of gas per barrel of oil.  

				Reserves are those quantities of petroleum anticipated to be commercially recoverable by application of development projects to known accumulations from a given date forward under defined conditions (such as prevailing economic conditions, operating practices, and government regulations).  Reserves must satisfy four criteria: they must be discovered, recoverable, commercial, and remaining based on the development project(s) applied.  Reserves are further subdivided as Proved, Probable, or Possible, also commonly referred to as P1, P2, or P3, respectively, in accordance with the level of certainty associated with the estimates and their development and production status.  

				Resources are those quantities of petroleum estimated, as of a given date, to be potentially (or technically) recoverable from known or undiscovered accumulations, exclusive of Reserves.  Such resources are classified by some as Contingent or Prospective Resources depending on whether the accumulation is known or undiscovered, respectively.

				In-Place and Technically Recoverable Resources – oil and gas reserves and resources in known or yet to be discovered accumulations represent at a given time only the technically recoverable portion of the in-place oil or gas endowment.  Failure to clearly characterize an announced resource estimate as in-place, technically recoverable, or economically recoverable is a common occurrence of which users of resource estimates must always be wary.  Developments in technology as well as geologic understanding of a reservoir or commodity can make previously uneconomic resources economic and commercially viable.  Examples of such progress include the development of coalbed gas, tight gas and shale gas reservoirs, shale oil reservoirs, deeper conventional targets, and offshore deepwater development.  In addition, improvement of recovery factors can take place over time, thus growing the resource estimate for a given reservoir.

				Undiscovered Resources are postulated to exist outside of known accumulations on the basis of geologic knowledge and theory.  Examination of size characteristics of known accumulations, together with an analysis of how many have already been discovered, is used to project numbers and sizes of those which may remain to be discovered.  This is the general manner in which conventional, undiscovered resources are estimated or assessed.  Often, when there are few or no data for the basin or region under study, analogs to known petroleum regions, including their characteristics and properties, are used to estimate resources.

				The predicted volumes to be found in the undrilled population of potential accumulations reflect estimated undiscovered resources.  These estimates must take into account the average prospecting success rate, number of undrilled remaining prospects, and the predicted size characteristics for the future discoveries.  The results of such analyses carry a much greater uncertainty (wider range of volumetric outcomes) than the uncertainty associated with remaining reserves in existing fields because there are fewer data on which to base the estimate.

				It must always be kept in mind that resource estimates are snapshots in time.  Since the earth has a finite endowment of liquid hydrocarbons, from which we produce more and more each year, the logical conclusion would be that the estimates for what remains to be found should be going down, but this is not the case.  Usually, resource estimates conducted by an individual organization tend to increase over time owing to some combination of the availability of more and better data, new acreage that was previously inaccessible or incorrectly considered non-prospective, or new play types (such as shale gas or subsalt oil) made feasible by technological progress.  

				Conventional and Unconventional Hydrocarbon resources.  In most contemporary definitions, a primary difference between “conventional” and “unconventional” liquids is viscosity, that is, a fluid’s resistance to flow.  Enormous deposits of potentially productive liquid hydrocarbons exist in nature that cannot flow under either reservoir or surface conditions – an unconventional resource.  This category includes huge deposits of low viscosity oil and bitumen deposits (oil sands) in western Canada.  The volumetric potential of these deposits may dwarf that of conventional accumulations.

				The following definitions reflect these viscosity-based differences, and other relevant differences:

				
						Conventional Oil: Petroleum found in liquid form flowing naturally or capable of being pumped without further processing or dilution.

						Unconventional Oil: Heavy oil, very heavy oil, oil shale, and oil sands are all currently considered unconventional oil resources.  Most have a high viscosity and flow very slowly (if at all) and require processing or dilution to be produced through a wellbore.  However, not all unconventional oil is heavy.  The definition of unconventional oil can also include such resources as tight oil, which has low viscosity, but which is not produced using conventional techniques.  Some unconventional oils may also require special transportation and refining technology.

						Heavy Oil: Heavy crude oils are understood to include only those liquid or semiliquid hydrocarbons with a gravity of 20o API or less.  These include fuel oils remaining after the lighter oils have been distilled off during the refining process.  

						Very Heavy Oil: Very heavy oil is defined as having a gravity of less than 10o to 12o API.

						Oil Shale: A fine-grained sedimentary rock containing kerogen, a solid organic material.  The kerogen in oil shale can be converted to oil through the chemical process of pyrolysis.  (“Oil shale” is unrelated to liquid petroleum produced from wells drilled into more thermally mature shales, that is sometimes called “shale oil.”)

						Oil Sands: Also referred to as bituminous sands, oil sands are a combination of sand, water, and bitumen.  Bitumen is a semisolid, degraded form of oil that will not flow unless heated or diluted with lighter hydrocarbons.

						Continuous Type Resources (e.g., shale gas, tight gas, coalbed methane): Some organizations, such as the USGS, use the term continuous accumulation to define those unconventional oil and gas resources that are economically produced but are not found in conventional reservoirs such as coalbed gas, tight gas sands, shale gas, and many of the tight oil plays.  Continuous accumulations are petroleum accumulations (oil or gas) that have large spatial dimensions and indistinctly defined boundaries, and which exist more or less independently of the subsurface water column.  Another key difference between conventional and unconventional accumulations is that some of these (shales and coals) are both source rock and reservoir rock.  

				

				North American Hydrocarbon Resource Classification Systems

				Several different classification systems have been developed to systematically describe and label measured and estimated hydrocarbon resource volumes according to two or three of the principal uncertainties (primarily geologic and economic uncertainty, and sometimes commercial status).  Though these systems have many similarities as well as overlaps, each was developed with its own intended estimation focus.  Each also has its own terms that do not always have exact equivalents in the other system’s lexicons.

				The principal systems in use are the following, and each is described in detail in Topic Paper #1-1, “Oil and Gas Geologic Endowment,” which is available on the NPC website.

				
						The Potential Gas Committee classification system, introduced in 1964

						The McKelvey system, dating from 1972

						The United Nations system, adopted by the United Nations in 2004

						The Petroleum Resources Management System, developed by several collaborating organizations and approved by the Society of Petroleum Engineers in 2007.

				

				Uncertainty

				Significant uncertainties are an inherent part of resource estimation.  The best-constructed methodologies have two key elements: (1) they directly address the resulting estimates’ principal uncertainties; and (2) they are transparent regarding the assessment methodology.  These factors are critical for users to understand exactly what the assessments represent.  

				What constitutes a resource has changed over time.  Twenty years ago, coalbed methane was not a viable part of the U.S. energy mix.  It now accounts for about 8% of domestic natural gas production.  Technological developments and developments in geologic and engineering understandings continually move the edge of what makes a resource a reserve.  

				The history of the petroleum industry is replete with instances of overly pessimistic predictions and “good” resource-related surprises.  Salient U.S. examples include:

				
						“Experts” predicted at the beginning of the last century that the modern domestic oil era, initiated in Pennsylvania during the mid-1800s, would soon end owing to lack of sufficient resources.  Instead, major finds in other places soon proved them wrong, such as the 1901 discovery of Spindletop Field in the Texas Gulf Coast region, and the 1890–1920s discoveries of several large fields in California’s Los Angeles and San Joaquin basins.

						Many believed in the early 1940s that oil and gas either did not exist in, or could not be produced from, the open ocean – until 1947 that is, when Kerr-McGee used a platform-plus-barge combination to drill the first successful well out of sight of land in the Gulf of Mexico.

						Similarly pessimistic views that production from the large California oil fields would dwindle to a trickle due to resource exhaustion have been repeatedly negated by technological advancements.  Such advances include the introduction of waterflooding prior to the 1960s and, more importantly, the application of thermal recovery methods to heavy oil reservoirs since the 1960s.  

						Few “experts” held out hope that oil and gas could exist in deep water (over 5,000 feet) at great sub-seabed depths (on the order of 30,000 feet total vertical depth) until Shell’s 1986 Mensa prospect discovery proved they did.

						The late 1980s advent of large-scale coalbed methane production was virtually unheralded, and therefore unanticipated.  

						The late 1990s advent of large-scale natural gas and NGLs production from massively hydraulically fractured organic-rich shales, initiated in the Barnett Shale of Texas’ Fort Worth Basin, was also unanticipated.

						Although small-scale hydraulic fracturing of oil-bearing “shale” formations such as California’s Monterrey Formation began in the 1980s, the adaptation of combined horizontal drilling and massive hydraulic fracturing as originally developed for gas in the Barnett Shale, to productive development of the oil-bearing Bakken Formation of Montana, North Dakota, Saskatchewan, and Manitoba, was also unheralded and unanticipated until its rapid adoption and expansion began in 2001.

				

				This long and continuing history of unanticipated “good” resource-related surprises begs the question as to what currently ignored and discounted oil and gas resources might have the potential to provide similar surprises in the future.  Given history’s lessons about scientific and technological progress, perhaps consideration ought be given to establishment of a small but highly competent effort dedicated and resourced specifically to (1) identify and characterize those oil and gas resources not yet being quantitatively estimated (using both open-source and disclosure-protected proprietary data and information), and (2) identify, analyze, summarize, and status-assess ongoing and/or needed R&D activities, basic or applied, that may hold promise for rendering these resources technically and then economically producible at some time well into the future.  Possibilities include enhanced recovery of residual oil (both bypassed and diffuse) from old fields, oil shale conversion, and methane hydrate production, all of which are already being researched to varying degrees.  This study includes a formal recommendation along these lines (see Executive Summary, Core Strategies).  

				Overview of Recent and Current North American Oil and Gas Resource Assessments

				Resource assessments are conducted by government agencies, the private sector, and academic and professional organizations in the United States and Canada.  Only publicly available (i.e.,nonproprietary) assessments were examined by the Resources Subgroup.  Most assessments were robust, transparent, and well documented.  Each had a slightly different purpose or focus, and therefore provided a unique perspective on North American resources.  Resource estimates for North America span the spectrum of resources and reserves.  The principal resource assessments evaluated for this study were the following: 

				
						Minerals Management Service (now Bureau of Ocean Energy Management, Regulation and Enforcement)

						IHS Energy

						Potential Gas Committee

						U.S. Geological Survey

						USGS Circum-Arctic Resource Appraisal

						Geological Survey of Canada

						Canada-Nova Scotia Offshore Petroleum Board

						Canada-Newfoundland and Labrador Offshore Petroleum Board

						Canadian Association of Petroleum Producers

						Alberta Energy and Utilities Board

						Alberta Energy Resources Conservation Board

						National Association of Regulated Utility Commissioners

						Advanced Resources International

						ICF International (input to MIT study on the Future of Natural Gas).

				

				Key Findings and Observations

				Resource estimates for North America vary widely across a broad spectrum of resources and reserves.  There are good reasons for the differences, including studies with different purposes, and also include factors such as use of different methodologies, inclusion or exclusion of reserves growth, inclusion of only selected basins or reservoirs, inclusion of different types of hydrocarbons (e.g., crude oil only vs. all liquids), variations in assumptions about technology and economics (e.g., including current technology vs. assuming future advances in exploration and completion technology), and differing minimum field sizes.

				Resource assessments are conducted by government agencies, the private sector, and academic and professional organizations in the United States and Canada.  Only the government agencies provide a comprehensive set of assessments, covering oil and gas, onshore and offshore, conventional and unconventional, and so on.  

				Significant uncertainties are inherent in resource estimation.  The best-constructed methodologies directly address the resulting estimates’ principal uncertainties, and transparency regarding the assessment methodology and assumptions underlying the estimates is critical for users to understand exactly what they represent.  

				A better understanding of reserves growth is required for all types of oil and gas resources, especially those that are emerging.

				Small changes in recovery efficiency (percentage of oil in place that will ultimately be produced), individually and cumulatively, will continue to have a significant impact on the size of technically and economically recoverable resources.  Present and future R&D could also result in additional production from older fields.  In addition, support of field trials of new and advanced technologies is critical to advancing new methods needed to grow North American oil and gas supply.

				Mature onshore areas in the United States and Canada have some, but limited, conventional opportunities.  CO2 EOR, assuming anthropogenic sources are available, has the potential for substantial additional oil production.  Offshore North America conventional resources still have significant potential, especially the Gulf of Mexico.  There is potential, as well, in the offshore Atlantic and Pacific.  The Arctic holds very large potential, undiscovered resources.

				The role of unconventional resources in the North American energy endowment will continue to have a growing and profound impact on the future energy supply outlook.  Onshore unconventional resources, in particular, will be very important.  Shale gas, Canadian oil sands, tight gas, tight oil, gas hydrates, and possibly oil shale are expected to provide further scope for additions to reserves.  

				There are many unknowns regarding unconventional, offshore, and Arctic sources.  Additional data and information are required to make informed policy and commercial decisions about these potential resources.

				ANALYSIS OF RESOURCE AND PRODUCTION OUTLOOKS AND STUDIES

				Overview

				As was clear in the previous sections, an important element of the work done for this study was to collect and analyze data and outlooks published by governmental agencies, independent forecasting groups, industry associations, or others, as well as data supplied on a confidential basis by individual companies.  This section presents a detailed view of the ranges of outlooks for future North American oil and gas supply that were analyzed in this process and the insights gained.

				The objective of the Data and Study Analysis Team was to understand and interpretthe:

				
						Uncertainty surrounding the size of North America’s conventional and unconventional oil and natural gas resource base, as reflected in published analyses and proprietary data and forecasts 

						Challenges and enablers to convert this resource endowment into production and supply volumes that can help meet the future energy needs of North America.  

				

				The Data and Study Analysis Team comprised diverse skill sets, experiences, and expertise from participants from large integrated energy companies (e.g., Chevron, ExxonMobil, Shell); major independent oil and gas producers with representatives of the American Natural Gas Alliance (e.g., Encana, Questar); large industry service companies (e.g., Halliburton); consultant companies (e.g., ICF International, Nehring Associates, Wood Mackenzie); and U.S. and Canadian government agencies.  

				In conducting a “study of studies,” the Team evaluated a broad, diverse range of energy outlooks.  The study scope was limited to North America with focus on the 2010–2050 time frame.  Data were collected from public, government, industry, and consultant sources.  Approximately 50 publicly available energy outlooks were examined.  The U.S. and Canadian governments provided integrated energy outlooks – e.g., the Energy Information Administration, the National Energy Board of Canada, the International Energy Agency, the United States Geologic Survey, and the Bureau of Ocean Energy Management, Regulation and Enforcement.

				More than 80 energy and consultant companies received a request to complete a comprehensive resource, production, and supply chain survey/template.  More than 25 industry and consultant templates were returned, and then aggregated to maintain the confidentiality of the individual company’s proprietary data.  The aggregation resulted in 12 unique outlook cases compiled for this study.

				The current North America oil resource and supply situation is relatively straightforward.  Canada and Mexico are currently exporting oil into the U.S. markets and the only question is whether their resource base/supply capacity can continue to be meet internal demand while also enabling exports.  U.S. production, plus Canadian exports to the United States, have not been sufficient to meet the more than 20 million barrels a day that are consumed today.  Therefore, the analysis focused on whether the resource base and future production capacity could reach internal demand levels, and/or how large the domestic/import supply gap could grow to in the future.  The results suggest that North American production capacity will likely not grow fast or large enough to meet the growing needs for oil in the region.  

				The North American gas resource and supply situation has changed in recent years.  The industry’s relatively recent application of horizontal drilling combined with hydraulic fracturing has led to a greater understanding of the potential magnitude of the U.S. and Canadian recoverable resource base, now believed to have grown considerably (perhaps two and a half times or more over estimates from as recently as 2003).  In the last decade, there was a perception that domestic supplies could not meet internal demand requirements and significant volumes of LNG imports would be required to satisfy demand.  Thus, our goal was to assess if there are sufficient, affordable domestic gas resources that can be utilized to meet all potential demand scenarios.  The spread in demand outlooks for the gas (20 to 40+ Tcf/yr) reflect:

				
						Low side cases – low economic growth and/or curtailing energy use to minimize carbon emission and other environmental impacts

						“Mid” cases that reflect a historical percentage share in the overall fuel mix and moderate economic growth consistent with historical rates

						High side cases that contemplate increased penetration in the power and even transportation sectors.  This also would likely improve the resultant environmental impact for these demand growth scenarios and/or reduce the liquid import gap that has both economic and energy security advantages for the United States.

				

				The supply outlooks studied here seem to fall into three general types of future scenarios:  (1) There are constrained supply cases corresponding to a more stringently regulated industry environment, and/or curtailment of access/development of new opportunities;  (2) The vast majority of the outlooks (spectrum of “mid” cases) reflect iterations of industry, public, and government “business as usual” cases, where economic growth and product prices will be the primary determinants of market needs and investment in new supply;  (3) The high production cases will require considerable alignment among industry, government, and public stakeholders towards a common, shared, long term vision for the future direction of the energy sector.  

				The oil cases require significant long-term commitments to diversifying the portfolio of North American supply areas; early and increased data collection to understand the new play areas (some currently in moratoria areas); research and technology to assess the commercial viability and development of large Rockies unconventional oil resources; and a new long-distance pipeline network (targeting U.S. Gulf Coast refiners or for crude oil export to Asia Pacific via a Western Canadian facility/port) to support the growth potential of Canadian oil sand production.  

				The low and mid gas supply cases are likely to be driven by similar conditions to the oil outlooks described above; however, the high gas production scenarios are associated with natural gas serving an increasing gas share of the overall energy mix in the United States and Canada including in the power and transportation sectors.  We have assessed the industry requirements and fundamentals to achieve this possible paradigm shift for gas, and while we believe it is feasible from a resource base and industry capability standpoint, considerable alignment and cooperation between industry, government, and public stakeholders will be required to ramp up production rapidly and sustain 30 to 40 or more Tcf/yr production levels for future decades.  

				A Range of Assessments

				Given the wide range of assessments from diverse groups, made over a number of years and covering various geographic areas, developing a view of potential resources and development potential is a critical and complex process.  Confidence is gained by comparing resource estimates to better understand the data available and the input assumptions.  Those that assessed onshore oil may use different assumptions from those assessing offshore gas; those that made an assessment five years ago may have different data than an assessment done a year ago.  Furthermore, some assessments may include conventional and unconventional hydrocarbons while others may not.  The estimates and assumptions can be further verified by comparison with industry activity and performance.  A promising resource that attracts little interest or activity may be either optimistically assessed or activity is restricted because of policy or operational constraints.  Greater confidence in resource estimates leads to greater confidence in future energy supply’s potential from the different sources studied.  

				Estimating a future resource is challenged by the fact that most of the resource is hidden deep in the subsurface, often in deep water or even beneath Arctic ice.  Some areas have moratoria on drilling or the collection of seismic data such that even rudimentary estimates are difficult to achieve.  That said, much of the world’s thick sequences of sediments do contain oil and gas, and therefore, by analogue with producing areas, we can project at least the existence of oil and gas, if not their quantities even in unexplored areas.  Where known commercial accumulations occur we can identify additional, on-trend, undrilled features that are likely to be productive, but even here the full extent of the hydrocarbon province and accumulation sizes are far from precisely known.  In existing fields where the volumes of in-place oil or gas is better understood, there are complicating factors such as variations in permeability, communication with the borehole and reservoir energy issues that make the amount that is recoverable uncertain.  Industry activity and performance is another leading indicator of the underlying assumptions and fundamentals associated with the existing resource estimates.  In addition to these “below ground” uncertainties there are many “above ground” factors such as demand, cost, infrastructure, policy, environmental factors and the rate of technology development that may limit or enable the beneficial extraction of the resource.

				For these reasons, resource outlooks and forecasts vary on the nature and amount of available resources.  The tables and charts included in this section capture this uncertainty by stating ranges as observed in the data collection from academic, industry, and governmental sources.  The ranges attempt to capture 80% of the values presented; therefore, there are outliers that extend beyond what is shown here.  These ranges represent irreducible uncertainty due to the inherent variability of the assumptions rather than variations in fundamental data.

				These resource estimates are further qualified by observations of what the industry can do and is doing now.  These “resource–industry activity” comparisons have three categories:  

				1.	Robust resource estimate and demonstrated commerciality (for example: shale gas, Gulf of Mexico oil, oil sands and possibly tight oil).  Interrupting development of these resources means going to less robust, more technically challenging and more expensive resource types.  

				2.	Less robust resource estimate with limited or no industry access (e.g., Arctic, Pacific, Atlantic, and Eastern Gulf of Mexico).  These areas need sufficient study and data collection to understand their potential.  Seismic surveys and drilling will enable more accurate resource estimates, which may be much smaller or greater than currently known.  Industry first needs to fully demonstrate its readiness and capability to explore and develop that resource in ways that protect workers, safeguard the environment, and provide a positive return on capital.  Only when industry has won the confidence of government and public is this possible and, even then, may depend on other considerations of political process.

				3.	Least robust resource estimate, wherein industry has access but little activity (e.g., kerogen oil shale to oil, EOR using anthropogenic CO2, deep offshore gas).  These are more uncertain.  They may be the next big resource opportunity or they may always be just one step away from being a commercial reality.  Government and industry need to develop policies and technologies that increase the probabilities of these potential resources contributing to future production.

				From this analysis, it is likely that some resources will dominate early because of their abundance, access, availability, and relative cost, while others will play a supporting role and be available for later development.  Usually lower cost natural gas and oil resources are developed before moving to higher cost resources as lower cost sources are depleted, within the constraints of access and the availability of appropriate and cost-effective technology.

				Natural Gas

				With abundant supplies in the United States and Canada, North America is amply supplied with natural gas to meet domestic demand over the next several decades even at growing production levels.  This is largely driven by recent advances in horizontal drilling and hydraulic fracturing that have allowed gas to be extracted from shale and low permeability formations.  As a result of these advances, estimated future resources are large and growing.  Currently the range is 1,500 to 4,000 Tcf for the United States and 500 to 1,250 Tcf for Canada.  These numbers have grown rapidly in recent years (from 100s of Tcf) and may grow further as more of these new plays are tested.  This potential is being realized as seen in recent production increases.

				There may be opportunities to augment these supplies with Arctic natural gas if infrastructure is developed.  Another possible upside to gas supply may come from offshore exploration in the little explored moratorium areas and in the long term, methane hydrates.  Overall natural gas supply is driven by unconventional shale gas and tight gas (without these, natural gas production would still be in decline).  But other important resources will be important contributors in the longer term.

				Crude Oil

				Oil production has been in long-term decline, but Canadian oil sands, deepwater Gulf of Mexico oil, and, with less certainty, tight oil could help slow or even arrest the decline as seen over the last year or two.  Onshore U.S. conventional discoveries peaked in 1938 and the industry has adapted by moving to the Arctic, offshore, oil sands and now tight oil.  Oil sands have the largest upside, as only 70 of the 170 billion barrels of oil potential are currently under development.  

				Additional oil resources may come from enhanced oil recovery.  For example, the 35 to 80 billion barrels of oil onshore U.S. is largely due to new advances in EOR.  A larger and longer-term upside resource may come from heating kerogen shale deposits (sometimes called oil shale).  This requires heating the rock to accelerate maturation of organic material and converting it to oil and gas.  

				Crude Oil

				Resource Estimates

				The United States’ oil resource base has increased over time due to technology enhancements and a greater understanding of new “frontiers.” The U.S. oil in place endowment (the broadest possible definition of the resource) for conventional reservoirs is about 11% of the world’s total, while the country’s unconventional reservoirs are 23%.  Adding in Canada’s unconventional bitumen endowment, thought to be in excess of two trillion barrels, would increase this percentage.  

				While U.S. crude oil production peaked in the early 1970s at around 9.6 million barrels per day, except for the start-up of Prudhoe Bay and periods of high oil prices, it has been on a downward slope (44% from the peak) since 1985 (Figure1-7).  In total, the United States imports about half its petroleum liquids consumption of nearly 20 million barrels per day – equivalent to about a quarter of the world’s liquid demand.
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				Current and recent data and studies indicate that the remaining North American resource base is likely to be in excess of 500 billion barrels.  

				In the U.S. resource base table (Table 1-1), we have included three industry cases that represent the range of remaining resource estimates received from industry, plus the most recent EIA-released data, as of the time of this study.  The industry’s assessment of the United States’ remaining resource base ranged from 106 to 270 barrels, which is almost entirely contained in conventional reservoirs at this point.  The United States’ remaining technically recoverable conventional resources are only 6% of the world’s total.  The United States has produced about 200 billion barrels of its original oil in place.  To date, that is about 17% of all oil produced in the world.  There are still remaining North American resources that can provide significant recoverable totals if technical and environmental issues can be addressed (Table 1-2).  
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				The largest remaining North American oil resource potential is the unconventional Canadian oil sands (150–300+ billion barrels of recoverable resources) and U.S. Rockies shale kerogen plays (over 1 trillion barrels in place).  The U.S. unconventional Rockies oil plays, while having significant in place volumes, need considerable research, experimentation, technology advancements, and the resolution of above ground environmental challenges before technically recoverable resources can be realized.  Moreover, these issues all need to be addressed to assess the commercial viability before proceeding with large-scale production projects that could materially impact the oil supply situation.  This is not expected until after 2030.  

				In 2010, Canadian oil sands were already contributing around 1.5 million barrels per day and could grow to over 5 million barrels per day out beyond 2030, which could represent approximately 40–50% of all U.S. and Canadian crude oil production.  Infrastructure expansion to transport this heavy crude to suitable upgrading facilities and refineries will be necessary to achieve these large growth aspirations.  

				The Gulf of Mexico is a world-class petroleum system with approximately 50 billion barrels of remaining potential.  A considerable amount of this potential is located in the lower permeability, Paleogene play (with commercial viability/attractiveness still uncertain) and in a number of new play types that have less overall total potential than the current Miocene deepwater play.  The Miocene play producing fields are the largest contributors to the current 1.5million barrels per day production level in the Gulf of Mexico.  Future supply outlooks from the Gulf of Mexico range from 1 to 3 million barrels per day and largely reflect the uncertainty regarding industry drilling activity levels and acreage availability in future lease sales that has arisen since the tragic Macondo oil spill in the deepwater Gulf of Mexico.  While there is significant near- to mid-term potential in other lower-48 offshore areas (e.g., world class petroleum system – offshore California) and the U.S. and Canadian Arctic (80–100 billion barrels overall), new regulatory and permitting requirements plus acreage access will drive activity levels in these areas.  

				Finally, the liquid-rich areas in the shale plays and the Bakken/Three Forks and Monterey tight oil reservoirs have been actively pursued by industry over the last five years.  Production has grown to around 400 thousand barrels a day from these plays.  The current resource assessment of the tight oil plays is 6–34 billion barrels.  Production levels could grow significantly, to 2–3 million barrels per day in the future.  Additionally, it is still unclear how much crude oil and condensate versus natural gas liquids will ultimately be recovered from the shale gas plays.  The individual crude oil and condensate production rates for new wells are relatively low after the steep initial decline in the first year of production; however, they are profitable and contributing to growth in the lower-48 onshore sector.  As the U.S. onshore conventional oil field production levels continue to decline, the increased “tight oil” activity may partially offset this decline in the next 10 to 20 years.  

				The only other area that could contribute material volumes to offset natural field declines in the mature U.S. lower-48 onshore, which is producing around 3 million barrels a day, is from enhanced oil recovery resulting from injecting carbon dioxide (CO2) into the reservoir.  The industry has been successful in recovering additional oil from older fields by applying this technology and utilizing natural sources of CO2.  There is considerable debate as to how much additional oil can be recovered from the fields that haven’t been flooded with CO2 as some of these are not suitable, while others are currently not “connected” to a natural source of CO2, requiring infrastructure development in these fields.  While anthropogenic (man-made CO2) capture, transportation, injection and storage for enhanced oil recovery is another potential source of CO2, there is significant uncertainty regarding the cost of supply, regulatory requirements, and construction of new onshore CO2 pipelines necessary for commercial project viability.

				More detail on the regional and play-type oil resource profiles can be found in oil-related topic papers, including Topic Paper #1-2, “Data and Studies Evaluation,” available on the NPC website.

				Production Outlooks

				In addition to published outlooks, the Data and Study Analysis Team obtained a wide range of industry and consultant views on oil resources and production supply capacity to develop its outlook on production.  In this section, we examine both government and industry outlooks and assumptions to provide perspective on the future.

				The total U.S. production volumes in the EIA reference case and the industry mid case were relatively similar by 2035, as seen in Figure 1-8.  The industry/consultant mid case oil total production forecasts were lower by 1 million barrels per day than the EIA’s Annual Energy Outlook (AEO) 2011 forecast in 2035.  Consequently, the industry’s oil production compound average growth rate (CAGR) from 2009 until 2035 was 0.1% versus 0.3% in the AEO2011 Reference Case.  Generally, the industry’s median case showed lower growth for the onshore sector than the EIA’s reference case.
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				The industry was more bullish for the offshore; however, there is uncertainty regarding assumptions for future activity levels in the offshore (lower-48 and Arctic) following the Macondo oil spill in the deepwater Gulf of Mexico in April 2010.  The 2011 EIA reference case and industry views were relatively similar for growing production in the Arctic.  This likely represents general alignment on the relatively high supply costs anticipated for future exploration and development projects in the Arctic and the perceived challenges associated with offshore drilling.  

				The industry’s high case U.S. production levels were significantly greater than the EIA’s AEO2011 reference case, with a 2.3% CAGR.  In this case, industry cited big production gains in Alaska and offshore, no doubt based on the assumption of increased acreage access in areas that are currently under moratoria.  Consultant studies on the behalf of various U.S. government agencies suggested there are between 30 and 50 billion barrels that are inaccessible to industry.  Finally, we also compared the range of industry cases with the IEA World Energy Outlook Current Policies case.  The IEA production output levels generally coincided with the low industry case.  

				NGL production may be an increasingly important source of liquids produced in the United States and Canada, particularly as shale gas focused companies shift activity towards some of the more liquids-rich gas plays.  The Data Study Analysis Team obtained some industry/consultant U.S. NGL outlooks.  The industry’s mid (2.3 million barrels per day) and high (2.9 million barrels per day) forecasts in 2030 span either side of the AEO2011 forecast of 2.7 million barrels per day, while the industry’s low (2.0 million barrels per day) forecast is relatively flat through 2030.  

				The study team received a wide range of industry/consultant views regarding future Canadian oil production.  The industry mid case oil total production forecasts were lower than EIA’s forecast, and also below IEA’s forecast total in all years.  At 1.9%, industry’s median Canadian oil production CAGR from 2009 until 2030 was just slightly less than IEA at 2.0%, but well below the EIA’s Reference Case Canadian oil production CAGR at 2.9%.  The industry/consultant high scenario provided a 2.8% CAGR, just below EIA’s reference case CAGR estimate.  In all the cases, conventional oil production from the onshore and offshore was projected to decline due to the high field decline rates and relatively small remaining potential in both Western Canada and the offshore (Atlantic).  Moreover, no significant production was anticipated in the Canadian Arctic, probably a result of the high supply cost of these large, remaining resources, along with the absence of infrastructure or cost-effective transportation mechanisms to get these remote resources into the marketplace.  

				The major differences between the cases in Figure 1-9 are predominantly due to the range of production levels for the Canadian oil sands.  The industry’s median case is only 3.6million barrels per day – a significant 600 thousand barrels per day below the agency forecasts of commercially available resource plays in North America.  Even the industry’s high case at about four million barrels per day is below both the EIA and IEA cases at 4.2 million barrels per day.  Clearly, industry is more conservative about overcoming the above ground challenges to rapidly increase production, especially in light of the additional pipeline infrastructure that will be required to either bring additional volumes down the refiners on the U.S. Gulf Coast (e.g., the currently proposed Keystone XL project) or consider exporting crude oil to Asia Pacific, which would require a new infrastructure network from Alberta to the Canadian west coast, and export facilities.
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				In summary, the future of North American future oil supplies in the near to medium term is heavily dependent on the U.S. offshore (40–100 billion barrels “economically” recoverable resources) and Canadian oil sands (150–310 billion barrels of “economically” recoverable resources).  Existing oil production from Alaska also delivers a significant near-term contribution amounting to over 10% of U.S. crude oil production, and maintaining this production has an important role in the time until Arctic exploration can deliver new oil supply.  Production from EOR, tight oil, shale oil, and liquids from coal or natural gas will contribute some growth volumes.  More importantly, if U.S. federal government regulation prevents access to the U.S. offshore resources, or constrains transport of Canadian oil sands production, then North American oil production could decline.

				The U.S. and Canadian combined total conventional oil production (Figures 1-10 and 1-11) has undulated from 8.4 million barrels per day in 1995, to 7.5 million barrels per day in 2005, to 8.1 million barrels per day in 2010.  The EIA is forecasting that conventional oil sectors will slowly trend down to 7.3 million barrels per day in 2035.  However, EIA shows Canadian oil sands production growing significantly and driving total North American oil production to over 11 million barrels per day by 2035.  When comparing EIA’s U.S. and Canada oil production forecast with IEA’s and the industry’s, the EIA case is the most optimistic, with the exception of the industry’s high case.  The IEA is forecasting 2030 U.S. and Canadian production 1.5 million barrels per day lower than EIA.  The industry’s median case ends up being about the same in 2030 as IEA’s, whereas its low case forecasts only 7.3 million barrels per day, a full 3.6 million barrels per day lower than EIA’s forecast.  
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				Natural Gas

				Resource Estimates

				Historically, North American gas production has generally kept pace with growing consumption requirements.  Canadian production has continued to exceed demand, while just in the past decade the United States and Mexico have received LNG imports in addition to the pipeline gas from within North America to supplement their domestic supply base.  As a result of drilling technology advances and the emergence of the recent “game changing” shale gas plays, the gap between U.S. demand and production is closing rapidly and likely to reduce greatly the future need for LNG imports (see Figures 1-12 and 1-13).  
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				North America contains both conventional and unconventional oil and gas resources.  Until the last decade, most oil and gas resource estimates largely included conventional in place and recoverable volumes.  The vast majority of historical production from North America has been from conventional reservoirs and our understanding of both the in-place and ultimate recoverable volumes is more mature than for unconventional accumulations.

				While the size of the North American conventional resource base is relatively well understood, our knowledge of the unconventional gas endowment is growing rapidly given increased industry activity and focus on shale and tight gas.  The gas assessments of the ultimate, technically, commercially, remaining recoverable resource base for both Canada and United States vary considerably (Table 1-3).  This is largely a function of the vintage of the assessments and whether they included the most recent data and insights from the unconventional gas sector, especially shale gas.  The ultimate remaining recoverable resources for the United States ranged from 1,000 to 4,500 Tcf of gas, while Canada ranged from 500 to 1,250 Tcf of gas.  The United States has produced around 1,140 Tcf, which suggests it has consumed around 20 to 40% of the total domestic gas endowment based on the range of collected data.  Canada has produced around 175 Tcf, which is around 10% to a quarter of its total gas resource base.  If Canada used its domestic supplies for only internal demand requirements at current consumption rates, this would be equivalent to 140 to 360 years of domestic supply.
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				The U.S. conventional, remaining recoverable resource base is approximately 25 to 40% of the total remaining natural gas volumes in the United States and ranges from 515 to 1,160 Tcf of gas.  The current EIA (2011 reference case) assessment of over 1,000 Tcf of gas is at the upper end of the industry estimates and may suggest a difference of views regarding the technical and commercial viability of some of the remaining conventional resource base.  The EIA and industry have a relatively similar view of the conventional onshore, with the low and mid cases for industry ranging from 215 to 290 Tcf and the EIA (2011 reference case) was 290 Tcf.  This is probably the most mature exploration and production area in North America.  The industry remaining recoverable resource range for the offshore region was 160–375 Tcf and the EIA (2011 reference case) was at the upper end at 320 Tcf.  The vast majority of the remaining resources are located in the Gulf of Mexico with estimates ranging from 200 to 300+ Tcf, with the Pacific and the Atlantic Coast each around 20 to 30+ Tcf.  The 2011 EIA reference case had the highest estimate of the Arctic remaining recoverable gas of 418 Tcf, which exceeded the industry’s range of 130–345 Tcf and the Potential Gas Committee (2008) assessment of 194 Tcf.  The largest remaining recoverable resources in the Arctic are located in the Alaska North Slope and include the approximately 35+ Tcf already discovered, plus additional exploration and growth potential bringing the total potential to over 100 Tcf.  The Chukchi Outer Continental Shelf (OCS) (~90 Tcf), Beaufort (~30 Tcf), and Bering Shelf (~20 Tcf) also may contain material gas resources.  Finally, various consultants (ICF International 2008, Science Applications International Corporation/Gas Technology Institute [SAIC/GTI] 2010), at the request of the U.S. government agencies, have estimated between 100 and 300 Tcf of the remaining recoverable gas in the United States is located in moratoria areas, with 100+ Tcf in the lower-48 offshore and onshore (largely Rockies) and up to 20+ Tcf in the Arctic.  The offshore and Arctic gas resources that have so far been estimated in the moratoria areas are all in conventional reservoirs.

				The United States’ unconventional, remaining recoverable resource base is around 60 to 75% of the total remaining gas volumes in the United States and ranges from 990 to 2,305 Tcf of gas.  The most recent EIA estimate for remaining unconventional recoverable gas is over 1,000 Tcf with industry’s mid scenario around 1,400 Tcf.  

				The U.S. lower-48 is estimated to have in-place coalbed methane resources of 700Tcf, of which the remaining, economically resource base ranges from 70 to 150 Tcf with an expected value/most likely estimates of 100–120 Tcf.  Coalbed methane is a relatively small component of the total unconventional gas resource base.  The vast majority of the coalbed methane recoverable resources are located in the Rockies (50–90 Tcf) in the San Juan and Powder River basins; with the East Coast, Gulf Coast, and Mid-Continent regions ranging from 5 to 10+ Tcf each.

				The tight gas remaining recoverable resources in the EIA 2011 reference and mid industry scenarios are around 350 Tcf, with a range of 200 to 520 Tcf.  Approximately 120 Tcf of tight gas has been produced, which leaves anywhere from 65 to 85+% of the resource base that is yet to be developed and can contribute significant annual supply volumes towards future North America gas demand.  The largest remaining resources are in the Rockies (with expected value/most likely estimates around 200+ Tcf), largely in the Greater Green River, Uinta, Piceance, and San Juan basins.  There is also material (in excess of 50+ Tcf) resource potential in the Gulf Coast (e.g., Mesozoic plays in East Texas and South Texas Tertiary plays), East Coast (e.g., Appalachia), and Mid-Continent (e.g., Granite Wash) regions.  

				U.S. shale gas is a potential game changer, with most recent industry resource estimates ranging from 700 to 1,800 Tcf (Table 1-4), with the EIA reference and industry mid case at about 1,000 Tcf (Table 1-3).  Shale gas has been the predominant driver in renewed optimism about the U.S. gas resources and supplies for the future.
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				The Canada conventional, remaining recoverable resource base is approximately a third of the total remaining gas volumes in Canada and ranges from 230 to 415 Tcf of gas (see Table 1-3).  The industry mid scenario and the NEB (reference) cases were very similar (approximately 325 Tcf).  The range for the offshore region is relatively narrow at 85–105 Tcf and almost all of the resources are located in the Atlantic.  The range for the onshore region for the industry scenarios was 100–185 Tcf, with relatively close agreement between the industry low and mid cases with the NEB reference case of 115 Tcf.  The remaining onshore gas volumes are located almost entirely in Western Canada.  The greatest uncertainty for the conventional sector lies in the Arctic region.  The NEB estimate of 116 Tcf was at the high end of the industry range of 45–125 Tcf.  The Arctic areas identified with the largest remaining potential include the Mackenzie Delta/Canadian Beaufort (~60 Tcf) and the Arctic Islands/ Sverdrup Basin (~35 Tcf).

				The Canada unconventional, remaining recoverable resource base is approximately two-thirds of the total remaining gas volumes in Canada and ranges from 270 to 840 Tcf of gas.  The NEB and industry believe there is around 150 Tcf of remaining recoverable resources in coalbed methane and tight gas reservoirs in the mid/reference cases.  Additionally, the incremental upside for coalbed methane plus tight gas in the industry high scenario was less than 100 Tcf.  These plays types are located almost entirely in Western Canada close to the existing infrastructure network.  

				Canadian shale gas is another potential game changer.  The industry estimate of remaining recoverable resource potential estimates of 200–600 Tcf could be almost half of the remaining gas resource potential for Canada.  These plays are in the early development phase and thus we can expect the “mean” or most likely values and the range to be better delineated as we get additional well and production performance data over the next decade.  Whereas in conventional reservoirs where as much as 95% of the natural gas can be recovered, the ultimate recoverable volume from shale reservoirs may reach up to 20–30% of the in-place resource, with recovery from some less rich reservoirs down below 10%.  Cretaceous, Jurassic, Triassic, Mississippian, and Devonian shales are potential targets with the largest resource potential located in Western Canada.  

				In summary, the outlook for North America natural gas production has changed dramatically in just the past few years.  The gas resource base in both the United States and Canada is believed to have increased significantly and will have profound impacts on the North American energy market from an economic, energy security and environmental standpoint.  The gas resource base does not appear to be a limiting factor on bringing new North American supplies to market.  Estimates of technically recoverable shale gas are highly likely to change over time as new information is gained through drilling, production, and technological and managerial development.

				Production Outlooks

				Only in the most optimistic, high-side cases were the outlooks for U.S. conventional production levels forecast to increase above the current 10 Tcf/yr (Figure 1-14).  The amount of new conventional gas wells required to simply maintain production levels continues to increase over time and industry has been focusing its capital in lower cost and/or higher productivity wells in other sectors (e.g., unconventional and offshore supply regions).  Recent exploration discovery sizes have been small, wildcat success rates have been low, and much of the remaining resource potential is in small field fractions in the U.S. lower-48 onshore conventional sector.  
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				There is a wide range in the future productive capacity of the lower-48 offshore, with current production levels of around 2.5 Tcf/yr falling to 1.5 Tcf/yr in 2035 in the low-side cases and rising as high as 3.2 Tcf in the high-side cases.  While initial flow rates from offshore wells can exceed 50 million cubic feet per day (MMcf/d), these wells have steep decline rates and thus active drilling programs to replenish supplies are needed to maintain and grow production.  We interpret the outlooks for decline in U.S. lower-48 offshore production levels in the cases we collected from industry to reflect concerns about the resumption of historical drilling activity levels in the Gulf of Mexico and the timing of access to new areas in the Gulf, Pacific, and Atlantic.  

				The Arctic (Alaska) region currently is producing less than 0.3 Tcf/yr; however, there are considerable discovered (in excess of 35+ Tcf) and additional undiscovered resources that could supply in excess of 2+ Tcf/yr if the necessary infrastructure was in place to move gas into the U.S. lower-48 markets.  As with the Mackenzie project in the Canadian Arctic, the timing of the Alaska pipeline project continues to slip and most outlooks now question whether these supplies will be entering the market before 2035, a major deviation from past studies that foresaw Arctic gas online as early as this decade.  

				By the 2020s, more than 60% of the total U.S. gas supplies are likely to come from domestic, unconventional resources.  The studies indicate that the smallest unconventional resource contributor will be coalbed methane, with current production levels around 2 Tcf/yr, and future production capacity ranging from 1.5 to 2.5 Tcf/yr by 2035.  Three quarters of the current production is from the Rocky Mountains, with the lion’s share from the San Juan and Powder River basins.  The majority of regional data for the coalbed methane sector suggested the approximately 0.5 Tcf/yr of production from the Gulf Coast, East Coast, and Mid-Continent regions will likely be difficult to sustain till 2035.  The vast majority of the remaining resource potential is situated in the Rockies.  The San Juan and Powder River basins have been producing for more than 25 years and most of the readily accessible resources have been developed.  Coalbed methane developments are not without above ground challenges, including the disposal of water removed from the producing wells, the surface footprint/impact on landowners and local communities and unintended loss of methane into the atmosphere (e.g., underground mining).  Fortunately, these issues can be monitored and have been managed to minimize their impact.  Industry and the government agencies continue to evaluate new technologies and approaches to protect the environment and maximize operational best practices.  

				Tight gas reservoirs are currently producing more than 6 Tcf/yr and almost all the outlooks indicated that supplies could grow from this sector.  Although the lowest cost, tight gas “sweet spots” have been developed, there are still considerable field in-fill and additional exploratory opportunities that can be pursued and relatively easily tied into the existing regional infrastructure.  In 2008, the Rockies and Gulf Coast each produced around 2 Tcf/yr, while the Mid-Continent contributed around 1 Tcf/yr.  Most outlooks anticipate Gulf Coast tight gas production will decline in the future, with the largest possible increases by 2035 from the Rockies.  Operators have been actively developing tight gas fields for over 10–15 years and working with the government (state and federal) agencies and local communities to address issues that arise.  The primary focus area is continued environmental protection, with water use and management being the most pressing issue from industry, public, and government perspectives.  

				U.S. and Canadian tight and shale gas are likely to make up more than 60% of the remaining total resource base and will be the driver for gas production growth and energy self sufficiency/security objectives in the future.  U.S. shale gas production has grown from about 1 Tcf/yr in 2006 to currently in excess of 4 Tcf/yr.  Continued shale gas exploration and development over the next 5–10 years will help further reduce the current uncertainty over the long term for the U.S. and Canadian resource base.  While conventional, coalbed methane and tight gas developments are becoming increasingly costly and/or complex, “lower” cost shale developments provide potential to grow U.S. and Canadian production.  If the higher-end recoverable resource estimates are affirmed, a robust production plateau can be maintained for many decades.  In the mid and high industry cases in Figure 1-15, shale gas production is anticipated to grow to more than 10 Tcf/yr by 2035.  The main challenges associated with large-scale shale gas developments are potential concerns about water use/management associated with the hydraulic fracturing applications required to produce commercial quantities of gas from shale reservoirs, and other surface impacts.  
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				In all cases studied, the Canadian onshore conventional sector production output is expected to decline over the next 20 years (see Figure 1-16) and continue the trend of declining production (in excess of 1 Tcf/yr) over the last 10 years.  These supplies are almost entirely in Western Canada, and we anticipate industry will continue to maximize ultimate recovery from these plays; however, most new additions will be small pool sizes around existing fields or infill drilling projects.  The rate of decline in the existing reservoirs/fields in Western Canada is greater than 10% per annum.  Without large, new discoveries, it will be impossible to reverse this trend.  Deep, high pressure, and/or sour gas remaining resources/opportunities are likely to be higher cost developments and may not attract investment in light of lower cost unconventional plays in the area.  
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				Future gas production capacity from the Canadian offshore (Atlantic) is believed to be relatively small (less than 0.2 Tcf/yr).  Unless large new discoveries are made in the Atlantic (e.g., Orphan basin), this area is unlikely to have a material impact on Canada’s conventional production capacity.  

				The only area that can provide substantive new conventional gas volumes is the Canadian Arctic; however, there is considerable diversity of views as to when this generally “higher” cost gas will enter the market.  The anticipated Mackenzie gas project timing has slipped considerably since the first NPC North America gas study in 1999, largely a result of the challenges associated with building a large export pipeline from the discovered fields (with significant follow-up potential in the Arctic) to existing Western Canada infrastructure.  

				Unconventional gas production is expected to offset the overall decline for the conventional sources in Canada (Figure 1-17).  Shale gas is the potential game changer and is anticipated to grow from the 0.1 to 1.5 Tcf/yr (low) to 2.4 Tcf/yr (high) by 2030.  Coalbed methane production is anticipated to be between 0.3 Tcf/yr and 0.6 Tcf/yr in the above scenarios by 2030.  While it is difficult to distinguish the transition from conventional to tight and shale gas reservoirs in Western Canada, the perception is that there is more remaining resource potential to exploit tight and shale gas in the study time frame than conventional sources.  
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				All the outlooks collected indicated that Canadian gas production will exceed even the largest internal demand requirement scenarios (up from 2.8 to 4 Tcf/yr), and, therefore, the main driver for Canadian output will be “pull” from the United States and other export markets.  Most outlooks suggested that without shale gas and in some instances Arctic gas production, Canadian gas production is likely to continue its decline from historical levels.  Both the industry “mid” and reference cases indicate that Canadian conventional, tight gas, and coalbed methane supplies would likely decline to around 4 Tcf/yr by 2025.  The industry view was more optimistic about the contributions likely from shale gas plays, whereas the NEB saw the Arctic gas and pipeline coming into play earlier than industry.

				The combined outlooks from all sources for U.S. and Canadian production potential over the next two and a half decades (as seen in Figure 1-18) indicate reasonable scope for continued growth in production to the high 30s Tcf level.  Clearly, actual growth rates will depend just as much on market factors as on supply potential, but the outlooks show there would be scope for supply to support quite significant market expansion, which would bring economic and energy security as well as greenhouse gas benefits.  
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				Development Challenges and Enablers

				While the gas base resource is large, there are challenges to delivering U.S. and Canadian gas production growth.  A long-term approach is necessary to address the energy trade-offs that will provide the optimal solution for North America’s energy future.  Following is a brief discussion of these challenges at various stages along the value chain.  All were identified by respondents to the confidential data survey as issues of concern.  A typical development path is outlined in Figure 1-19.
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				Resource Access is essential to sustaining and growing production.  Since most unconventional gas plays are on private rather than government held acreage, several issues pertain: many conventional offshore opportunities in the lower-48 states and Alaska are currently not available to industry; recent proposed lease sales in the Gulf of Mexico have been delayed and cancelled in the Alaska OCS; and the lease “expiry” clock is winding down on currently held acreage.  Consultant studies done on the behalf of the various U.S. government agencies have estimated that between 100 and 300 Tcf are currently in moratoria areas inaccessible to industry.  

				Opportunity Identification/Research & Technology Development is the enabler to unlock future opportunities.  Industry will typically focus its resources (people, funding) in the areas it believes will have the most commercial impact.  For example, although the Atlantic, Pacific, and some Arctic offshore is currently inaccessible, modern methods of seismic data collection and interpretation would help improve our understanding of their resource potential and the commercial viability of these areas, which can only help shorten the time between opening them up and the production of oil and gas.

				In the E&P Project Planning and Execution area, permitting and compliance with all regulatory requirements is becoming increasingly difficult and time consuming.  In the offshore sector, industry is actively seeking to begin operating again in the Gulf of Mexico deepwater and pursue exploratory activities on leases in the Arctic.  However, significant delays are being encountered, likely delaying future production volumes.  A timely solution is needed and cooperation between government officials, industry, and the public that can accelerate resolution to this challenge would be welcomed.  

				Since an increasing share of future production will be from shale and tight oil and gas opportunities that require hydraulic fracturing, all permitting/operational/regulatory concerns regarding unconventional gas and tight oil must be addressed in a timely manner to continue allowing volumes to grow from these large resources.  Water cycle management is one of the most important focus areas that will enable exploratory and development activities.  In addition to providing a clear, timely process to drill and complete wells, industry and other stakeholders should continue to explore innovative ways to reduce water use and improve recycling and disposal technology/practices.  Additional surface, air, and other areas are being studied by industry and government agencies.  However, there is a need to apply the most cost-effective solutions that help reach an optimal balance for economic, environment, and energy security considerations.  

				Industry Capacity needs to be evaluated on a total energy system basis, since increased activity in any one sector or area may only result in a shift in resources, rather than a material increase in the oil and gas industry’s ability to grow total supplies.  

				As originally noted in the 2007 NPC Hard Truths report, the oil and gas industry is facing a considerable human resource challenge.  Nearly 50% of the workforce will be eligible for retirement in the next 10 years and fewer university graduates have entered the workforce over the past generation.  Industry and government have roles to play in helping to rebuild the science and engineering capabilities and communicating the benefits of employment with oil and gas companies.  An increased focus on training younger employees is essential, especially if activity levels continue to increase, with an emphasis on operational best practices, safety and environmental protection in order to address the retirements of many highly experienced industry personnel.

				While growth in the gas sector can be partially offset by shifting resources from other parts of the industry, the system could become stretched or incapable of meeting a high growth scenario in the unconventional gas and tight oil areas, Canadian oil sands, expansion of E&P in the offshore and Arctic, and finally resource intensive plays like oil shale in the Rockies.  Growth in all these areas would put a large strain on people, materials, and equipment.  

				Industry/Government/Public Cooperation can be the linchpin to work through obstacles and/or challenges to our energy future.  The most rapid and effective way to resolve issues is to work together to understand the fundamentals; quantify the benefits and concerns; openly discuss the trade-offs with all concerned stakeholders; and then jointly support and proceed with a “solution” to accelerate energy “gains” (that should include increased efficiency/reduction in energy use, increased supply, increased environmental protection, and increased energy security).  

				One way to improve the data sharing and knowledge of the fundamentals would be to work through existing organizations to develop a more systematic process for governments, industry, and public to collect, discuss and share data that would be kept in a well-managed repository.  Improving full-cycle, energy value chain modeling (tools, data, interpretation, and workshops) could expand a more rounded discussion of alternative energy visions, strategic directions, and overall energy policy options.  Periodic studies by the industry, government committees, and public institutions are both helpful and useful.  

				PROSPECTS FOR NORTH AMERICAN OIL DEVELOPMENT

				Overview

				Both the United States and Canada are major oil resource-holding and -producing countries on a global scale and have been for many years.  However, since the United States is also a large oil importer, the focus of attention has been on reducing imports and improving energy security by demand-side measures, such as efficiency standards for vehicles, rather than supply-side measures, such as enabling domestic oil supply development in new areas.  This section of the report sets out the opportunities for continued North American oil development and production activities at scale.  Major producing areas now contributing significant volumes of crude oil to North American supply are profiled, such as the offshore Gulf of Mexico, the Alberta oil sands, and the multiple producing basins focusing on conventional oil distributed across the United States and Canada.  Opportunities for sustaining and growing these sources are examined and assessed.  In addition, emerging and new sources of crude oil in the region are examined.  These include new exploration in the Arctic regions of the United States and Canada, the emerging tight oil plays, the potential from offshore zones where access has been under development restrictions, and the potential emergence of new unconventional oil sources such as U.S. oil shale.  Each major heading in this section describes one segment of this portfolio of current and future oil supply, and includes an overview of the context and production history, where applicable.  Also included are the key technologies required for development, the potential production pathways to 2035 and beyond, and an outline of the key findings.  The section concludes with an overview of the crude oil pipeline network required to deliver this supply to market.  Each of these topics is described in more detail in the topic papers to this report, available on the NPC website.

				Offshore

				Development and Production History and Context

				U.S. Lower-48 Offshore

				Offshore oil and gas development and production have been on the rise in North America over an extended period.  In the U.S. lower-48, federal OCS oil production has increased its contribution to total U.S. production from less than 1% in 1954 to more than 30% in 2009.  The expansion of offshore development and production is ascribed overall to technological progress keeping pace with more challenging offshore environments leading to larger field discoveries in ever-increasing water depths.  

				Currently, U.S. lower-48 offshore oil and gas production is restricted to the Gulf of Mexico, with a minor contribution from the Pacific OCS region (about 4% of U.S. offshore production).  Much of the Eastern Gulf of Mexico is expected to be restricted to drilling until the year 2022, and the Pacific and Atlantic OCS areas were restricted from leasing consideration up until 2008.  For the purposes of this study, oil and gas development on the Alaska OCS is included as part of the Arctic region, rather than in the U.S. offshore region.

				From its beginning in late 1940s, the U.S. federal offshore oil and gas industry has grown tremendously.  In 1954, federal offshore crude oil and condensate production was around 2.5 million barrels or nearly 7,000 barrels per day.  That figure peaked at around 600 million barrels in 2002 or 1.64 million barrels per day, accounting for 29% of total U.S. crude oil and condensate production.  A surge in Gulf of Mexico deepwater oil production led to an increase of OCS crude oil production to around 591 million barrels in 2009 or 1.62 million barrels per day; accounting for 30% of total U.S. oil production.  Figure 1-20 shows offshore oil production as a percentage of total U.S. production from 1960 to 2010.  
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				The move to deep water was made possible by continuous advancements in technologies that permitted drilling and development in these environments.  Examples of these advancing deepwater technology “firsts” in the Gulf of Mexico include the first fixed platform, “Cognac” installed in 1979 at water depth of 1,023 feet, while the tallest steel jacket “Bullwinkle,” considered the economic limit for this fixed platform type, was installed in 1989 at water depth of 1,353 feet.  The first tension leg platform, “Joliet” was installed in 1989 at water depth of 1,760 feet, followed by “Neptune,” the first Spar/Subsea platform installed in 1997 in a water depth of 1,930 feet.  On the ultra-deepwater front, Herschel/Na Kika/Fourier was the first Floating Production System installed in water depth of 6,950 feet in 2003.  The first Floating Production Storage and Offloading system in the Gulf of Mexico is scheduled for first production in 2011 at the Cascade and Chinook prospects in 8,800 feet of water.  According to the Minerals Management Service (MMS) report on deepwater Gulf of Mexico, in February 1997, there were 17 producing deepwater projects, up from only 6 at the end of 1992.  Since then, industry has been rapidly advancing into ultra-deepwater, and many of these anticipated fields have commenced production.  At the end of 2008, there were 141 producing projects in the deepwater Gulf of Mexico, up from 130 at the end of 2007.[2]

				In March of 2010, Shell started production at the Perdido Spar complex in the Western Gulf of Mexico, and overtook the Independence Hub by setting the record for production in the deepest water.  Moored 170 miles offshore in 7,817 feet of water, with subsea wells in up to 9,627 feet of water, peak production should achieve 130 thousand barrels of oil equivalent per day.

				Development of the deepwater frontier (water depth greater than 1,000 feet) is responsible for increasing overall OCS crude oil and natural gas production since 2000.  In fact, the year 2000 marks a transition from predominantly shallow water oil production to deepwater production.  In 2000, annual deepwater crude oil production amounted to 271 million barrels, while shallow water production was 252 million barrels.  By 2007, annual crude oil production from the shallow water had dropped to 140 million barrels while in deepwater regions of the Gulf of Mexico production rose to 328 million barrels.  Since 2005, the deepwater Gulf of Mexico has contributed about 70% of the total Gulf of Mexico OCS crude oil production.  This trend is expected to continue as more discoveries and drilling activities occur in the deepwater and ultra-deepwater areas of the Gulf of Mexico.

				Given this history, the deepwater area of the Gulf of Mexico represents an important part of U.S. oil supply, and it is viewed as one of the most important world oil and gas provinces.  All this has been made possible by means of technological breakthroughs that have allowed oil and gas companies to operate out in these harsh and challenging environments.  The advent of drill ships capable of drilling in water depth up to 10,000 feet and deeper reservoirs, along with the subsea completion technology and the Hub system have greatly contributed to the expansion of offshore oil and gas development and production.  Subsea tieback technology coupled with innovative subsea technology also increase the ability of the industry to develop and produce more oil and gas in fields that would not otherwise be economical.  Accounting for approximately 290 productive wells in deep water, subsea systems continue to be a key component in the success of the industry in deepwater regions of the Gulf of Mexico.

				Additional development potential exists in areas that have largely been under exploration and development moratoria for most of the past two decades, in particular the Eastern Gulf of Mexico and the Atlantic and Pacific OCS.  Estimates of the undiscovered technically recoverable resources of crude oil in U.S. offshore moratoria areas vary from 18.2 to 63.0 billion barrels.  In contrast, the BOEMRE mean estimates of total U.S. lower-48 offshore undiscovered technically recoverable oil are 59.3 billion barrels.[3] Although these estimates include a wide range of assumptions, their sheer magnitude demonstrates that a significant resource base remains available for future offshore oil production.

				Canada Offshore

				In Canada, offshore hydrocarbon production comes exclusively from its Atlantic margin, with natural gas and oil being produced in Nova Scotia and Newfoundland offshore.  

				In offshore Newfoundland, production in the Jeanne d’Arc Basin of the Grand Banks started in 1997 with the Hibernia field followed by the Terra Nova and White Rose fields in 2002 and 2005, respectively.  From an initial annual production of 1.3 million barrels in 1997, production reached 97.7 million barrels in 2009, with a peak production of 134.5 million barrels in 2007.  In 2009, average daily production was 340 thousand barrels per day.  Cumulative oil production reached 1,125 million barrels in April 2010 (Figure 1-21).  
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				While Canadian offshore production and development plans are confined to the Newfoundland and Nova Scotia sectors of the Atlantic margin, exploration activities (seismic and drilling) are planned in both areas and their less explored domains (Laurentian, Sydney, Orphan, and Flemish Pass sub-basins) that are under the Canada-Nova Scotia Offshore Petroleum Board (CNSOPB) or Canada-Newfoundland and Labrador Offshore Petroleum Board (CNLOPB) rules.  

				The Gulf of St. Lawrence has been recently evaluated to host an in-place best estimate (P50) of 41 Tcf of gas and 2,500 million barrels of oil, largely in Carboniferous reservoirs.  A significant gas discovery (77 Bcf) was made in this basin in 1970.  Except for restricted zones under the jurisdictions of CNSOPB or CNLOPB, most of the Gulf area is under a de facto moratorium.  The non-regulated area is currently the subject of jurisdiction discussions between the federal and provincial governments.  Areas under the jurisdiction of the CNSOPB and CNLOPB are, however, open for exploration.  Seismic acquisition is planned in the CNLOPB area in 2011.

				The Georges Bank area (offshore Nova Scotia) is evaluated to host 3,500 million barrels of in-place oil resources.  The area is currently under an exploration moratorium, which has been recently extended to 2015.

				The Pacific margin of western Canada is under a de facto moratorium, though no official legislation has been put in place.  There have been no discoveries in this area, and the best estimate (P50) indicates the presence of in-place resources of 43.4 Tcf of gas and 9,800 million barrels of oil.

				Of all the areas under legislated or de facto moratoria, the Gulf of St. Lawrence is the one most likely to be opened for exploration in the next 5 to 10 years.

				Production Pathways

				Potential production from the offshore areas can be influenced by a variety of factors including technology progress, access to offshore leases, the economic environment, infrastructure development, environmental risk management capabilities, and geology.  Here we set out a reasonably unconstrained production potential and contrast it with a more constrained view, thus defining the range for U.S. lower-48 offshore oil production.  

				The unconstrained case is characterized by a favorable economic environment with buoyant oil demand, increased access to offshore lands, and accelerated technological progress.  Conversely, the constrained case assumes lower oil demand, limited access to offshore zones, and slower technological improvement.  

				In particular, alternate cases published in the Energy Information Administration’s Annual Energy Outlook are based on scenarios and sensitivities with expanded offshore access, accelerated technology deployment and high oil price environments.  Production of oil in U.S. lower-48 offshore increases from 1.7 million barrels per day in 2010 to 2.3 million barrels per day in 2035, in the high oil price case, according to the final results of AEO2011 (Figure 1-22).
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				The bulk of the expected increase in U.S. offshore oil production is likely to come from new discoveries in deepwater and ultra-deepwater regions of the Gulf of Mexico, such as the Lower Tertiary trend.  The Lower Tertiary is recognized as a huge resource with the potential for long-life projects of up to 30 to 40 years and the opportunity to enhance recoveries through advancing technology.  

				The AEO2011 Low Oil Price case provides insight into the lower or more constrained development pathway.  Production of oil decreases from 1.8 million barrels per day in 2010 to 1.4 million barrels of oil per day in 2035.  That level could be even lower if more restrictive operational safety requirements and legislative policies were passed and implemented, following the 2010 Macondo oil spill in the deepwater Gulf of Mexico.  This occurrence would affect the rate of development and production of deepwater and ultra-deepwater oil and gas prospects in general, and the lower tertiary trend in particular.  The overall effect would be to increase drill times along with exploration and development costs, and thus slow significantly expected production over the next 10 years and dampen long-term output from the U.S. offshore.  Production could be 20% lower by 2035 if long-term moratoria were reinstated as a result of the Macondo oil spill in the deepwater Gulf of Mexico and no development takes place outside the central and western Gulf of Mexico.  

				Key Offshore Technologies 

				Over the past 100 years, the petroleum industry has demonstrated an ability to develop breakthrough technologies that made a significant impact on finding and producing oil and gas.  Drilling rigs, wireline logging, logging while drilling, geophysical surveys, subsea systems, and enhanced oil recovery, to name a few, have fueled an incredible century of progress.  They provide diverse examples of effective existing, emerging, and future technologies that will expand the frontiers of exploration and production.  Certainly each of them continues to play a critical role in increasing production growth in North America.

				But industry is now faced with continuing and even growing challenges in the offshore, trying to grow production in deep water, often with poor subsurface images, in remote areas with limited infrastructure, in deeper, often hostile, high pressure high temperature environments, and finally doing all of this in a basin that is becoming more mature.  The Gulf of Mexico is one of the most important regions in the United States for energy resources and infrastructure, accounting for just under 30% of total U.S. oil production and 13% of total natural gas production.  Figure 1-23 illustrates that over 70% of that offshore oil production in the Gulf comes from deep water, accounting for almost a quarter of U.S. oil production – and the amount is rising.  
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				Future, successful exploration and development in both maturing open and currently restricted OCS areas will be critical to maintain North American oil and gas production.  Operations must be conducted with improved safety measures while controlling costs.  Tackling these challenges will involve continued use of existing technologies.  To improve success and increase production and recovery, especially in the Gulf of Mexico Lower Tertiary, development of new technologies will be necessary to ensure challenges are overcome.

				Topic Paper #1-3, “Offshore Oil and Gas Supply,” associated with this report, builds off the excellent commentary made in the two technology topic papers that accompanied the 2007 NPC study Hard Truths: Facing the Hard Truths about Energy.  The first of these papers, “Exploration Technology,” identified five technology areas in which future developments have the potential to significantly impact exploration results over the next 25 years.  The second, entitled “Deepwater,” identified four top priority deepwater-specific technological challenges most important to future deepwater development.  The following is a summary of the key technologies from the papers.

				“Exploration Technology” Topic Paper[4]

				
						Core Technology Areas:	Seismic
	Controlled Source Electromagnetics (CSEM)
	Interpretation Technology
	Earth Systems Modeling
	Subsurface Measurements.



						Auxiliary Technologies – Future developments or applications that have the potential to significantly impact exploration results by 2030:	Drilling Technology
	Nanotechnology
	Computational Technology.



				

				“Deepwater Technology” Topic Paper[5]

				
						Top Priority Deepwater-Specific Challenges:	Reservoir Characterization
	Extended System Architecture
	High-Pressure and High-Temperature (HPHT) Completions Systems
	Metocean Forecasting and Systems Analysis.



						Related topics discussed in other reports:	Subsalt imaging
	Gas to Liquids
	Arctic.



						Other Important Deepwater Technologies Considered:	Infrastructure life extension
	Virtual prototyping
	Unconventional options.



				

				These papers also provided suggestions and options for accelerating development and use of technology and identified two issues critical to successful development of oil and gas resources in ever-harsher environments.  These are: (1) future marine technology leadership and (2) valuing technology to enable access.  

				The “Offshore Oil and Gas Supply” topic paper accompanying this report (available on the NPC website) evaluates technologies that will enable growth of offshore production for the next 40 years, based on discussion among the Offshore Subgroup members, colleagues within our respective companies and organizations, as well as extensive literature search, including the 2007 NPC study Hard Truths Technology Topic Papers.  To prioritize technologies, two surveys were submitted to professionals in the various key disciplines of geology, geophysics, petrophysics, reservoir engineering, drilling engineering, completion, and production engineering for feedback.  The first survey asked the participants to rate oil and gas production capacity growth challenges and enablers that are included in the 2010 NPC Petroleum Resource Template.  The second survey was based on the 2007 NPC Hard Truths topic papers and asked participants for feedback on the previously identified core technologies listed above and any additional ones that would significantly impact growth in production, concluding with a ranking of the technologies.  Not surprisingly, the surveys showed that many of the priorities have not changed from the previous topic papers and the differences of note are due primarily to the focus on offshore deep water.

				Key changes from the 2007 report include moving Drilling and Computational Technology from the auxiliary level to the core level and the addition of Improved and Enhanced Oil Recovery, where a large target of recoverable remaining oil in place exists.  Extended Architecture is central to any discussion on the growth of oil and gas production and is discussed together with including Completions and Digital Fields.  High-Pressure High-Temperature (HPHT) Completions Systems certainly remains a key technology category, but in this report will be tackled as HPHT environment in the various core technologies that it impacts.  The only technology no longer on the core list is CSEM.  Although that tool can reduce the exploration risk in CSEM-suitable settings, it was not ranked at the level of the other core technologies and would now be included at the auxiliary level.  Of final note, a brief update on the status of industry plans for containment is included under the Drilling Technology section of the “Offshore” topic paper.  As such, the updated list of core technologies that will be critical to oil and gas capacity growth offshore are: 

				
						Seismic – Utilization of man-made acoustic waves to image the subsurface geology has been a game changer, allowing industry to unlock the exploration potential of the deepwater Gulf of Mexico and optimize the development of discoveries.  Technical advances in imaging algorithms, processing flows and acquisition geometries are underway that could make improvements in imaging necessary to expand existing and emerging hydrocarbon bearing trends as well as identify new ones.  

						Computational Technology – A key enabling technology.  While not invented by the oil and gas industry, studies have concluded that this industry has propagated digital technologies, altered its management and organization, and changed the way people connect to the data far more than any other industry.  The value delivered from the accompanying technologies in this list would not be possible without it.

						Interpretation Technology – Has played a significant role in the impact of 3D seismic on success rates.  With the adaptation of tools used in other industries, such as medical imaging, interpreters are now able to visualize and interpret data much faster.  They are not limited to thinking in 3D, but literally can visualize in 3D, or “climb into” the data set.

						Earth-Systems Modeling – Encompasses geology, hydrology, climatology, and other applied sciences involved in studying the earth as an integrated system.  Earth systems modeling joins basin and petroleum system modeling together to quantitatively model a sedimentary basin’s deposition, erosion, and heat flow history together with essential elements of the Petroleum System (source, overburden, reservoir, seal) and critical processes (trap formation, generation and migration, accumulation, preservation) during the evolution of a sedimentary basin.[6] 

						Drilling – Industry has come a long way from the days of dropping a heavy bit down the hole to chisel away the soft rock formations.  In 1909, the two-cone rotary bit unlocked the full potential of the rotary drilling system, allowing for the efficient drilling of wells in much deeper, harder rock environments.  Further advances followed with directional and horizontal drilling, top drives, and rotary steerable assemblies.  The trend for conventional oil and gas discovery has been to drill in environments that were previously inaccessible.  Traditionally this means drilling deeper into hotter and higher-pressure zones and to do so in ever more extreme environments such as ultra-deepwater.  Historically the only way to access these zones is to get bigger rigs, stronger steel, and more durable tools and there is little reason to believe this trend will not continue.  New rigs coming out are capable of drilling in up to 12,000 feet of water and 40,000 feet total depth.  

						Subsurface Measurements – At the turn of the 20th century, oil industry pioneers began to search for ways to obtain information about what the drill bit was encountering.  This led to development of core sampling and mud-analysis of the wellbore cuttings (mud logging) that came to the surface.  Beginning in 1978, one of the most influential technologies for drilling and subsurface measurement occurred when Teleco introduced the first commercial measurement while drilling (MWD) tool, enabling operators to know the location of their well while drilling.  Within a decade, Schlumberger introduced the other critical technology, logging while drilling, or LWD, which allowed geoscientists to get petrophysical measurements, similar to openhole wireline logs, immediately after the bit drilled the formation.  This information can then be viewed essentially in real time on the rig and back onshore in the office, allowing for more timely decisions.

						Reservoir Characterization – Involves building a high-resolution geologic model of the reservoir that incorporates characteristics key to reservoir storage and production of hydrocarbons.  It consists of a geometric description of the boundary surfaces, faults, bedding geometries, and a 3D distribution of reservoir properties such as permeability and porosity.  Robust reservoir characterization is critical to predicting and monitoring the production behavior in increasingly complex reservoirs with fewer more costly direct well penetrations.  

						Extended System Architecture – In shallower water, options for developing the extremities of fields not reachable by directional drilling from an existing platform or where costs would not justify the installation of one or more platforms, drove the development of subsea well systems and their accompanying tiebacks.  In deep water, this led to the development of Tension Leg Platforms (TLPs), semi-submersible floaters and spars that act as hubs to collect production from multiple subsea well systems for processing and transportation via pipeline to shore.  Today the term extended system architecture applies to the combination of these facilities and includes flow assurance, well control, power distribution, and data communications to improve recovery and extend the reach of production hubs to remote resources.

						Improved and Enhanced Oil Recovery – Boosting the recovery factor of world’s fields just 1% has the potential to cover three years of worldwide production. This increased productivity of hydrocarbons is known as Enhanced Oil Recovery (EOR) and Improved Oil Recovery (IOR).  Technology for these types of recovery processes is already in place at many fields around the world, with EOR primarily onshore.  Techniques for IOR include: waterflood; subsea processing and pumping such as sea floor separation, gas lift, multiphase pumps, and electric submersible pumps; horizontal and multilateral drilling to expose more of the formation or multiple formations to the open hole; improved perforation and stimulation methods; advanced logging procedures; and optimal placement of wells.[7] 

						Metocean Forecasting and Systems Analysis – Integrated models to predict both above and below surface “weather” and engineering system response.  The ability to characterize and predict the behavior of the oceans is essential for safe conduct of exploration and production operations offshore.  The ability to predict near term conditions for the seas and currents is necessary to plan and conduct safe drilling and production operations in the marine environment and to respond to any hydrocarbon spill incident.  

				

				Key Findings

				
						Oil development and production in the U.S. lower-48 offshore is significant, and the expectation is that a production growth trend will extend to the year 2050.  The Offshore Subgroup expects offshore oil production to increase to the year 2035 by an average annual growth rate range of 0.2% to 0.9%.  

						According to the AEO2011, crude oil production in the U.S. lower-48 offshore is expected to rise up to 2.3 million barrels per day in 2035 in the high oil price case.  

						Beginning around 2020 and extending to the year 2050, the bulk of oil production in the U.S. lower-48 offshore is expected to originate from the deepwater Gulf of Mexico, in the emerging Lower Tertiary trend and the extension of existing and new trends into areas that are currently poorly imaged.  Also, we expect additional impacts on production from increased access to the Pacific, and the Atlantic offshore regions.

						Government policies favorable to accessing more U.S. lower-48 offshore lands are needed to allow for the occurrence of the oil and gas development and production growth rates mentioned above.

						A slowdown and a postponement of offshore oil and gas development and production are expected if more stringent operational safety requirements and environmental policies are implemented in the OCS following the Macondo oil spill in the deepwater Gulf of Mexico.

						Technological progress and innovation are the key factors that would enable development and production of oil and gas in new frontier regions located in deep water and in deeper reservoirs.  Most notably, technologies adapted to the high-pressure high-temperature (HPHT) environment, delivery rates, and reduction of drilling costs are the key drivers for the huge oil and gas resources hosted in the Gulf of Mexico Lower Tertiary formations.  These formations have potentially greater than 15 billion barrels of recoverable oil reserves, some of which is located in areas of at least 60 miles from the nearest infrastructure.  The challenges of this environment cross multiple disciplines and advances in technologies associated with seismic imaging, completion and casing design, subsea production equipment, subsea processing, and high integrity pressure protection systems, while underway, need to continue, if not accelerate.  HPHT applications to 10 thousand pounds per square inch (ksi) and 250oF are common in today’s market and the envelope has pushed out to 15 ksi and 400oF, with some limited gaps.  However, now the envelope is being pushed even further to 20–30 ksi and >400oF in the shallow water gas play of the Lower Tertiary trend.  

						Seismic innovative technologies that allow for better imaging of the subsalt horizons in the Gulf of Mexico are pivotal to the expansion of hydrocarbon resources via additional newer discoveries.  These include imaging algorithms, acquisition geometries, and inclusion of more azimuths in processing and retention of high frequencies.

						An extrapolation of the top 500 supercomputer performance lists predicts Exascale computing capability with a 1,000-fold increase in processing capability within 10 years.  With some seismic vendors today approaching the level of computing capability seen with the national computers on the top 500 list, it will be exciting to see what challenges can be conquered with the Exascale computing level, such as near real-time seismic imaging.

						There is a need to reduce drilling costs so that many more exploration wells can be drilled, allowing companies to test more concepts and perhaps encourage more improved and enhanced oil recovery programs.  Dual gradient drilling is one such concept scheduled to be implemented in the deepwater Gulf of Mexico this year.

						Subsea technology and extended architecture systems will boost production of offshore oil in remote and challenging environments of the deepwater and ultra-deepwater areas, which lack the basic infrastructure needed to produce and to transport the hydrocarbons to shore.

						The offshore field of the future, which we are not far from today, will have multiple satellite fields produced via subsea completions and long tiebacks to hub facilities.  The subsea manifolds will be equipped with remote power and communication ability, so remote surveillance and control functions are available at the hub as well as the onshore production center.  Smart equipment will be deployed on the seafloor and downhole that will accept commands from the offshore hub or onshore center to improve reservoir production efficiency.  Sophisticated models of the reservoir, well, and processing systems will be kept up to date and running online, so surveillance is a “manage by exception” process.  Field optimization will be regularly reviewed and based on analysis so that asset managers can make decisions when opportunities are encountered, instead of producing to a plan that may be months to years old.

						There have been significant advances in subsurface measurement over the last decade, but the demand for increased resolution and data will require improved real-time transmission methods.  The need to improve downhole fluid characterization and reservoir parameter data for in situ properties, and to monitor wells down-hole for longer periods will be critical to predicting field performance in more challenging environments.

						Improved and enhanced oil recovery techniques could reach an additional 44 billion barrels of oil equivalent left in discovered fields at abandonment.  This is based on data from more than 80 fields and 450 reservoirs developed in the Deepwater Gulf of Mexico Research Partnership to Secure Energy for America project 07121-1701, entitled “IOR of the Deepwater Gulf of Mexico.” 

						In the U.S. lower-48 offshore, newer geologic plays and trends such as the Lower Tertiary and deeper reservoirs are expected to contribute to current and near future production of crude oil and natural gas.  

						Canadian offshore production of oil is lower in comparison to the U.S. lower-48, and is confined to the eastern shore in Newfoundland and Nova Scotia.  Removal of the imposed and the de facto moratoria will provide better opportunities for increasing offshore oil development and production in offshore Canada.

				

				Arctic 

				History and Context

				For the purposes of this study, the Arctic is defined as those areas in Alaska, Canada, and Greenland subject to ice and permafrost conditions, rather than simply those areas north of the Arctic Circle.  Greenland is included, even though it is a territory of the kingdom of Denmark, as any future oil production from Greenland would very likely be supplied to the U.S. and/or Canadian oil markets.  The map in Figure 1-24 shows the areas in Alaska, Canada, and Greenland covered in this portion of the study, within the red dotted line.
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				The Arctic study area is estimated to contain over 7 billion barrels of discovered undeveloped and over 90 billion barrels of mean, risked, technically recoverable undiscovered volumes of oil and NGLs.  These volumes are highlighted on the map in Figure 1-25, which indicates their location by basin, and are described in Finding 1 later in this section.  Additional information can be found in Topic Paper #1-4, “Arctic Oil and Gas,” available on the NPC website.

				

				[image: NARD-pg148-150_Part49.pdf]

				

				Figure 1-26 shows how the crude oil resources described above are distributed among Alaska, Canada, and Greenland and highlights the amount of undiscovered oil resources that lie in areas currently under moratoria or otherwise unavailable for leasing.  These are world-scale resources, which will need to be validated by exploration and development drilling activity in order to enable production from the 2025–2050 time frame.

				[image: NARD-pg148-150_Part50.pdf]

				

				The long history of onshore and offshore oil and gas leasing/licensing and exploration drilling in the Arctic region has resulted in discovery of significant oil and gas reserves, some of which have been developed and produced, most notably the giant oil and gas field at Prudhoe Bay on the Alaska North Slope and the large oil and gas fields (onshore and offshore) in Cook Inlet, Alaska, as well as numerous stranded discoveries (no development/production facilities or pipelines).  Experts expect the region to contain significant yet-to-be-found volumes, based on numerous government agency estimates and supported by industry interest (leasing/licensing, historical 2D seismic and modern but limited 3D seismic, and renewed attempts to secure regulatory permission to drill particularly in the offshore).  Most of these volumes are expected to be offshore, beneath the continental shelf.

				Following is a brief summary of the development and production history for the most significant of the main Arctic areas under consideration.

				North Alaska Onshore

				Exploration of this region began in 1909 with discovery of active oil seeps in the Cape Simpson area of what is now the Northwest National Petroleum Reserve–Alaska (NPR-A).  In 1945, the first exploration drilling resulted in non-commercial finds until the discovery of the giant Prudhoe Bay Field in 1968 (15 billion barrels oil and 27 Tcf gas recoverable).  Prudhoe Bay helped drive the construction of the Trans-Alaska Pipeline System (TAPS), completed in 1977, and ushered in a new era of exploration.  Over 400 exploration wells have been drilled in this region, mostly in the North Slope Coastal Plain, and have resulted in the discovery of numerous fields, many of which are currently producing.  The northern discoveries are primarily oil and gas, while the southern discoveries are largely non-associated gas with some possibility of oil.  Natural gas is not exported due to the lack of a gas pipeline and most of the gas is re-injected back into producing reservoirs to enhance oil recovery.  Prospective areas outside the North Slope Coastal Plain (NPR-A, North Slope Foothills, and the Arctic National Wildlife Refuge, 1002 Area [ANWR 1002]) are significantly underexplored.

				North Alaska Offshore

				Exploration drilling in the federal portion of the Beaufort Sea area began in earnest following the 1968 discovery of the Prudhoe Bay Field (onshore) and the completion of TAPS in 1977.  The first offering occurred in a joint federal/state lease sale held in 1979.  This and subsequent OCS lease sales, the most recent of which was held in 2007, have allowed access to waters beyond the three-mile limit.  Exploratory efforts since 1970 (~90,000 miles of 2D seismic and 30 exploration wells) have yielded four discoveries that have been deemed capable of production and have been termed significant discoveries by BOEMRE and the Alaska Division of Oil & Gas.  Three of these discoveries, Hammerhead (Sivulliq), Sandpiper, and Liberty, are completely in OCS waters but have not yet been developed.  The fourth discovery, Northstar, underlying both federal and state waters, has been developed and producing oil since 2001.  

				With respect to the Chukchi Sea, in the early 1980s, BOEMRE (formerly MMS) determined that this area had a large resource potential and that long-term oil pricing would support exploration and development.  BOEMRE held the first lease sale (Sale 109) covering this prospective area in 1988, offering more than 25 million acres.  Industry drilled five exploration wells from 1989 to 1991, and demonstrated a working petroleum system with strong affinities to the North Slope and Beaufort Sea regions.  Four of the five wells contained reservoirs with oil and gas “pay,” as defined by BOEMRE, and the fifth well-demonstrated oil and gas shows.  These wells were drilled 60 miles or more off of the coast in water depths ranging from 137 to 152 feet.  Although none of the prospects were deemed commercial at the time, existence of a working petroleum system was demonstrated.  

				Canadian North

				In the Canadian North, oil and gas exploration dates back to the recognition of oil seeps in the 1700s and the 1920 discovery of the Norman Wells oil field (0.3 billion barrels oil recoverable).  The late 1940s and 1950s saw increased exploration in the southern portion of the Northwest Territories.  Exploration then moved northward above the Arctic Circle, first into the Mackenzie Delta in 1960, then the Arctic Islands and Sverdrup Basin in 1961 and the Canadian Beaufort Offshore in 1972.  Many significant oil and gas fields (Parsons Lake, Taglu, Niglintgak, Drake Point, Adlartok, Tarsiut, Issungnak, Amauligak, and Kopanoar accumulations) were found.  These discoveries were the result of an extensive exploration effort that resulted in 213 wells drilled in the onshore Mackenzie Delta, 174 wells in the Arctic Islands/Sverdrup Basin, and 87 wells in the offshore Canadian Beaufort.  Drilling activity in these areas subsided in the late 1980s, but high global energy prices in 2004–2008 combined with the proven occurrence of oil and gas renewed industry’s interest in this region.  Canadian Beaufort licensing rounds in 2007–2010 drew significant industry interest.  Six exploration licenses covering three million acres were issued to ExxonMobil/Imperial, BP, ConocoPhillips, and Chevron for working commitment of 1.89 billion Canadian dollars.  Exploration activities commenced in 2008-2009 with the acquisition of 3D seismic data and exploratory drilling may commence as soon as 2014.

				Canadian East 

				The Labrador-Newfoundland Shelf region offshore is one of two promising areas within the Canadian East.  It contains the Saglek, Hopedale, Hawke, Orphan, Jeanne d’Arc, and Flemish Pass offshore basins.  These basins reside along the Continental margin in water depths ranging from less than 100 meters to greater than 3,000 meters.  Exploration in this offshore region began in 1966.  Wildcat drilling started in 1971 and continued through 1984.  Discoveries along the Newfoundland portion of this margin yielded significant oil and gas reserves in the Jeanne d’Arc Basin including the giant Hibernia (1979), Hebron/Ben Nevis (1981), Terra Nova (1983), and White Rose (1984) fields.  Development of the Hibernia field, as well as the Terra Nova and White Rose fields, has resulted in the cumulative production of 1 billion barrels of oil as of 2009 and development of Hebron/Ben Nevis is planned.  In 2004, a second wave of licensing and exploratory drilling began in this region in the Flemish Pass and Orphan Basin areas.  Several wells have been drilled with an announced discovery in the Flemish Pass area.  Another promising area, described below, is the Canadian portion of the Baffin Bay region, an area shared with Greenland.

				Greenland

				The West Greenland-East Canada Province includes the offshore region of eastern Canada and western Greenland from approximately latitude 63° north to 80° north.  Oil seeps have been sampled and described from Nuussuaq Peninsula, Disco Island, and Fossilik outcrops on the west coast of Greenland and have been reported at Scott Inlet on the Canadian side.  Thirteen exploration wells (three wells on the Canadian and ten on the Greenland side) have been drilled in this area and several have demonstrated the presence of hydrocarbons.  Licensing of numerous tracts has continued on the Greenland portion of the basin with the most recent licenses being awarded in 2010.  Cairn Oil drilled three exploration wells on their offshore licenses in 2010 and announced that two wells had encountered thermal gas and that one well encountered oil.  Cairn has returned to this region in 2011, and is currently drilling additional exploration wells on their licenses.

				The East Greenland Rift Basin also looks very promising, based on a recent USGS assessment.  Greenland intends to hold the first licensing round for this offshore region in 2012.  Licenses in this region will feature a 16-year term.

				Technology

				Hydrocarbon resources identified in the Arctic region are mainly conventional oil and gas for which exploration, appraisal, and production technologies are well understood and widely available for regions residing in shallow water (less than 100 meters) and those areas not impacted by significant icebergs (such as the continental shelves of the Alaska OCS and the Canadian Beaufort and Grand Banks region).  Technology has not been a limiting factor in the development of the Alaska North Slope, (both onshore and in State waters), in Cook Inlet in southern Alaska (onshore and offshore), offshore on the Newfoundland-Labrador shelf, and for exploration activity in the Chukchi and Beaufort Seas and offshore Greenland.  In the Arctic, however, as in other regions, the deployment of technology particularly needs to take into account the protection of sensitive ecosystems from an environmental standpoint.  

				Awareness of environmental imperatives has led to significant technological advances by the oil industry, in order to achieve safe resource extraction with minimal disturbance to the environment.  To cite two examples among many: the oil and gas industry developed the Rolligon that allows heavy loads to be carried across the Arctic tundra with minimal ground pressure and disturbance; and horizontal- and extended-reach drilling technology that makes it possible to drill multiple wells from a single pad at less cost and with a smaller environmental footprint than the traditional multiple pad approach.

				The certainty that technology and related practices to prevent and mitigate environmental risks associated with the Arctic will continue to be enhanced led the Arctic Subgroup to conclude that technology is not likely to limit onshore or offshore exploration and development, except in regions where water depths exceed 100 meters or where significant iceberg management is necessary.  Near-term advances in offshore pipeline trenching will be important across the Arctic, especially in deepwater conditions (over 100 meters of water depth) such as the Continental Slope region of the Canadian Beaufort, Labrador, or Greenland.  Advances in iceberg management will also be important for Greenland and portions of the Canadian Atlantic offshore.  The history of the region indicates that innovation will continue as new challenges are identified.  There are many Arctic producing fields on land today, and safe development and production of offshore Arctic reserves has occurred since the late 1960s (Cook Inlet and Northstar Field, Alaska; Hibernia, Canada; and Sakhalin, Russia) demonstrating that resource extraction can occur in the midst of sensitive ecosystems.  

				Since the Arctic region is primarily defined by harsh ice conditions that affect drilling operations and environmental risk management, the Arctic Subgroup undertook an assessment of the severity and impact of ice conditions across the various Arctic basins studied here.  The study draws on the experience of over 450 existing wells offshore in the western Arctic, as seen in Figure 1-27.
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		    Offshore basins where this activity has taken place experience all three dominant types of ice conditions (land-fast ice, pack ice, and icebergs).  Table 1-5 summarizes the key characteristics of each basin.  Ice conditions impact most aspects of exploration and development activities and technology, including seismic acquisition, drilling equipment, well design, and support fleet (including oil spill response capabilities).  The study team used these parameters to develop a comparison across all Arctic basins, including those located north of Norway and Russia, of the technology and development challenges associated with ice-regime impacts.  This comparison is summarized in Figure 1-27.
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				Figure 1-28 illustrates the wide range of technical and operational challenges that are present throughout the major global Arctic basins.  This assessment shows that these challenges have been met at both the exploration and development phase.  
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				Arctic offshore exploration is centered in North America and the industry has demonstrated its ability to function through the full range of Arctic operating conditions with more than 450 existing offshore wells.  Experience in the Arctic spans a period from the 1960s to the present day, and so it comes as no surprise – though for many in the general public it may – that industry has accomplished a wealth of successful operating experience in diverse Arctic offshore conditions.  The strength of experience gained in challenging operating environments such as in the Canadian Beaufort Sea and the Labrador Sea (Canada) should build confidence that industry has the tools, procedures, and know-how to operate safely throughout the offshore Arctic.

				Arctic offshore production history reflects the same level of success as demonstrated through the drilling of over 450 exploration wells.  While this screening assessment only cites major production centers such as the Grand Banks (Canada) and Sakhalin (Russia), there are other examples such as the Cook Inlet region (south Alaska) and the various near-shore production facilities along the U.S. Beaufort Sea coastline (Northstar).  These projects have demonstrated the ability for industry to design production facilities in keeping with the regulatory and environmental challenges that existed in these areas, and thus allow the safe and efficient production of oil and gas reserves from the Arctic offshore.

				Fifty years of oil and gas development history in the offshore Arctic marks a period of continuous improvement and development that has guided safe, successful Arctic operations in all the major Arctic offshore ice environments.  Offshore Arctic operating capability is a North American success story that is poorly understood and appreciated, despite the fact that it has been ongoing for over half a century.

				Potential Production Pathways

				Given that no overall North American Arctic supply outlooks could be found in the public domain (although there are a few basin-specific analyses for portions of Alaska and the Canadian Arctic), the Arctic Subgroup developed three consensus cases: Reasonably Constrained, Most Likely, and Reasonably Unconstrained (Table 1-6).  The adjective “reasonably” is used with care; it does not imply that all constraints are either turned on or turned off at either end of the scale.  These cases represent the Subgroup’s informed view of what may happen to Arctic development through 2050, given economic, regulatory, and environmental constraints that either are less or more favorable to such development.
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				The three cases each outline a different production scenario for major current or future developments.  Large, remote severely stranded resources (e.g., Canadian Arctic Islands, NE Greenland Rift Basin, etc.) are not included.  

				The most likely production outlook for the Arctic indicates a 2035 production potential of 0.77 million barrels per day (282.5 million barrels per year).  This includes a normal decline of current Alaska North Slope production to 0.28 million barrels per day, augmented by new discoveries on the North Slope, in the Chukchi and Beaufort Seas, and in Alaska state waters, totaling 0.3 million barrels per day.  Arctic Canada would provide a further 0.2 million barrels per day, split between Grand Banks production and new discoveries in the Canadian Beaufort and Mackenzie Delta areas.  

				The constrained case outlook assumes that new exploration activity would not occur because of a variety of restrictions on access and permitting, and the only remaining production would be from currently producing fields that will be in decline over this period.  Total remaining production in 2035 would be just 0.33 million barrels per day (120 million barrels per year), split between the Alaska North Slope (if the TAPS pipeline is still in operation) and the Grand Banks area of Canada.  Further declines post-2035 would ultimately lead to the closure of the TAPS oil pipeline as available supply falls below the assumed operational minimum volumes of about 200 thousand barrels per day.  It is estimated that this could occur around 2045, making any subsequent development reliant on new infrastructure.  

				In the upside case, with a higher level of resource development in the new offshore areas of the Arctic, particularly offshore the Alaska North Slope, total production by 2035 could be as high as 0.88 million barrels per day (322 million barrels per year).  Half a million barrels per day of this could come from high potential developments in the Beaufort and Chukchi seas.

				It should be noted that the Arctic Subgroup’s oil production forecast for Alaska may be conservative, as compared to a published analysis by Northern Economics that suggests the U.S. Beaufort and Chukchi OCS regions are capable of significant production, collectively exceeding 1.0 million barrels per day (~399 million barrels per year) in 2035 (Table 1-7 and Figures 1-29 and 1-30), if the undiscovered hydrocarbon resource assessment reported by BOEMRE is validated by future exploration and appraisal drilling.
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				Key Findings and Recommendations

				This section summarizes the main findings and recommendations of the Arctic Subgroup and applies primarily to the U.S. Arctic.

				Despite its remoteness and harsh operating conditions, safe development of the Arctic region is possible and essential for meeting U.S. energy goals.  Finding 1 describes the huge portion of America’s energy that resides in the Alaskan Arctic, but exploration needs to occur now in order to arrest the production decline that could threaten viability of the existing Trans-Alaska Pipeline for crude oil.  Findings 2 and 4 note that the limiting factor in recovery of the Arctic’s vast energy resources is not necessarily technology, but rather regulatory uncertainty and risk of litigation from groups opposing drilling and development activity (especially in the United States).  Finding 3 describes specific U.S. challenges associated with carrying out an effective and safe exploration and appraisal program in the Arctic, given the present 10-year lease terms, since only 70–105 days (offshore) and 70–150 days (onshore) are realistically available for such activities each calendar year.  Other findings discuss the impact of the Jones Act, lack of infrastructure, and how the United States is falling behind other nations.  

				This study supports the idea that action by the U.S. federal government is warranted, if these critical resources are to be validated and safely developed in a prudent manner for America’s benefit.  Or, to put it in more specific terms, the main consequence common to the majority of the following findings and recommendations is that the huge resource base, as described by the U.S. Geological Survey, Bureau of Ocean Energy Management, Regulation and Enforcement, National Energy Board of Canada, Geological Survey of Canada, and the various State and Provincial government resource agencies for the North American Arctic region, will not be available when needed in the 2025–2050 time frame or afterwards if the status quo is maintained.  

				Finding 1: The North American Arctic (United States, Canada, and Greenland) has a large (world scale) discovered undeveloped hydrocarbon resource base (6.4 billion barrels oil, 0.9 billion barrels natural gas liquids, and 73 Tcf gas)[8] and a very large undiscovered resource base (80.1billion barrels oil, 11.1 billion barrels natural gas liquids, and 595 Tcf gas).[9] Development lead times are very long (historically, 10 to 20 years or longer from discovery to first production).[10]

				Recomendation 1: To ensure the future energy security of the United States, near- and medium-term exploration drilling by industry should be promoted by the U.S. government to validate the resource estimates and identify the most promising regions.

				Finding 2: Exploration and development technology, both onshore and offshore, is not expected to be a limiting factor in future development of conventional U.S. Arctic resources, within the time frame of this study.  Areas for further innovation and technological advances will be required in areas where water depths exceed 100 meters or regions that require iceberg management capability (Greenland).  There are numerous Arctic producing fields on land and safe development and production of offshore Arctic reserves has occurred globally since the late 1960s, which collectively demonstrates that resource extraction can occur in the midst of sensitive ecosystems.  Innovation will continue as new challenges are identified.

				Recomendation 2: Industry has always risen to the challenge, and if allowed, they will continue to advance elements of Arctic exploration and development technology to reduce the operational footprint and safely produce oil and gas.  We recommend a reasonable set of policies and regulations that allow industry to continue prudent exploration and development in the Arctic and to proceed with technology advances.  Near-term advances in offshore pipeline trenching will be important across the Arctic especially in prospective regions with deepwater conditions (>100 meters) such as the Continental Slope region of the Canadian Beaufort or Greenland.  Advances in iceberg management will also be important for Greenland and portions of the Canadian Atlantic offshore.

				Finding 3: The existing 10-year lease terms are not long enough to ensure sustained exploration and appraisal of material Arctic oil and gas resources in the U.S. Arctic basins.  Infrequent lease sales, lengthy, multifaceted permitting procedures, a high incidence of litigation and a required sequential set of data-gathering and permitting activities coupled with short drilling windows (onshore winter and offshore summer) reduce the ability to identify, appraise, and develop economic volumes in this short time span.

				Recomendation 3: Adopt a licensing system for Alaska that is similar to, but improves upon, Canada or Greenland’s system in recognition of the limited seasonal operating period, particularly for the U.S. federal offshore areas (70–105 days per year).  Canada offers large tracts (versus 3-square mile blocks) with a work commitment bid that covers 9 years if a well is drilled within the first 5 years (still problematic and should be extended given the challenges of the Arctic and the new regulatory requirements), and is extended indefinitely if producible hydrocarbons are discovered on the tract.  Greenland offers similar-sized tracts and exploration terms and is extending the initial license term to 16 years for its NE Greenland offshore round that will be held in 2012.

				Finding 4: There is no clear, dependable, regulatory path for gaining approval of submitted exploration or development permit applications.  This is due to a multitude of U.S. government agencies/regulatory bodies that have overlapping authority, and each have their own independent permit review and approval schedule.

				Recomendation 4: Streamline regulatory permitting processes and promote collaboration and coordination of the numerous federal agencies/regulatory bodies, to avoid redundant analyses and jurisdictional overreach.  A coordinated approach would provide predictable project scheduling and a more efficient use of human resources within the federal government and industry.

				Finding 5: The Merchant Marine Act of 1920 (the Jones Act, codified in 2006) was established to regulate cabotage (the coastal shipping of cargo and passengers) within the United States. The Act requires cabotage in U.S.-flagged, constructed, owned and operated vessels.  The Jones Act rules on tankers and support vessels mandate largely unavailable and uncompetitively priced ships, unduly increasing the cost of operations in the U.S. Arctic.  Few U.S.-flagged, ice-classed vessels are available for U.S. Arctic offshore operations, so either exemptions are required to allow the use of foreign-flagged vessels that are able to meet U.S. Arctic shipping standards, or excessive delays and costs (three times the capital and operating expense dollars to build and operate a U.S.-flagged fleet) will be incurred to comply with this statute.

				Recomendation 5: Continue to provide exemptions to the Jones Act for the non-U.S.-flagged, ice-class vessels used in U.S. Arctic exploration and appraisal operations.  This will ensure that ice-class vessels are available at competitive rates given the long lead times required for Arctic offshore operations.

				Finding 6: Alaska Coastal communities only receive tax revenue from onshore facilities related to oil and gas development in the onshore and State waters areas of Alaska, which leads to local opposition of OCS exploration and development in the U.S. Arctic.

				Recomendation 6: The U.S. should consider a federal revenue sharing program for the Alaska state and local coastal governments of potentially impacted communities, perhaps initiating a program similar in mechanism to the Gulf of Mexico Energy Security Act in which 37.5% of the revenue from new Gulf of Mexico leases after 2007 is distributed to local coastal political subdivisions.[11]

				Finding 7: Oil tanker transport from the Arctic to consumer markets is currently a viable export method.  Year-round tankering of crude oil from the Arctic to market will likely be a viable cost-effective alternative to pipeline transport in the future.  Tankering offers greater flexibility of evacuating crude oil from multiple onshore or offshore development facilities than new pipelines.  Lower transport costs increase the economic viability of projects, and therefore, increase the production potential.

				Recomendation 7: Prepare for this transportation option in the future.  The United States needs to catch up with, and then expand, technological advances, which when combined with the possibility of more open seas later within the time frame of this study, will provide for America’s energy needs.  In the long term, America may lose the TAPS due to diminishing flow (2030 to 2045 time frame) unless immediate efforts are made to find and develop more oilfields to stem the decline in oil production and maintain adequate flow in the pipeline.  Failure to act will result in the loss or serious deferment of any oil potential until well beyond the 2050 horizon.

				Onshore Oil

				Development and Production: History and Context

				U.S. Lower-48 Onshore

				In 2010, the U.S. lower-48 onshore produced 3.1 million barrels of crude oil and condensate per day, or about 56% of total U.S. oil production.  Between 1990 and 2005, production declined at about 4% per year.  Starting about 2004, higher oil prices incentivized higher levels of investment activity and production subsequently flattened and then increased somewhat.  In some regions, enhanced oil recovery technologies (also known as tertiary recovery or EOR), particularly steam-injection and gas-injection, have maintained oil production rates in mature fields at levels higher than would have otherwise occurred.  Figure 1-31 illustrates the total production trend and contribution of EOR projects.
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				The outlook for future oil production in the lower-48 onshore region is dependent upon both primary and EOR resource development.  Expanded oil production from oil-bearing shale and low permeability formations, especially those not yet under development, is critical to mitigating the general decline in onshore production.  The development and application of advanced EOR technologies to mature fields enables the extension of field economic life with minimal exploration risk, adding additional supply at the margin.

				Although the onshore segment accounts for only 36% of 2010 U.S. oil production, it accounts for only 52% of the traditional U.S. oil resource base.  The onshore lower-48 is estimated to hold only 14% of total U.S. undiscovered oil resources, with the remaining 86% located in Alaska, the U.S. offshore, and unconventional (tight oil) reservoirs.  These estimates, summarized by region in Table 1-8, illustrate the exploration maturity of the conventional onshore relative to other segments of supply.
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				About one quarter of the onshore lower-48 resource base consists of undiscovered oil resources, indicating that the onshore lower-48 resource base has been largely discovered and produced.  Total U.S. oil production peaked in 1970 at 9.6 million barrels per day, which at that time came mostly from onshore lower-48 oil fields.  Thus, future oil production in the lower-48 onshore region will depend heavily on the degree to which oil can be recovered from existing and abandoned oil fields.  Further recovery of oil from these fields will largely depend upon the economic viability of incremental development and enhanced oil recovery, which are driven by oil price, technology, and regulatory policy.

				Table 1-8 estimates do not include potentially producible oil resources that exist below the oil-water-contact point where a formation holds mostly oil and a little water to a deeper layer holding mostly water and little oil.  These deeper zones are called “oil-to-water transition zones” and “residual oil zones.” Residual oil zones (ROZ) have not had a long history of production testing at a commercial scale (nine are in ongoing field tests), but have physical properties similar to oil-bearing zones that have been produced through primary and secondary techniques.  Conservatively, these ROZs hold tens of billions of barrels of oil in place and provide additional targets for recovery using EOR technology.  

				EOR oil production has increased as primary and secondary production has declined (Figure 1-32).  In 1986, EOR production accounted for only 10% of onshore lower-48 oil production.  From 2000 through 2008, EOR averaged about 20% of the total.  Figure 1-32 and Table 1-9 illustrate the contribution of specific technologies to enhanced recovery production over time.  Thermal EOR has historically been the most significant due to the very successful application of steam injection to the large, heavy oil fields in Southern California.  However, thermal production continues to decline as these reservoirs deplete.  Chemical EOR has not had widespread application to date; the fields using “other gases” are predominantly in the Arctic and offshore arenas.  In contrast to these technologies, production from CO2 EOR has steadily increased as projects have been implemented or expanded.  
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				The conventional oil fields in the onshore United States started out with about 500 billion barrels of oil in place.  After primary and secondary production, over 300 billion barrels still remain as targets for EOR and incremental field development projects.  Volumes in the ROZ provide additional targets.  The CO2 component appears most promising for significant expansion of production from this large target, but will require new sources of pure and affordable carbon dioxide.  Most CO2 currently used in EOR is from natural sources with limited growth opportunities.  Major volumes from man-made or anthropogenic CO2 sources would be needed to realize the potential of this resource in a large way.  

				Canada

				Canada onshore conventional (light/medium) oil production, including condensates and enhanced oil recovery production, has steadily declined in recent years, dropping from about 1.1 million barrels per day in the 1990s to 0.7 million barrels in 2010.  This accounts for about 20% of total Canadian oil production, which is increasingly dominated by oil sand operations.  Volumes include a small amount of “tight oil” production from extension of the Bakken play into Canada and application of that technology in other areas of the country.  Figure 1-33 provides the recent historical trend and a projection indicating few changes are expected in the components of this supply area.

				

				[image: NARD-pg148-150_Part63.pdf]

				

				Light/medium crude oil resources remain concentrated in the traditional producing provinces in western Canada with potential reserves estimated in the range of 7 to 8 billion barrels (Table1-10).
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				Past Canadian EOR production has contributed only modestly to onshore conventional oil production.  In 2010, EOR volumes totaled about 65,000 barrels per day, accounting for 9% of conventional onshore production.  EOR’s share, however, could grow if EOR production either remains constant or grows and if non-EOR conventional production continues to decline.  Production from both carbon dioxide and chemical flooding has increased in recent years with the Weyburn CO2 and Pelican Lake polymer projects making significant contributions.  Original oil in place for onshore conventional light/medium was about 80 billion barrels.  Of this, some 50 to 60 billion barrels are expected to remain after primary and secondary production and provide a target for EOR development.  

				Production Pathways

				To develop boundaries of a supply range for conventional onshore oil and enhanced oil recovery, relevant technologies and issues were grouped into categories.  For each of these, scenarios for limited and high potential cases were developed.  A production profile for each pathway was developed qualitatively to get a directional view of that boundary over the next 25 years.  For the United States, production categories of primary plus secondary, CO2 EOR, and other EOR were considered separately, and then summed.  For Canada, conventional light oil was considered as a total production stream made up of existing (virtually all primary + secondary) and new CO2 EOR.  Adjustments were made to exclude tight oil production as this is addressed in the unconventional supply section.

				The factors that were considered for the high potential pathway are shown in Table 1-11.  And the factors driving the limited potential case are shown in Table 1-12.
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				Figure 1-34 illustrates the estimated supply fairway for onshore conventional oil for the U.S. lower-48 and Canada.  The high potential case would suggest an annual growth rate of slightly greater than 1% over the next 25 years.  The growth would be gradual, typical of a steady stream of production from a diverse resource base.  
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				The limited potential case indicates a steady decline in the range of 4% annually over the next 25 years.  Not dissimilar to the decline realized for much of the past 25 years, this suggests an environment of relatively low prices and significant costs relative to those prices.

				The midpoint within the range is close to current production, suggesting potential exists for this resource to continue as an important portion of North American oil supply.

				Key Conventional Onshore Technologies

				Oil field development and production are complex operations that involve application of hundreds of technologies across many disciplines.  Several of these technologies are most likely to influence the supply picture through 2030, again due to their potential impact on production from known oil accumulations.  They are contained within some broad processes required to manage oil development and producing operations:

				
						Design – Involves planning for locations, numbers, and types of wells needed to produce and manage the reservoir.  It also involves sizing and design of surface facilities to handle produced or injected fluids, plus transportation and disposal of some products.  Besides project specifications, production expectations are developed which support investment decisions.  Within this area, reservoir characterization and performance simulation are critical to establishing the initial project feasibility and subsequent management of the producing formations.

						Implementation – Involves the installation and field operation of wells and equipment, including drilling and well stimulation.  Advanced well operations (especially those involving horizontal drilling and hydraulic fracturing) are considered important.  Technologies that reduce environmental footprint and improve operational safety are also critical to the petroleum industry’s “right-to-operate” in sensitive locations.

						Operation and Monitoring – The life of a producing oilfield lasts a minimum of several years and sometimes for a century, so efficient operating and maintenance practices are important to maximizing recovery and economic benefit.  Among myriad activities, data from operations must be collected and analyzed so that operational improvements and incremental investments can be made to profitably maximize production and reserves.  Down-hole monitoring, especially in complex recovery processes or horizontal wells, is important to success.  In addition, advanced control systems that reduce the human interface will provide increased reliability and reduced costs.

						Recovery Process Improvement – Oilfield development relies on a given recovery process, be it primary production, water flooding, or an enhanced process like carbon dioxide flooding.  Technology leading to improved sweep efficiency is critical to maximizing production from existing operations and in developing some of the multi-hundred billion barrel oil target remaining in existing fields or in other low oil saturation targets.

						Application to New Resources – Because of the natural decline of existing conventional oil production, it is critical to find new resource targets to maintain or grow production.  Technologies targeting low oil saturation zones can impact supply.  

				

				More detail of these areas of technology can be found in Topic Paper #1-5, “Onshore Conventional Oil Including EOR,” available on the NPC website.

				Because of the interest in increased use of carbon dioxide in EOR operations, both to contribute to incremental hydrocarbon recovery and as a sink for storage of CO2, there follows a summary of the most important aspects of this opportunity.

				Carbon dioxide EOR is an established technology used in the United States since the 1970s.  A key requirement for a carbon dioxide project is a dependable source of high purity and affordable CO2.  For this reason, most development to date has occurred in west Texas and southeast New Mexico, where candidate oil fields and naturally occurring CO2 source fields are close enough to provide CO2 at a reasonable cost.  In other locations, a few projects have been implemented where a candidate oilfield was close to a relatively pure industrial source, where man-made (anthropogenic) carbon dioxide is captured for EOR use.

				In the United States, most opportunities for using naturally occurring CO2 are already exploited, leaving growth potential primarily to be met from anthropogenic CO2 sources.  The most likely projects are those where a relatively pure CO2 source already exists, since capture and transport are cost effective.  Separation of CO2 from natural gas is a good example of this.  Certain industries, including cement, ammonia, lime, iron, and steel also produce relatively pure CO2 streams as a byproduct.  Over time, CO2 from additional gas processing and certain other sources is expected to be used in EOR applications.

				The category of CO2 supply with the most volume potential is the most challenging.  These are projects where carbon dioxide is captured from dilute streams, typically large point source flue gas emissions at power plants.  Since this category will require a substantial amount of fiscal and regulatory support, use will ultimately depend on U.S. and Canadian policy decisions.  To be viable, the price of delivered CO2 would have to be at a level where investments in EOR projects offer adequate returns.  As CO2 prices are negotiated between sellers and purchasers in various contractual arrangements, the price can vary widely based on location, contract vintage, etc.  However, minimum prices discussed for CO2 into EOR are usually less than $1 per Mcf ($10 to $15 per metric ton) and maximum prices are typically in the range of $2 to $3 per Mcf ($40 to $60 per metric ton).  With expected costs of capture and transport from dilute sources well above this level, policies that provide financial support to reduce delivered CO2 pricing would be required for a viable supply to use in EOR applications.  

				Key Conventional Onshore Findings and Implications 

				Finding 1: Industry reacts quickly to viable economic returns on investment in conventional onshore and EOR opportunities, and production increases often follow.  This ability to respond requires consistent, stable regulation.  Longer-term investments requiring large capital infrastructure are especially sensitive to stable policy.  Sustained, incremental improvements in technology, regulations, and EOR injectant supply would stem the historical decline and contribute large volumes over time as gains compound annually.  

				
						In the mid-2000s, higher activity resulted in approximately 1.0 million barrels of oil per day of increased conventional oil production in the onshore U.S. It was triggered by strong prices, incremental technology advances, and regulatory certainty.  This production resulted largely from projects targeting developed fields and known resources.

						This represents the activity of thousands of operators over several hundred thousand producing wells, operating in areas with existing infrastructure.  Activity increases or decreases with profitability measures and is enabled by a high level of regulatory predictability and certainty.

				

				The timing of production impact varies depending upon the type of activity.  Development drilling or well enhancement can add volumes within a few months; development of an EOR project may not add volumes until several years after project ini-tiation.  In uncertain policy or price environments, short-term resource investments are favored over long-term EOR projects.

				Recomendation 1: Some recommended areas for consideration are as follows:

				
						Direct Financial Support or Investment	Implement tax credit program for low volume wells to improve ultimate recovery and retain fields and infrastructure for potential future EOR projects.
	Review/enhance the federal EOR tax credit to make it more relevant in the current price environment; consider simplification of calcula-tions.



						Support, Technology, or Institutional Programs	Support of organizations that disseminate best practices or technology applications (e.g., Research Partnership to Secure Energy for America and the Petroleum Technology Transfer Council).



				

				Finding 2: Production from enhanced oil recovery projects, specifically those relying on carbon dioxide (CO2) injection, is a critical source of long-term future production from lower-48 onshore conventional resources.  State and federal policies will determine whether this supply stream declines, has healthy incremental growth or reaches new plateaus.

				The production wedge from CO2 EOR is one of the largest variables in conventional oil production projections, with estimates ranging from 0.3 to over 2.0 million barrels of oil per day by 2030.

				
						Because new field discoveries are now smaller and generally decline faster, EOR projects provide very stable, long-term sources of oil reserves.

						The resource target for all EOR is estimated at several hundred billion barrels, though this number is very dependent on oil price, CO2 price and availability, and specific field and wellbore conditions.

						EOR projects often have high fixed and variable costs, making EOR production the “marginal barrel” in many markets, often just below prevailing oil price expectations.  

						A reliable, affordable, and growing supply of carbon dioxide will be a key determinant of future EOR production.

						Skills needed to design and operate EOR projects are not always readily available and many operators do not have experience in EOR.  

						For some fields, there is a limited window of opportunity to implement EOR projects due to aging infrastructure and rapidly declining production volumes over which to spread fixed costs.  Delays in development could mean loss of potential reserves, with ultimate impacts dependent on the regulatory environment, available technology and economics.

						There are a number of areas where additional regulations and policy actions would negatively affect EOR production.  Following are some examples of areas where progressive regulations may influence future oil supply.

				

				Recomendation 2: Some recommended areas for consideration are as follows:

				
						Proactive Regulation	Ensure flexible well plugging rules exist to avoid premature abandonment of candidate oil fields.
	Provide regulatory certainty for well design/construction standards, re-abandonment of existing wells, CO2 capture/storage credits, generation and use of greenhouse gas offsets and CO2 pipeline permitting.  Maintain class II well design where it is initially injected for EOR purposes.
	Develop a clear regulatory framework for converting an initial EOR project into a CCS project that can claim financial or emission allowance incentives.
	Codify long-term liability rules for CO2 stored in reservoir after EOR.



						Current Practices Affirmed	New regulations around the handling and use of carbon dioxide are limited.  Example: new rules from the Environmental Protection Agency regarding CO2 as “hazardous.”
	The regulatory framework in states with existing CO2 operations are exported to new areas.  Example: CO2 pipelines – no need to reinvent the wheel.
	Projects that incidentally store CO2 should not be harmed by new regulations targeting storage projects pursued for financial purposes.



						Direct Financial Support or Investment	Support conversion of public oil and gas data from paper/film legacy systems to digital format to improve project development capability and efficiencies.
	Tax policy to incentivize new computer hardware/software, because EOR projects are complex and require a great deal of additional engineering and geologic characterization and often require an upgrade to a company’s information technology hardware to evaluate the subsurface potential.
	Rapid amortization for site characterization or other front end costs.
	Review/enhance the federal EOR tax credit to make it more relevant in the current price environment; consider simplification of calculations.



						Support, Technology, or Institutional Programs	Support of research in the areas of reservoir characterization, reservoir modeling and sweep efficiency improvement.  Consider public/private partnerships (e.g., Research Partnership to Secure Energy for America) to provide appropriate prioritization of topics.



				

				Finding 3: A large increase in CO2 supply from dilute anthropogenic sources will be required over the next 10 to 15 years to extend EOR production levels.  The complex factors affecting this supply include carbon capture and sequestration (CCS) deployment, involving substantial government fiscal and policy action.  

				
						Estimates of oil supply resulting from projects using dilute CO2 sources range up to more than two million barrels of oil per day.

						The cost of CO2 from dilute sources is dominated by high capture costs; support will be required to build demonstration projects for supply and as test sites for technology evolution.

						Lack of significant progress in CCS projects appears to be a function of low economic returns available to those who would deploy the technology.  Costs need to decrease substantially to create market interest, which may require step-changes in technology.  

						EOR is compatible with CCS should it move forward; EOR projects are seen as a win-win for those advocating early adoption of CCS.

						Permanent carbon sequestration during EOR will be part of the justification for these projects; the legal framework to delineate post-closure liability must be put in place.  Additional considerations include pore space ownership, new well design standards, and potential re-abandonment of existing wells.  These issues are already well discussed among various government agencies and industry groups.  State support is important even if financial incentives are small; it helps to provide greater regulatory certainty and remove barriers that arise in any new project development.

						Canada may be ahead of the United States in this area with a combination of policy and funding.

				

				Recomendation 3: Some recommended areas for consideration are as follows:

				
						Proactive Regulation	A program is implemented which incentivizes emission reductions while recognizing CO2 EOR as a CCS option.
	Framework and regulations are developed that allow operators to understand and manage post-closure liability from the outset of project conceptualization.
	States without clear processes regarding CO2 EOR use Interstate Oil and Gas Compact Commission guidance or another source to develop needed regulations; don’t reinvent the wheel.
	Comprehensive Environmental Response, Compensation, and Liability Act/Resource Conservation and Recovery Act exemptions for storage in qualified sites.
	Price premium for low-carbon power, akin to “renewable” pricing, or “credit” for CO2 storage via EOR.  Ability to generate offsets for CO2 captured from sources outside regulatory jurisdiction.



						Current Practices Affirmed	New rules do not hinder projects that are operating or in permitting phase.
	CO2 transportation regulations, currently under discussion for CCS are not onerous for EOR users.
	Maintain a flexible approach that allows both common-carrier and private CO2 pipeline models.
	Avoid considering CO2 a pollutant; reinforce with regulators that CO2 is not hazardous, and is not corrosive in the absence of free water and with proper metallurgy.



						Direct Financial Support or Investment	Direct investment or funding of carbon capture and EOR+Storage projects for demonstration purposes.



				

				Express backstop of long-term liabilities arising from storage may be necessary, including trust fund models.

				Enhanced tax credits for CO2 EOR+Storage projects with exemptions from liability under Alternative Minimum Tax provisions.

				
						Support, Technology, or Institutional Programs	Increased funding for National Energy Tech-nology Laboratory Carbon Sequestration Part-nerships.



				

				Finding 4: Substantial petroleum resources occur naturally or remain after primary and secondary recovery in low oil saturation zones.  Increased understanding of these zones is necessary for extensive development, whether by carbon dioxide flooding or another technology.

				
						A sizable portion of the 300+ billion barrels expected to remain unrecovered in existing oilfields are in zones of low oil saturation.

						There are additional low oil saturation zones (often referred to as residual oil zones or ROZ) that occur naturally.  These are not well characterized, but are estimated to hold at least 80 billion barrels.  These zones provide a new set of targets in addition to already produced or developed fields.

						Carbon dioxide flooding is the only applicable process currently deployed on a commercial scale to recover these resources.  As such, the new target zones offer additional storage potential should CCS advance.

						Technology development and demonstration in these zones will be focused in areas with existing infrastructure and CO2 supply options.

						At this point, no non-CO2 alternative EOR process has been developed capable of supporting substantial commercial ROZ development.  Water floods that include chemical additives seem to have the greatest application and promise.

				

				Recomendation 4: Some recommended areas for consideration are as follows:

				
						Proactive Regulation	Ensure flexible well plugging rules exist to avoid premature abandonment of candidate oil fields.



						Direct Financial Support or Investment

				

				Consider separate tax credit to incent ROZ development.

				
						Support, Technology, or Institutional Programs	Support work to describe the ROZ resources at various levels, including state agencies, universities, U.S. Department of Energy, Research Partnership to Secure Energy for America, and the U.S. Geological Survey.
	Support open access research in alternative recovery processes, focusing on chemical flooding.  Need both basic and applied research.



				

				Finding 5: Horizontal drilling and advanced hydraulic fracturing technologies are important to developing opportunities in the conventional oil area much as they are in unconventional oil and onshore gas development.  Techniques to monitor and understand horizontal well performance will improve as these wells proliferate.  

				
						These technologies offer new tools to profitably develop conventional oil and EOR reservoirs.  They also allow new hydrocarbon targets to be developed, that were previously thought unproducible or uneconomic.

						Horizontal wells accounted for more than 50% of wells drilled in the United States during 2010.

						Given the increasing reliance on horizontal wells for reserve development, it will be critical to understand fluid flow in a given well to optimize production and maximize reserves and recovery efficiencies.

						Horizontal drilling and hydraulic fracturing technologies depend on materials that may be in short supply or are used extensively in other industries.

				

				Recomendation 5: Some recommended areas for consideration are as follows:

				
						Current Practices Affirmed	New regulation on hydraulic fracturing should endeavor to maintain current regulatory effectiveness to avoid loss of opportunities.
	Maintain ability to comingle multiple formations where conservation principles are not compromised.



						Support, Technology, or Institutional Programs	Support research in the areas of downhole monitoring of wells, especially horizontals and those used in EOR.
	Working group of industry and government to identify potential material shortages and actions to mitigate impact.



				

				Unconventional Oil

				Development and Production History and Context

				In this study, unconventional oil includes Canadian oil sands, Canadian heavy oil, and U.S. and Canadian tight oil, all currently producing significant quantities of oil, and potential future unconventional resources in U.S. oil shale and U.S. oil sands, not yet currently contributing production.  These resources are located in the onshore arenas of U.S. and Canada, but are distinguished from the conventional oil discussed in the previous section by different hydrocarbon characteristics, geologic occurrences, and production techniques.  

				The extra heavy oils (also referred to as bitumen) are extremely viscous – sometimes nearly solid.  They often contain high concentrations of sulfur and metals such as nickel and vanadium.  These properties make them difficult to produce and process.  Massive accumulations exist in the Canadian oil sands of Alberta and in smaller accumulations in the United States.

				However, not all unconventional oils are heavy.  A growing source of unconventional supply is tight oil – produced from low-permeability siltstones, sandstones, and carbonates.  The produced oil has similar properties (e.g., density, sulfur content) as conventional oil.  Historically, the oil was locked in the formations and could not flow through the tight formation rock.  However, recent advances in horizontal drilling and well fracturing technologies now enable production of tight oil.  Notable plays include the Bakken (spanning Saskatchewan, Manitoba, Montana, and North Dakota), the Eagle Ford play in Texas, the Cardium play in Alberta, and the Miocene Monterey play in California.  For the largest tight oil play, the Bakken, the produced oil is sweet and light, and only the geology and oil extraction techniques are unconventional.

				Unconventional oil is also contained in U.S. oil shale deposits.  The petroleum component of the oil shale (kerogen) is less mature, not yet fully transformed into oil or natural gas.  Therefore, unlike conventional oil and gas operations, kerogen in oil shale cannot be pumped directly from the ground or refined with traditional techniques.  Rather, oil shale must be heated to high temperatures to transform the kerogen into an upgraded hydrocarbon.

				In these categories, oil in place is estimated at more than 3.5 trillion barrels.  However, the reserves, or the amount of oil that can be economically produced, make up approximately 5% of this total (Table 1-13).  Even though the recoverable oil is a small part of total oil, it is still significant.
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				In terms of production, unconventional oil supply in North America has been growing – reaching 2 million barrels per day in 2009 or equivalent to about 10% of crude oil processed in U.S. refineries.

				The following sections discuss each of the main components of current and future unconventional oil supply in North America.

				Canadian Oil Sands

				History and Context

				Canada’s oil sands are one of the world’s largest hydrocarbon accumulations (see map, Figure 1-35).  Located in the Province of Alberta, they are semi-liquid hydrocarbons with gravity of 10o API or less.  In 2009, the Alberta Energy Resources Conservation Board (ERCB) estimated the initial volume of oil in place of crude bitumen in Alberta’s oil sands as 1,804 billion barrels.  The ERCB reported that 7% of the oil in place, 131 billion barrels, is contained in shallow deposits, generally less than 215 feet to the top of the oil sands zone.  All of the shallow oil sands (amenable to surface mining) are located in the Athabasca oil sands area.  Surface mining and bitumen extraction technologies are used to recover crude bitumen from these shallow deposits.  The remaining 93% of the oil in place, 1,673 billion barrels, is contained in deeper deposits.  In situ recovery techniques are used to recover crude bitumen from the deeper deposits.  The ERCB estimated approximately 10% of the oil in place is recoverable with about 22% of the recoverable volume located in shallow deposits that will be developed using surface mining and 78% located in deeper deposits that will be developed using in situ recovery.
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				To year-end 2009, about 4% of the initial established reserves had been produced with about 65% produced using surface mining and 35% produced using in situ recovery.

				The ERCB estimates the ultimate potential of crude bitumen recoverable by in situ recovery methods from Cretaceous sediments to be about 210 billion barrels and from Paleozoic carbonate sediments at about 37 billion barrels.  Nearly 70 billion barrels is expected from within the surface-mineable boundary.  The total ultimate potential of crude bitumen is, therefore, about 315 billion barrels, of which 7billion barrels has been produced, leaving 308 billion barrels remaining.

				As of 2009, oil sands production has reached 1.49 million barrels per day of crude bitumen, 826 thousand barrels per day from surface mining, and 664 thousand barrels per day from in situ projects.  In 2009, the oil sands industry represented approximately 50% of Canada’s total oil production.

				Historical bitumen production over the last 15 years is illustrated in Figure 1-36.
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				To remove contaminants and improve the value of oil sands crude, a large portion of Alberta’s bitumen production is upgraded to synthetic crude oil (SCO) and other products before shipment to market.  After upgrading, supply of SCO (including other products) and non-upgraded crude bitumen totaled 1.34 million barrels per day in 2009 (766 thousand barrels per day of SCO and 570 thousand barrels per day of non-upgraded crude bitumen).  The 2010 production was 1.47million (660 thousand barrels per day of SCO and 810 barrels per day of non-upgraded crude bitumen).

				Key Development and Production Technologies

				The hydrocarbon component of the oil sands, crude bitumen, must be separated from sand, other mineral materials, and formation water before it is delivered to downstream upgraders or refineries.  Shallow oil sands deposits, generally less than about 215 feet to the top of the oil sands zone, are usually exploited using surface mining to recover ore-grade oil sands, then delivered to an extraction plant for separation of bitumen from the sand, other minerals, and water.  Deep oil sands, greater than about 215 feet to the top of the oil sands zone, are exploited using in situ recovery techniques, whereby the bitumen is separated from the sand in situ and produced to the surface through wells.

				Established oil sands mining and extraction technologies are based on truck and shovel mining techniques.  Trucks capable of hauling up to 400 tons of material are loaded by electric- and hydraulic-power shovels with bucket capacities up to 58 cubic yards.  The trucks transport oil sands ore to preparation facilities where it is crushed and prepared for transport to an extraction plant (where bitumen is separated from the sand).  The ore is mixed with water to create slurry that can be pumped to the extraction plant (this method is known as “hydrotransport”).  At the extraction plant, bitumen is separated from the sand, water, and other minerals using a hot water extraction process.

				Developing oil sands mining and production processes to improve recovery performance, reduce environmental impact, and reduce costs include the following:

				
						Mine-face crushing and slurry preparation to eliminate the use of heavy-hauler trucks 

						Counter Current Drum Separator extraction process (Bitmin process), developed to replace hot water extraction and produce relatively dry tailings sand

						Mine-face extraction, a process that uses cyclones to separate bitumen from the sand at the mine face.

				

				Established in situ bitumen recovery technologies have been developed to deal with the heavy, viscous nature of the bitumen, which means that it will not flow under normal reservoir temperature conditions.  For recovery of bitumen from deep deposits, viscosity must be reduced in situ to increase the mobility of bitumen in the reservoir.  This enables flow to wellbores that bring bitumen to the surface.  Bitumen viscosity can be reduced in situ by injecting steam to increase reservoir temperature, injecting solvents, injecting air, or using electric heating.  Steam-based thermal recovery is the dominant recovery technique used at Athabasca, Cold Lake, and Peace River.  The industry also conducts field tests of other in situ recovery methods including solvent-based recovery, co-injection of steam and solvents, co-injection of steam and non-condensing hydrocarbons, in situ combustion and electric heating.  Compared to surface mining, in situ bitumen production does not produce tailings that require disposal, requires less water due to higher recycle rates, and has a smaller surface footprint.  

				Primary recovery or “cold production” occurs where bitumen can flow under normal reservoir conditions without additional stimulation.  This approach has been used successfully in the Wabasca area of Athabasca and in the Peace River Oil Sands Area.  Secondary recovery, where production is stimulated by water or polymer injection, has been used successfully in the Wabasca area.

				Most in situ bitumen production has been enabled using steam-based thermal recovery techniques, such as cyclic steam stimulation or steam-assisted gravity drainage (SAGD).  These techniques, developed since the 1980s and 1990s, are now well established, and play a significant role in overall expansion of oil sands production.  

				In addition to improvements to these existing technologies, new in situ recovery processes are being developed to reduce energy requirements, reduce water use, lower costs, improve recovery factors, and reduce environmental impacts.  These include:

				
						Hybrid steam-solvent processes

						Solvent only processes

						In situ combustion

						Electric heating.

				

				Production Potential

				Development potential of productive capacity to 2035 and beyond has been reviewed by examining industry’s historical success in growing production, known plans for new development and expansion of existing projects, and the expected contribution of new areas and new technologies.  We have developed a most likely case, a constrained case, and a reasonably unconstrained case.  As stated earlier, the Canadian oil sands industry is well established.  Large-scale commercial production began more than 40 years ago.  In 2009, production reached 1.34 million barrels per day, and by 2015 productive capacity is projected to approach about two million barrels per day.  Several new projects have recently come on stream, several are under construction, and many more are proposed.  As of early 2011, industry had proposed projects representing about 7.7 million barrels per day of new bitumen productive capacity.

				Based on our review of available resources, the status of the industry, and the challenges it faces, it is our view that the Canadian oil sands industry has the high potential to provide up to 6 million barrels per day of SCO and raw non-upgraded bitumen supply by 2035.  This high case assumes a concerted effort by Canada and the United States to address challenges associated with unconventional oil development in general and oil sands in particular (e.g., energy and water intensity, tailings reduction and remediation, export capacity, and other constraints).

				The most likely case we have examined would see oil sands output grow to around 4.5 million barrels per day by 2035.  This assumes that:

				
						Supply continues to be driven by market demand

						The current Canada/U.S. free-trade relationship remains 

						Oil prices remain sufficient to justify new project investments

						Sufficient pipeline transportation capacity is built to move products to market

						Public acceptance of oil sands development is maintained by continual environmental performance improvements

						At this growth level, no undue restrictions are expected on capital availability, availability of engineering services, skilled labor supply, or material and equipment supply.

				

				A constrained case would see oil sands growing only to about 3 million barrels per day by 2035.  This case assumes governments implement stronger clean energy policies that create additional challenges for oil sands developments.  Strong policies to limit greenhouse gas (GHG) emissions encourage expansion of alternative forms of energy, while regulatory oversight of oil sands tightens further, particularly to address the impacts of oil sands development on air and water quality and land use.  The intersection of increasing costs and declining oil demand and oil prices (lower oil demand stems from government clean energy policies) raises economic hurdles and deters significant oil sands developments after 2020.

				Canadian Heavy Oil 

				History and Context

				Most Canadian conventional heavy oil comes from a region termed the “heavy oil belt.” The heavy oil belt straddles the border of Alberta and Saskatchewan, just south of the oil sands Cold Lake region.  Generally, heavy oil projects north of township 53 in Alberta are classified as oil sands and projects south are classified as conventional heavy oil.  In Saskatchewan, all heavy oil production (including production north of the Alberta cutoff) is categorized as conventional heavy oil.  Because of the technological and geographic overlap between bitumen produced from in situ oil sands and Canadian conventional heavy crude, Canadian conventional heavy oil is included within the unconventional oil category of this study.  Alberta defines heavy oil as all oil under 25.7 o API south of township 53, while Saskatchewan production data use a cutoff of under 20 o API for heavy oil.

				In 2009, production of Canadian conventional heavy oil was 382 thousand barrels per day with production in decline (5% per year on average over the past 5 years).  Combined production from Alberta and Saskatchewan peaked in 1997.  Recent declines are attributed to the maturity of “easy” oil and the shift in industry focus towards oil sands (Figure 1-37).  
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				Key Development and Production Technologies

				Today, heavy oil uses similar production technologies as in situ oil sands, such as:

				
						Cold heavy oil production with sand (CHOPS) – Recovery factors range from 3% to as highas 12%.  

						Horizontal well technologies – Typically applied to areas of the heavy oil belt with lighter gravity crudes, similar recoveries to CHOPS.

						Secondary recovery – Water and polymer flooding are used in lower viscosity reservoirs.

						Thermal (cyclic steam stimulation and steam drive) – Oil recovery has reached60%.  

				

				Similar to in situ oil sands, new methods have been developed and applied to improve recovery factors and extend the life of these resources.  These technologies include:

				
						Thermal steam-assisted gravity drainage (SAGD)

						Hybrid steam/solvent and solvent only processes

						In situ combustion

						Enhanced cold flow recovery.

				

				Production Potential

				By 2035, we estimate Canadian heavy oil producing in a range of 135 thousand barrels per day (constrained case) up to 350 thousand barrels per day (relatively unconstrained case).

				The most likely, or expected, case is for 2035 production of 250 thousand barrels per day, assuming an ongoing 4% decline per year to 2035 for cold flow production.  The amount of production using steam method increases from about 30 thousand barrels per day currently to 130 thousand barrels per day.  Further steam injection projects are limited as few portions of the resource are thick enough to apply steam methods.

				The high, or reasonably unconstrained, case is for 2035 production of 350 thousand barrels per day, with technological innovation enabling upside from the expected case.  Between 2025 and 2035 successful and economic pilots of both combustion and heavy EOR) with gas reinjection could be demonstrated in the heavy oil belt.  By 2035, these two innovations would add another 100 thousand barrels per day to production.

				The low, or constrained, case is for 2035 production of 135 thousand barrels per day, assuming an ongoing 4% decline per year to 2035 for cold flow production.  The amount of production from thermal methods does not increase substantially, as new thermal projects are limited to the more economic oil sands deposits to the north.

				Tight Oil 

				History and Context

				The term “tight oil” refers to crude oil or condensate found in sedimentary rock formations characterized by very low permeability.  This resource should not be (but often is) confused with resources that are commonly known as “oil shales,” which refers to oil or kerogen rich shales that are either heated in situ and produced or if surface accessible mined and retorted.

				The most notable tight oil plays in North America include the Bakken play in the Williston Basin, the Eagle Ford play in Texas, the Cardium play in Alberta, and the Miocene Monterey play of California’s San Joaquin Basin (see map, Figure 1-38).  Starting in the mid-2000s, advances in well drilling and stimulation technologies combined with high oil prices have turned tight oil resources into one of the most actively explored and produced targets in North America.
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				In terms of oil resources the tight oil plays are significant.  Total estimated resources of the tight oil plays identified by this report range from 6 to 34 billion barrels, and are based on reports for both producing and prospective tight oil plays.  It is likely that this estimate significantly underestimates the amount of recoverable oil when new tight oil techniques are applied to these deposits.  The NPC Resource and Supply Data survey, analyzing a wide set of studies and private industry outlooks, provided the high side estimate of 34 billion barrels.  

				Among the producing tight oil plays, the Bakken play is currently considered the largest, with estimates of recoverable resources or resources ranging from 3.65 billion barrels of oil to 4.3 billion barrels.  With respect to the prospective tight oil resources, it has been calculated that the Tuscaloosa Marine Shale play of central Louisiana and southern Mississippi may hold resources of 7.0 billion barrels.

				According to the North Dakota Department of Mineral Resources–Oil and Gas Division, production from the Bakken Formation in North Dakota has increased from approximately 20 thousand barrels per day in 2007 to more than 220 thousand barrels per day in 2010.  From the information available at the time of this study, the Bakken accounts for most of the current tight oil production, almost 350 thousand barrels per day including U.S. and Canadian production.  However, recent development within the Niobrara and Eagle Ford plays suggest that their productivity may be comparable to that of the Bakken within a few years.

				Key Development and Production Technologies

				Horizontal drilling technology, combined with advances in well completion and hydraulic fracture stimulation methods, has opened up domestic tight oil production in North America.  The successful production of tight oil relies on a detailed understanding of potential pathways to unlock hydrocarbons from low permeability and low porosity formations that may contain natural fracture networks.  Application of specific technologies and drilling strategies, especially with respect to well completion and stimulation techniques, almost certainly differs from play to play, and often even within a play.  

				The Bakken play is an example of this.  The exploitation approach for the Bakken evolved from early vertical wells perforated across the entire thickness of the formation to horizontal drilling of the upper shale, then to the horizontal drilling of the middle Bakken (which is not typically shale, but may be composed of silts, sands, or carbonates) utilizing single stage fracturing.  The current trend of horizontal drilling involves multistage fracturing of the middle Bakken.  The horizontal drilling approaches in the Bakken have also included a host of multilateral well types drilled in various orientations to optimize the influence of natural fracture networks and natural stress and strain forces on productivity.  The current trend in the Bakken is towards single well pad locations with various horizontals (up to 12) drilled from one location covering two 1,280-acre spacing units.  This significantly reduces surface disturbance and can save capital associated with multiple rig mobilization and demobilization.

				Production Potential

				By 2035, production from tight oil plays across the United States and Canada could range between 600 thousand barrels per day up to as high as 3 million barrels per day, with a most likely estimate of around 2 million barrels per day.

				The most likely estimate involves the application of knowledge gained during successful development of the Bakken towards other tight oil plays over this period.  Bakken production is expected to be between 400 and 600 thousand barrels per day by 2035.  If levels of Bakken production from Saskatchewan and Montana are each about half the North Dakota production, and similar productivity is realized from just three other large tight oil plays (for example the Eagle Ford, Niobrara, and Cardium) then more than 2 million barrels per day of production from tight oil formations in North America in 2035 is likely.

				In the reasonably unconstrained case, continuing improvement in recovery technologies, as well as development of more known plays, could result in a 50% increase in the 2035 estimate, to 3 million barrels per day from this resource type.

				In a constrained development case, production and development could be limited by restrictions on hydraulic fracturing by state and federal regulatory agencies; limited availability of water for hydraulic fracturing; or changes in the tax rules for oil exploration and production activities that reduce the financial incentive to produce tight oil resources.  These types of constraints could limit production from tight oil in 2035 to around 600 thousand barrels per day.

				U.S. Oil Shale 

				History and Context

				Oil shale consists of rock and a solid organic sediment called kerogen.  This naturally occurring source of hydrocarbon has not yet undergone the full transformation to oil and gas by heat and pressure over long periods of geologic time, creating a unique development and production challenge.

				Oil shale represents one of the world’s largest unconventional hydrocarbon deposits with an estimated 8 trillion barrels of oil in place.  Approximately 6 trillion barrels of oil in place is located in the United States, with the most concentrated deposits found in the Green River Formation in Colorado, Utah, and Wyoming.  This formation contains about 1.5 trillion barrels of oil in place.  About 80% of this resource lies under U.S. federal lands.

				There is a limited history of oil shale production in the United States, dating back to the 1970s and early 1980s, following the Arab oil embargoes.  When oil prices fell in the 1980s, oil shale production activities were halted although research into development and production technologies continued.  This includes efforts by the U.S. federal government, which awarded six research, development and demonstration (RD&D) leases in Colorado and Utah in 2006 and offered more leases in 2009.  In addition, companies, like Shell, have undertaken oil shale development research projects on private land.  

				Because of the long time cycle and high capital requirements of an oil shale project, broad and consistent government support would be required to develop a commercial oil shale industry.  Supportive government policy and regulatory certainty are crucial for private industry to assess risks and to commit the billions of dollars of required investment.  Commercial scale technologies with economically attractive recovery efficiency and acceptable environmental impacts will be required.  Because the road to commercialization is measured in decades not years – a long time horizon will allow development to continue through “boom and bust” oil and gas price cycles.

				Key Development and Production Technologies

				Oil shale production technologies fall into two broad categories: in situ and ex situ.  In an in situ development, the resource is converted to oil and gas without mining the oil shale ore.  In ex situ development, the ore is mined and transported to a surface retort where it is heated and converted into oil and gas.

				The rich accumulations in Colorado may be best developed by in situ technologies because of high mining costs associated with thick overburden covering the resource.  The shallow accumulations in Utah are generally not as thick as the Colorado deposits and may be developed using ex situ mining and surface retort technologies near the resource outcrop.

				Several development approaches are underway, mainly focusing on in situ techniques.  Some of this work is proceeding on federal RD&D leases.  The main technologies are the following:

				
						Heating kerogen with electric heaters down the wellbore to achieve pyrolysis of the kerogen and conversion to oil and gas, which can then flow to the surface

						Fracturing and chemical conversion of kerogen

						Mining and surface retorting to recover hydrocarbons.

				

				Several decades of continuing sustained research will be necessary to prove, demonstrate and deploy effective technologies to achieve material production of oil and natural gas from oil shale deposits.  Such a sustained effort will require long-term commitment from companies and a supportive fiscal, leasing, access, and research regime from the U.S. government.

				Production Potential

				Many technical, environmental, and regulatory challenges will need to be met before oil shales become a significant contributor to North American oil supply.  If these barriers and challenges are not met, there is a plausible low, or constrained, case in which there could be zero oil shale production by 2035.

				However, in the most likely case, we assume that three to five projects can emerge from the existing lease program and develop commercial production from the early 2020s, after conversion of RD&D leases to commercial leases around the middle of the current decade.  This should lead to production rates of around 250 thousand barrels per day by 2035, with prospects for considerable growth in subsequent decades.

				In the high, or relatively unconstrained case, more rapid technological progress and a supportive market and regulatory environment could allow the industry to develop larger projects earlier.  Large projects in the 100–200 thousand barrels per day output range would take 3–5 years for development and 5–7 years to reach sustainable production.  In this scenario, total production could reach as high as 1 million barrels per day by 2035.

				U.S. Oil Sands 

				History and Context

				U.S. oil sands resources show some important differences from the Canadian oil sands, discussed previously.  Factors such as more varied land ownership, more complex and challenging oil sand composition, and geographical dispersion add to the challenges faced by U.S. oil sands development.  

				Of the estimated 54–63 billion barrels of original bitumen in place, the resource in the Utah is the largest, at about 20 billion barrels, and the best understood.  Covering nearly 1 million acres, or 150 square miles, 11 major deposits are designated as Special Tar Sand Areas (STSA) within the state of Utah.

				An important difference between Canadian and U.S. oil sands (principally Utah) is that the U.S. sands are “oil-wet” rather than “water-wet.” Oil-wet U.S. sands lack the film of water layered between the sand grain and the bitumen in Canadian water-wet sands.  The oil-wet nature of U.S. oil sands leaves the deposits more highly consolidated (typically 3-4 times the compressive strength), making initial mining and ore conditioning operations more energy intensive than in Canada’s oil sands.

				At the time of this report, there is no commercial bitumen production from the U.S. oil sands.  There are three small pilot scale operations in Utah, operating on surface mineable deposits.  

				Key Development and Production Technologies

				It is expected that variations of technologies used in the Canadian oil sands region can be applied in the United States; however, they will need to be adapted to fit the oil-wet nature of U.S. resources and will require smaller scale operations, given the greater resource dispersion.  Surface mining techniques would be used for early development, with in situ technologies, adapted to Utah conditions, deployed later.  Oil-wet and highly consolidated oil sands deposits, like those in Utah, do not necessarily require radical technology changes, but innovation and adaptation based on known technologies from Alberta.

				Production Potential

				A U.S. Department of Energy Task Force on Strategic Unconventional Fuels, reporting in 2007, envisioned the potential for U.S. oil sands production to grow from zero to 350 thousand barrels per day by 2035 (with a more aggressive scenario of 500 thousand barrels per day).  This outlook appears optimistic given the status of resource development, investment, and current policy and regulatory frameworks.  Experts working on this study estimated most likely 2035 production of about 25 thousand barrels per day.  This assumes that one of the current research and pilot projects achieves technology successes allowing it to step up to commercial-scale operations.

				In the low, or constrained, case 2035 production is estimated at 10 thousand barrels per day, again assuming that one project can move to commercial scale, but the pace of development would be constrained by environmental and financial barriers.  

				In the high, or reasonably unconstrained, case it is assumed that enhanced policy, access, and fiscal support for resource development will encourage additional private capital to enter this play, and that production could grow to 150 thousand barrels per day by 2035, continuing on a slow growth curve thereafter.  

				Overall North American Unconventional Oil Production Outlooks

				Table 1-14 summarizes the potential production pathways for the sources of unconventional oil production analyzed in this section.
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				Most Likely Unconventional Oil Supply Projection (7 million barrels per day by 2035).  The projection assumes steady growth from existing supply sources and successful development of new, gradually implemented technologies.  U.S. oil sands and U.S. oil shale require the largest innovations, and commercial methods for production must be deployed.  Other supply sources require ongoing improvements to existing extraction methods.  Unconventional oil production is projected to reach 7 million barrels per day by 2035.

				Limited Unconventional Oil Supply Projection (3.7 million barrels per day by 2035).  The low projection assumes production growth is slowed by a number of factors.  For sources of supply with no current production (U.S. oil sands and U.S. oil shale), barriers to development include limited access to acreage, and minimal financial incentives and investment capital to pursue research and eventual commercial development.  For sources of supply with current production, challenged economics (higher environmental costs and environmental limits) ultimately constrain growth.

				High Unconventional Oil Supply Projection (10million barrels per day by 2035).  The projection assumes a set of circumstances that would accelerate production growth.  Major innovations in unconventional extraction occur, solutions minimize environmental effects, and strong government support in the United States and Canada fosters development.  New technology is developed and rapidly deployed.  Physical constraints are the main limits to growth – requirements to build pipeline capacity, time to build infrastructure, reasonable time to learn and ramp up capacity, water constraints, labor constraints, manufacturing equipment or drilling constraints.  In this projection – a true “stretch case” for unconventional supply – production reaches 9 million barrels per day by 2035.  

				Key Findings and Recommendations

				For each source of unconventional oil supply, the path to eventual production will be unique.  In some cases, the advance of broadly applicable oil and gas technology could lead to surprisingly rapid production growth – potentially the case for tight oil.  However, development of tight oil technology is likely to be the exception, not the norm.  Unconventional resources require new techniques to extract the oil.  Learning from the Canadian oil sands example, the yardstick for measuring the successful development and deployment of new technologies is decades – not years.  If the goal is to increase domestic oil supply and increase energy security, unconventional resources will surely need to be tapped.  These types of resources necessitate supportive government policy.  

				Finding 1: Conflicting information on environmental impacts of unconventional supply, including the relative GHG emission intensity of oil sands development or water quality impacts from tight oil production, could lead to misinformed or ineffective policy.  As unconventional supply has a larger environmental footprint, the environmental effects associated with production growth should be considered and planned for.

				Recomendation 1: Provide access to independent and accurate information to support the formation of policy.  Establish a Federal Advisory Committee Act (FACA) team to provide an independent forum to research and clarify aspects of unconventional supply.  This will identify areas of uncertainty and illuminate facts – ensuring that government initiatives are both informed and effective.  The FACA committee could also contribute to the development of early, long-range planning that considers the environmental effects associated with future unconventional supply growth.

				Finding 2: For unconventional sources with no production, specifically U.S. oil shale and U.S. oil sands – several ingredients that have been critical to the successful development of the Canadian oil sands are currently not in place.

				Limited Access – Corporations and individuals are constrained in the ability to assemble contiguous leases with large resources.  Without certainty in resource size, there is less incentive for companies to risk capital.

				Additional Fiscal Measures to Spur Growth – Canadian and Alberta government participation in oil sands included broad-based science and technology research, pre-commercialization investments, favorable fiscal terms, loan guarantees, and direct financial investment over decades.  The U.S. government provides vital funding for basic research, but these ideas must move from the laboratory into the field – the next critical step in resource development; funding is often an issue for entrepreneurial firms, which sometimes struggle to finance high-risk field pilots.  Unconventional royalties are another opportunity to incentivize development.  Current U.S. royalties are 12.5% – the same level as lower risk, established conventional oil production.

				Recomendation 2: Create an environment that fosters innovation and results in production growth; access to acreage with sizable oil resources and long-term stable fiscal regime with federal measures to support the industry.  Ideally the fiscal environment stretches over multiple decades, in order to provide the certainty to develop unconventional resources in an economically viable, socially acceptable, and environmentally responsible manner.  Fiscal measures could include loan guarantees, severance tax incentives, lower royalties, accelerated capital depreciation, and job creation programs (including retraining and financial support).  Other ideas include up-front investments to pursue technology deployment and creative oil and gas royalty and fiscal structures that consider the higher operating and capital costs of unconventional production.

				Finding 3: For unconventional supply with production, primarily Canadian oil sands, develop new technologies that lower the environmental footprint and offer higher, more sustainable, oil production levels.  For instance, Canadian oil sands have about 5–15% higher GHG emission per barrel than the average crude oil consumed in the United States.  Development of new technologies to lower GHG emission intensities would help to close this gap.  In turn, these technologies could be implemented domestically to improve the environmental footprint of new U.S. unconventional resources (oil shale and U.S. oil sands).  Investments in low or possibly zero-carbon emitting energy such as low-energy extraction methods or small-scale nuclear generation to fuel extraction, or CCS – all hold potential for reducing GHG emissions.

				Recomendation 3: Continue to participate in international and bilateral activities – such as the Energy Partnership of the Americas’ Heavy Oil Working Group.  Identify technology areas of mutual interest between the United States and Canada – areas that target more environmentally sustainable methods of production.  New technologies could result in economic opportunities for U.S. firms, while increasing energy security.  New technologies will most likely advance the development, and reduce the environmental impact, of U.S. oil shale and U.S. oil sands supply and may ultimately prove useful to other extractive industries.
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				Crude Oil Pipeline Infrastructure

				Overview

				Oil infrastructure is critical to the North American energy supply chain that has evolved over the last century.  For the purposes of this paper, oil infrastructure is limited to pipeline transportation infrastructure available for crude oil in North America.  While marine, rail, and trucking operations can be important infrastructure components, the vast majority of North American oil supply is moved via pipeline.  

				A detailed regional analysis of the crude oil pipeline system is included in Topic Paper #1-7, “Crude Oil Infrastructure,” which is available on the NPC website.  The regions covered are as follows:

				1.	Mid-Continent (currently part of PADD II [Petro-leum Administration for Defense Districts])

				2.	United States Gulf Coast (part of PADD III)

				3.	Midwest (northern part of PADD II)

				4.	Rocky Mountain (the same as PADD IV) 

				5.	Western Canada including Washington State (Washington State is currently part of PADD V)

				6.	Eastern Canada

				7.	California (currently part of PADD V)

				8.	Alaska (currently part of PADD V)

				Figure 1-39 shows the geographical extent of the PADDs (Petroleum Administration for Defense Districts) in the United States, often used to define regional petroleum logistics and market issues.  PADDs have been used to define the oil pipeline regions covered in this study.  
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				As of 2009, the United States had approximately 55,000 miles of crude oil trunk lines (typically 8–24 inches in diameter) connecting North American supply and market regions.  This number does not include tens of thousands of miles of gathering lines used to move crude oil from production fields to trunk lines, refined products lines to move products from refinery to market, and LPG/NGL lines used to move other commodities such as propane and ethane.

				Since the last NPC study on oil pipelines, conducted in 1987–1989, the United States has seen significant shifts in supply and demand for crude oil.  Total imports of foreign crude into the United States have nearly doubled from just over 4.7 million barrels per day in 1987 to roughly 9 million barrels per day in 2009.  This is a continuation of the trend of domestic U.S. production falling over most of the period, while oil demand increased.

				One of the most significant changes in the dynamics of U.S. crude oil transportation has occurred over the past decade as the United States trended away from its reliance on waterborne imports, towards imports from Western Canada.  Since the 1987 NPC report, U.S. imports of Canadian crude oil have tripled to nearly 2.5 million barrels per day, with nearly 40% of that growth occurring since 2000.

				The most direct impact of this shift is highlighted by changes in the Midwest and Rocky Mountain regions.  In the Midwest, many pipeline networks were originally established to supply domestically produced light crude oil from Texas and the U.S. Gulf Coast region to large refining hubs in PADD II.  Northbound corridors from Cushing, Oklahoma and St. James, Louisiana, once formed the backbone of the crude oil pipeline infrastructure in the Mid-Continent, U.S. Gulf Coast, and Midwest regions.  Now, they are increasingly secondary to the growing demand for southbound capacity.  

				A similar situation is occurring in the Rocky Mountain region, where a growing surplus of light Rocky mountain crude oil supply, coupled with increasing availability of Canadian supply and lower refinery demand, has overwhelmed takeaway pipeline capacity on the Rockies to Midwest Interregional Corridor.

				Also, growth of crude oil supplies in the U.S. Mid-Continent, coupled with growth in Canadian production, is causing an imbalance in the traditional market dynamics around the Gulf Coast region.  The expected surge in future offshore domestic production combined with Canadian imports and the capacity of current infrastructure will likely reduce the need for the Gulf Coast to increase foreign crude import capability.

				Like the PADD I region, the West Coast Region, consisting of PADD V excluding Alaska, remains a largely separate market from the rest of the United States and faces a unique set of issues.  California has no intraregional or interregional pipelines.  An interregional pipeline corridor operated when the 1987 NPC study was completed, but the system has since been converted to natural gas service, a result of declining production and dwindling throughput.  Regional crude oil production has fallen to less than half of what it was in the 1980s and is now less than 1.3 million barrels per day.  With little historical need for waterborne import infrastructure, and the age of some facilities approaching 50 years, the California Energy Commission has forecasted a need for significant expansion of waterborne import facilities and tankage by 2030 to accommodate imports.

				In spite of shifts in market dynamics since the previous NPC study, the Mid-Continent region, specifically Cushing, Oklahoma, remains the nexus of North American crude oil supply and movements.  As of 2008, Cushing holds 5–10% of total U.S. crude oil inventory and it remains the price settlement point for the benchmark West Texas Intermediate on the NYMEX.  Several major pipeline corridors service the Cushing hub, including supply from the Western Canadian Sedimentary Basin, making the Cushing hub and surrounding region strategic importance to North American market dynamics.

				In addition to evolving market dynamics, pressing issues for the network of crude oil pipelines across North America include the age of existing infrastructure, combined with encroachment from urban development leading to concerns about public safety.  Together these issues will likely lead to an increasingly stringent regulatory environment, and additional capital will be required to enhance the safety and securing of oil infrastructure.

				The overarching trend in oil infrastructure is the requirement to respond to shifting market dynamics caused by changing sources of domestic supply and evolving transfer corridor capacity requirements.  Emerging alternative crude oil sources in the Western Canadian Sedimentary Basin and North Dakota’s Bakken play are pushing Midwest and Mid-Continent pipelines to realign existing infrastructure to back out traditional imports from the Gulf Coast in favor of growing supply from the north.

				Key Findings

				As a whole, the petroleum pipeline industry and infrastructure network will face a number of common challenges over the next 50 years.  Industry, policymakers, and regulatory bodies must be mindful of these challenges to ensure a balance of diligence and efficiency that will best serve the interests of petroleum producers and consumers.

				Changing Market Dynamics and Public Policy 

				Since the 1987 NPC oil pipeline study, the petroleum transportation industry has responded to the needs of a changing North American crude oil market landscape.  Declining crude oil production in regions such as PADDs III and V has been offset by offshore imports, or U.S. imports from western Canada.  Refinery rationalization and Canadian imports in recent years have led to increased reliance on PADD II refinery hubs in Chicago and Wood River.  Such shifts have been met with expansions or reductions in corridor capacity between supply regions and demand hubs and demonstrate how the commodities markets determine infrastructure needs.

				The last 25 years has been a period of punctuated market development.  Regions that had produced a relatively stable supply of crude oil began to slow.  In the latter half of 2010 and the beginning of 2011, West Texas Intermediate priced at Cushing, Oklahoma, was for the first prolonged period ever priced at a significant discount to Brent and other worldwide benchmark crudes.  This shows how changes in balance between markets can impact crude oil pricing.  Where market inefficiencies occur, industry continues to act as an effective balancing mechanism by identifying an economic opportunity and developing infrastructure to rebalance the market.  

				Public policy should continue to support existing market mechanisms and encourage the market to respond to infrastructure needs emerging in the foreseeable future.  This is the case for newly constructed or expanded infrastructure, and also when underused pipelines need to be reversed, idled, or undergo changes in type of service.

				Energy Security

				Energy security is protected when markets and the industry are encouraged and able to respond swiftly to economic drivers.  There is no better example of this than today’s changing North American supply and demand landscape.  Rapidly growing production from Northern Alberta’s vast energy reserves is met with ample pipeline export capacity to the United States, allowing crude oil to flow to major refining districts in the Midwest, Mid-Continent, and ultimately the Gulf Coast.  The robust energy supply position for North America will support energy security for the United States, as long as the necessary pipeline corridors are in place to continue to link production and markets.

				While changes in supply patterns across North America will favor expansion of certain corridors, declining use may merit capacity in others.  Market forces will continue to support U.S. energy security even where use determines some corridors may become unnecessary.  Though changing supply patterns are shifting towards a predominantly North-South flow from Canada into the Midwest and Mid-Continent, some degree of import capacity from the U.S. Gulf Coast into those regions should remain available.  Economics and pricing dynamics dictate that the throughput on those corridors will continue to act as a balancing mechanism for pricing hubs.  This will ensure that imports from the Gulf Coast or the Strategic Petroleum Reserve will be available to the Mid-Continent and Midwest even if the majority of supply originates in the Western Canadian Sedimentary Basin or the Bakken play.

				Existing Infrastructure Use

				Changing market dynamics between regions impacts existing infrastructure use.  For most of the past 50 years, pipeline infrastructure was oriented in a south-north alignment.  However, increasing supply from Canada coupled with falling supply from traditional production regions is causing a reversal to north-south orientation.  

				This shift, along with other changes in market dynamics resulting from shifting crude oil supplies, has resulted in a number of reversals, conversions, and idling of existing systems.  For some pipelines, this means using existing infrastructure with commodities for which they were not originally designed.  While this is not a significant issue, it is important for the industry to be responsive to how a pipeline’s original design parameters combine with its current operation.

				In other regions, supply and demand shifts have resulted in significantly underused lines.  Situations have emerged where one or two shippers will continue to rely on a pipeline, but capacity demand remains consistently below the pipeline’s economic threshold.  In cases where demand on an existing pipeline falls below optimal flow rates, the question begs whether the asset ought to remain in service at a sub-optimal flow rate with potentially prohibitive operating economics, or whether the asset ought to be idled entirely.  

				In these instances the pipeline service provider is left in a challenging predicament.  Economics around a particular asset may no longer be favorable to continued operation, but the provider is left open to shipper and regulatory scrutiny for the adverse impact the asset’s idling or abandonment may have on another business.  Such cases need to be carefully examined in Canada and the United States and the benefit to one party must be weighed carefully against the harm to another.

				If and when a decision is made to idle or abandon a pipeline, determinations about the remediation of the asset must be made.  From an environmental and social perspective it may or may not be in the public’s interests to remove a pipeline and fully remediate a right of way.  Such decisions will be dependent on the specific region or environment and the local municipalities.

				Aging Infrastructure

				Much of the pipeline infrastructure in North America was laid well before the last NPC oil pipeline study was conducted in 1987.  In 2010, several existing systems are already 50 years old with no plans to be decommissioned based on asset age alone.  On systems where asset integrity remains high, and market demand still necessitates infrastructure, there is no reason to retire assets so long as adequate maintenance and integrity programs can guarantee system safety.

				Asset integrity cannot be directly predicted by age alone, but, as time passes, overall infrastructure and integrity issues could become more common with age.  Among age-related challenges are:

				
						Internal and external pipeline coating issues

						External corrosion

						Third-party damage 

						Weld seam failures

						Specific integrity issue around flash welded pipe.

				

				These challenges are cause for concern not only because of public safety risk, but because of heavy reliance on pipeline infrastructure in the North American economy.  The U.S. relies on a small number of key pipeline transportation corridors.  Mitigation and integrity programs are in place, but these programs may result in increased operating and maintenance costs.  Downtime for planned maintenance will increase and be accompanied by an increased risk of apportionment on key pipelines.

				Regulatory Challenges

				Development of new or greenfield pipeline projects often faces procedural challenges because of a complicated regulatory environment in the United States.  The lack of overarching federal oversight in the oil pipeline permitting process leaves potential projects subject to a patchwork of required state level environmental, regulatory, and commercial approvals.

				In some cases, the public benefit of a project is clear on the national level, but less so at the state level.  For example, an oil pipeline connecting supply in one region to demand in another may easily travel through one or more states without any intermediate receipts or deliveries.  However, states between the origin and destination may see no immediate economic benefit to residents or businesses.  At the state level it may be determined that with no immediate and primary benefit to local residents, regulatory and environmental approvals should not be provided.  In these cases, federal mandate is required to show that the project serves the public’s interests, albeit at a national rather than state level.

				State permitting processes multiply the number of separate and unique approvals required for each individual project.  This increases the costs and time required for the development of new projects and introduces significant commercial risk that one state may approve a project while another firmly disapproves it.

				As infrastructure demands from continental regions such as the oil sands grow and aging infrastructure requires replacement, a streamlined federal level permitting process will be of greater value.

				Public Perceptions

				With continued urban growth, a growing percentage of pipeline right-of-way is in close proximity to residential and commercial development.  As this trend continues it will be crucial to ensure public awareness of the facilities and to manage public perceptions around leak detection.  

				Challenges in the oil transportation industry have highlighted vulnerabilities in leak detection technology and reminded home and business owners of the facilities in their area.  As the average age of North America’s pipeline network rises, it is important to work with municipalities to ensure emergency response plans are up to date and to educate individuals and businesses near pipeline facilities of the importance of “Call Before You Dig” programs and who to notify if they suspect a leak.

				Security and Protection of Pipeline Assets

				In 2009, there were approximately 55,000 miles of crude oil trunk lines (typically 8–24 inches in diameter) and tens of thousands of miles of additional feeder lines, gas lines, and natural gas liquids pipelines in the United States.  The challenges around pipeline surveillance and the volume and volatility of the liquids transported through pipelines place them at a high risk for severe social and environmental fallout should pipeline integrity be compromised accidentally or intentionally.  Beyond the immediate physical consequences of a severe pipeline disruption, the economic ramifications of taking a major pipeline corridor offline even temporarily could be far reaching and result in crude oil shortages, refinery shutdowns, and market disruptions.
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				PROSPECTS FOR NORTH AMERICAN GAS DEVELOPMENT

				Overview

				Each major heading in this section describes one segment of this portfolio of current and future natural gas supply, and includes an overview of the context and production history, where applicable, the key technologies required for development, potential production pathways to 2035 and beyond, and an outline of the key findings.  The section concludes with an overview of the natural gas infrastructure system required to deliver this supply to market.  Each of these topics is described in more detail in topic papers that are available on the NPC website.

				Unlike oil, natural gas from the United States and Canada has supplied the vast majority of market needs in the region over the past 50 years.  Both nations are large natural gas producers, but production and development activities have been almost exclusively directed towards serving the North American market.  With one exception (Alaska LNG, operational since 1969), only recently have serious proposals been put forward regarding the potential to export North American gas into global markets.  Indeed, this was preceded by several years in which facilities to import LNG were developed on a large scale, in anticipation of domestic supply falling short of meeting market growth in the United States and Canada.  

				Onshore natural gas, from both conventional and unconventional reservoirs, forms the vast majority of current and future supply potential.  Supply prospects have been transformed in recent years as natural gas companies have applied technology to develop gas supplies that could not previously be produced in economic quantities, particularly from shale gas basins.  In addition, large actual and potential producing natural gas supplies from offshore and the Arctic are discussed below.  

				Offshore

				Development and Production History and Context

				U.S. Lower-48 Offshore

				The offshore has been an active and important contributor to North American natural gas and oil supply, as described in a previous section.  Natural gas activity has been almost exclusively located in the central and western zones of the Gulf of Mexico, although significant resources and production potential are known to exist in other offshore areas.

				Natural gas production from the federal offshore grew from about 0.06 Tcf in 1954 to a maximum of around 5.2 Tcf in 1997, accounting for just over 25% of total U.S. natural gas production at that time.  Since then, federal offshore natural gas production has declined to around 2.4 Tcf in 2009, or 11% of total U.S. gas production.  Figure 1-40 shows gas production as a percentage of total U.S. production from 1960 to 2010.  
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				Currently, U.S. lower-48 offshore oil and gas production is restricted to the Gulf of Mexico and the Pacific OCS shelf regions.  Much of the eastern Gulf of Mexico is expected to be restricted to drilling until 2022, and the Pacific and Atlantic OCS areas were restricted from leasing consideration up until 2008.  For the purposes of this study, oil and gas development on the Alaska OCS is included in analysis of the Arctic region, rather than the U.S. offshore region.  

				As with oil, a shift in development focus from the shallow water Continental Shelf of the Gulf of Mexico to the deepwater frontier zones (with water depths greater than 1,000 feet) began in the mid-1990s, and accelerated after 2000.  This trend is expected to continue as more discoveries and drilling activities occur in the deepwater and ultra-deepwater areas of the Gulf of Mexico.  Beginning around 2000, the Gulf of Mexico’s shallow water gas production has markedly declined while deepwater production has increased.  Deepwater natural gas production rose from 382 Bcf, or 7.5%, of total Gulf of Mexico production in 1997 to around 1.4 Tcf in 2004, or 35%, of total Gulf of Mexico natural gas production.

				Apart from the central and western zones of the Gulf of Mexico, other offshore areas in the U.S. lower-48 were subject to congressional moratoria from 1982 to 2008.  After these moratoria expired, the administration proposed leasing strategies that would include selected new areas, such as an expanded eastern Gulf of Mexico zone and areas off the mid and south Atlantic coastline.  However, these plans were reconsidered in the aftermath of the Macondo oil spill in the deepwater Gulf of Mexico.  There are currently no plans for new leasing outside the central and western Gulf of Mexico.  Estimates of undiscovered technically recoverable natural gas resources in the U.S. offshore moratoria areas vary from 77 to 231 Tcf.  This is a significant proportion of the Bureau of Ocean Energy Management Regulation and Enforcement mean estimates of total U.S. lower-48 offshore undiscovered technically recoverable natural gas of 288 Tcf.[12] A significant resource base remains available for future offshore natural gas production.  Figure 1-41 shows oil and gas resource estimates in areas formerly under moratoria or considered off-limits to OCS oil and gas production.  
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				Canada Offshore

				In Canada, offshore hydrocarbon production comes exclusively from its Atlantic margin; natural gas and oil are produced in Nova Scotia (Figure 1-42) and Newfoundland offshore, respectively.  Commercial offshore natural gas production has been centered on the Sable Island sub-basin of the Scotian shelf.  Natural gas is also produced offshore Newfoundland, in the White Rose and Jeanne d’Arc basins, but here it is reinjected into the fields.  Gas production from the Sable Offshore Energy Project comes from five shallow marine fields (25 to 75 meters) that commenced production between 1999 and 2004.  In 2009, 459 MMcf/d was produced at the Sable Offshore Energy Project.  In April 2010, cumulative gas production reached 1.6 Tcf.  Gas is piped onshore where it is distributed to market through the Maritimes & Northeast Pipeline.  
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				Also in Nova Scotia, the Deep Panuke gas field in the Scotian Shelf should commence production in 2011.  The field is estimated to contain up to 900 Bcf of gas with a planned daily production of 300 MMcf/d.  

				As in the U.S. lower-48, other offshore areas in Canada are subject to moratoria and other similar restrictions on exploration and development activity.  These are discussed in the oil offshore section above.  

				Key Development and Production Technologies

				Offshore oil and natural gas resource development has been characterized by continuous technology development and innovation, appropriate for moving into greater water-depths, high-pressure, high-temperature subsurface environments, and complex geological settings.  Because most of these technologies are developed and deployed for both oil and natural gas production, discussion of them is included in the offshore oil potential section of this chapter.

				Production Potential Pathways

				U.S. Lower-48 Offshore

				For the U.S. lower-48 offshore, a reasonably unconstrained production pathway, or high potential case, and a reasonably constrained production outlook, or limited potential case, have been examined.  These reflect the enablers and challenges to offshore development identified by the NPC expert subgroup and by respondents to the data survey.  

				The high potential pathway is characterized by a favorable economic environment, with increased access to offshore lands, accelerated technological progress, and favorable government policies towards offshore development.  Conversely, the limited potential pathway assumes more limited access to offshore zones, slower technological improvement, and a more stringent policy and regulatory environment.  

				As with offshore oil supply outlooks, alternate cases published in the EIA’s Annual Energy Outlook have examined environments of expanded offshore access, accelerated technology deployment, and high prices that would affect prospects for natural gas (see Figures 1-43, 1-44, and 1-45).  These characterize the high potential offshore natural gas production pathway.  Production of natural gas in U.S. lower-48 offshore trends from a minimum of 2.4 Tcf in 2010, in the reference case, to a maximum of 3.8 Tcf in 2035 in the high price case, according to the AEO2011.  That translates into an annual growth rate range of 0.4 to 0.7%.
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				Similar to oil, much of the expected increase in U.S. offshore natural gas production is likely to come from new discoveries in the Gulf of Mexico, such as the Lower Tertiary trend.  The extent of the effects of the Lower Tertiary trend on expansion of offshore gas resources is exemplified by the McMoRan discovery of the Davy Jones field, located in 20 feet of water at a total reservoir depth of nearly 30,000 feet.  Although shallower, conventional horizons of the Gulf of Mexico Shelf have been heavily produced, only a small percentage of wells have been drilled to more than 15,000 feet below the mud line.  McMoRan’s Davy Jones prospect is believed to hold at least 1 Tcf of gas.  This discovery demonstrates that hydrocarbon-saturated Lower Tertiary formations exist not only in remote, deepwater locations, but also closer to shore, where development requires less time and money, and infrastructure is in place.  A number of other Lower Tertiary play prospects, scheduled to come online between 2010 and 2020, hold the promise of a significant increase in natural gas production in the Gulf of Mexico providing the technical challenges are overcome.  

				With respect to the limited potential production outlook, the EIA’s low price case is an indicator of the impact of the multiple factors that could affect production.  Natural gas production forecasts vary from 2.6 Tcf in 2010, in the low oil price Case, to 4.3 Tcf in 2035, in the AEO2010 reference case.  Results of the AEO2011 show gas production ranging from 2.4 Tcf in 2010 to 2.1 Tcf in 2035, in the low oil price case.  That trend translates into a growth rate range of negative 1.1% per year in the Gulf of Mexico and negative 0.6% per year in the Pacific region.  The reference case of the AEO2011 shows natural gas production increase from 2.4 Tcf in 2010 to 3.1 Tcf in 2035.  That trend represents an annual growth rate of 0.4% in the Gulf of Mexico and 3.5% in the Pacific region.  Overall, the range of annualized growth rate of natural gas production in the constrained case path is negative 1.1% to positive 0.4%.

				As in the case of oil, if widespread long-term offshore development moratoria are reinstated, leading to no development offshore outside of the central and western zones of the Gulf of Mexico, overall natural gas production could be 20% lower than this outlook.

				Key Findings

				Comprehensive review of North American offshore oil and gas facts and prospects has led us to the following findings:

				
						Natural gas development and production in the U.S. lower-48 is significant, and may deliver positive production growth to 2050.  Annual growth rate of offshore natural gas production is expected to range from negative 1.1% to positive 0.7% through 2035.

						According to the AEO2011, natural gas production in the U.S. lower-48 offshore is expected to decline from 2.4 Tcf in 2010 to 2.1 Tcf in 2035 in the low price case.  Overall, U.S. lower-48 offshore natural gas production is also expected to rise from 2.4 Tcf in 2010 to 3.8 Tcf in 2035 in the high oil price case.

						Beginning around 2020 and extending to 2050, we expect the bulk of natural gas production in the lower-48 offshore to originate from the deepwater Gulf of Mexico, the Gulf of Mexico Lower Tertiary formations, and the Pacific and the Atlantic offshore regions.  

						Government policies favorable to accessing additional U.S. lower-48 offshore lands are needed to reach natural gas development and production growth rates stated above.

						We expect a slow down and a postponement of offshore natural gas development and production if unduly constraining operation safety requirement and stringent environmental policies are implemented in the OCS following the Macondo oil spill in the deepwater Gulf of Mexico.

						Technological progress and innovation are the key factors that would enable development and production of natural gas in new frontier regions located in deep water and in deeper reservoirs.

						Seismic innovative technologies that allow clearer imaging of the subsalt horizons in the Gulf of Mexico are pivotal to the expansion of hydrocarbon resources via additional newer discoveries.

						Subsea technology and an extended architecture system will boost production of offshore natural gas in remote and challenging deepwater and ultra-deepwater environments that lack basic infrastructure needed to produce and to transport the hydrocarbons to shore.

						Canadian offshore production of natural gas is low in comparison to the U.S. lower-48, and is confined to the eastern shore in Newfoundland and Nova Scotia.  Removal of the formal and de facto moratoria will provide opportunities to increase natural gas development and production in offshore Canada.

				

				Arctic

				History and Context

				The section on Arctic oil, earlier in this chapter, describes the geographical scope of the Arctic as used for this study and includes a map of the region studied.  This section of the work looked at the regions of Alaska, Canada, and Greenland subject to ice conditions that impact hydrocarbon exploration and development activities.

				As with oil, this Arctic region contains very substantial natural gas recoverable resources that can justifiably be termed as a world-scale natural gas resource region.  The discovered undeveloped and technically recoverable undiscovered volumes from Alaska, Arctic Canada, and Greenland are currently estimated at about 670 Tcf, on a mean, risked basis.  This estimate is roughly equal to the oil resource on an energy equivalent basis.  Figure 1-46 shows how this resource is distributed across the major basins of the region.  And Figure 1-47 shows how this resource is proportionately split between Alaska, Arctic Canada, and Greenland, including those areas under drilling moratoria or otherwise unavailable for leasing.
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				The long history of onshore and offshore oil and gas leasing, licensing, and exploration drilling in the Arctic region has resulted in the discovery of significant oil and gas reserves.  Some reserves have been developed and produced, most notably the giant oil and gas field at Prudhoe Bay on the Alaska North Slope and the large oil and gas fields (onshore and offshore in Cook Inlet, Alaska).  There are also numerous stranded discoveries (no development/production facilities and/or pipelines) such as the Burger discovery in the U.S. Chukchi Sea.  This region also is believed to contain significant undiscovered volumes, based on numerous government agency estimates and supported by industry interest (leasing/licensing, historical 2D seismic and modern but limited 3D seismic, and renewed attempts to secure regulatory permission to drill particularly in the offshore).  Most of the significant yet-to-be-found volumes are believed to be contained in the offshore, beneath the continental shelf.  Unlike oil, there has not been major natural gas production in the Arctic, except within the Cook Inlet region of Alaska, mainly as the large proved reserves under the Prudhoe Bay and Point Thomson fields on the Alaska North Slope and the fields on the Mackenzie Delta have been unable to access the market as a result of lack of pipeline infrastructure.  

				Following is a brief summary of the development and production history for the most significant of the main Arctic areas under consideration.

				North Alaska Onshore

				Exploration drilling in this region began in 1945 and discovered only non-commercial hydrocarbons until the discovery of the giant Prudhoe Bay field in 1968.  This field contained recoverable reserves of 15 billion barrels of oil and 27 Tcf of natural gas.  Oil has been produced from this field since 1977, but the produced associated natural gas has not been commercialized due to the lack of a gas pipeline, and the bulk of the produced gas has been and still is reinjected back into the producing reservoir to enhance ongoing oil recovery.  Significant stranded gas (~8Tcf) has also been discovered at Pt. Thomson Field along the coastal plain near the ANWR 1002 area.  Many of the more than 400 exploration wells drilled on or around the North Slope coastal plain have shown non-associated gas, particularly in the southern part of the region.  In addition, prospective areas outside of the North Slope Coastal Plain (NPR-A, North Slope Foothills and the ANWR 1002 area) are significantly underexplored.  Further, it is expected that the NPR-A and North Slope Foothills region may have a higher endowment of gas than oil.

				North Alaska Offshore

				There are 186 active leases in the Beaufort Sea, most of which were issued following U.S. federal lease sales held in 2005 and 2007.  In the Chukchi Sea, 487 leases were issued following a U.S. federal lease sale in 2008.  However, these leases had not yet been drilled as of mid 2011, as a result of issues outside the control of lessees, up to and including the suspension of authorizations for Arctic drilling in 2010 following the Macondo oil spill in the deepwater Gulf of Mexico.  The combined BOEMRE and USGS total mean estimate of risked, undiscovered, technically recoverable natural gas resources for the Beaufort Sea is 33.5 Tcf gas.  The Chukchi Sea is also significantly underexplored but is estimated to hold 76.8 Tcf of risked, undiscovered, technically recoverable resources of natural gas.  Previous offshore exploration wells have demonstrated the occurrence of natural gas, as described by BOEMRE, in both of these basins (Burger, Kuvlum, Hammerhead, Sandpiper, Seal, and Tern).

				Central Alaska Onshore

				 This region contains several basins of possible interest (Yukon Flats and Nenana Basin) but lacks significant subsurface data.  Various assessments suggest that this region could contain natural gas (5–11 Tcf).  

				South Alaska Onshore and Cook Inlet 

				The Cook Inlet Basin covers some 15,000 square miles; almost half are offshore.  The Cook Inlet onshore and state waters area has more than 300 exploration wells and numerous mature fields, both onshore and offshore, that have produced oil and gas since the early 1900s.  New exploration in this basin waned after the 1968 giant Prudhoe Bay Field discovery in north Alaska.  The basin is generally considered a mature province.  The mean, risked, undiscovered, technically recoverable resources for the Cook Inlet area are 25 Tcf of natural gas.  The other basins in this region (Aleutian Peninsular [onshore Bristol Bay and State Waters], Gulf of Alaska [onshore and State waters], and Copper River) are believed to have undiscovered reserve potential but lack a modern resource assessment.  Exploration wells have been drilled in these basins (Aleutian Peninsular, 36 wells; Copper River, 11 wells; and Gulf of Alaska onshore and state waters, 55 wells) but have not so far yielded a commercial discovery.

				South Alaska Offshore

				The Bering Shelf, North Aleutian Basin and Pacific Margin have been assessed as very prospective for natural gas resources.  The Bering Shelf has 19.6 Tcf of technically recoverable natural gas resources including 8.6 Tcf on the Aleutian shelf, while the Pacific Margin has a further 8.2 Tcf.  The Aleutian Shelf planning area was considered for leasing within the 2007–2012 5-Year Leasing Program.  However, OCS Sale 214, scheduled for 2011, was removed from the sale schedule by the Secretary of the Interior in the spring of 2010 and the area is now under a Presidential withdrawal from lease sales till June 2017.

				Canadian North

				The Canadian North region contains onshore basins in British Columbia, Yukon, Northwest Territories, and Mackenzie Delta region, as well as the offshore Canadian Beaufort Sea area, Arctic Islands/Sverdrup Basin area.  The National Energy Board of Canada estimates the mean, risked, undiscovered, technically recoverable resources for the Canadian North Onshore basins as containing 1 Tcf gas.  The NEB estimates the mean, risked, undiscovered, technically recoverable resources for the Mackenzie Delta/Canadian Beaufort Basin area as containing 52 Tcf gas.  The NEB estimates mean, risked, undiscovered, technically recoverable resources for the Arctic Islands/Sverdrup Basin as containing 28 Tcf gas.  In addition, the USGS has assessed the Canadian Beaufort Outer Continental Slope region (outboard of the Canadian Beaufort and Arctic Islands/Sverdrup Basin areas) and estimates mean, risked, undiscovered, technically recoverable resources of 15.1 Tcf.

				Canadian East

				The Canadian East region is divided into the Canadian Baffin Bay area (adjacent to the West Greenland) and the Labrador/Newfoundland Shelf.  The southern limit of the study area excludes the Scotian Shelf and associated developments at Sable Island, where natural gas has been produced over the last decade.  The Canadian Baffin Bay area is estimated to have a mean, risked, undiscovered, technically recoverable natural gas resource of 33.7 Tcf, based on ascribing 45% of the USGS analysis of the West Greenland-East Canada “Baffin basin” to the Canadian portion of this region, while the Labrador-Newfoundland shelf is estimated to hold 57 Tcf of natural gas.

				Greenland

				The natural gas resources on the Continental margin offshore Greenland are estimated as follows; West Greenland 41.2 Tcf, North Greenland 10.2 Tcf, and the East Greenland Rift Basins 86.2 Tcf, based on ascribing 55% of the USGS analysis of the West Greenland-East Canada “Baffin Basin” to the Greenland portion of this region.  The USGS believes most of the conventional oil and gas potential resides in immediately offshore basins with little potential in the adjacent onshore areas.  No quantitative assessments have been conducted for the south and southeastern offshore margin of Greenland.  The offshore acreage in Greenland is administered by the Greenland Bureau of Minerals and Petroleum.

				Technology

				From the perspective of hydrocarbon exploration, development, and production, natural gas activities in the Arctic are subject to similar considerations as those for oil, described in the Arctic oil section of this chapter.  Natural gas development in the Arctic faces the additional challenge of required long-distance pipelines to access markets in Canada and the United States.  Natural gas is not currently exported off the North Slope, Mackenzie Delta/Canadian Beaufort, Arctic Islands/Sverdrup Basin, or Labrador Shelf because there is no gas pipeline infrastructure to transport the gas to markets.  Alternatives such as tankering gas in the form of LNG or building a gas-to-liquids plant which could convert the natural gas to a higher density liquid product for transport through the TAPS system have reportedly been studied, but until recently have not been deemed economically competitive.  Recent activity has been directed toward developing the concept of a natural gas pipeline to move natural gas to market, as witnessed by the Denali, TransCanada and Mackenzie Valley gas pipeline proposals of recent years.  Until export capabilities are developed for the Alaska North Slope, the majority of the gas will continue to be reinjected into the producing reservoirs to enhance oil production, and used locally for energy and heating.  Meanwhile, Mackenzie Delta and Canadian Beaufort gas remains unproduced.  

				Potential Production Pathways

				Given that no overall North American Arctic supply outlooks could be found in the public domain (although there are a few basin-specific analyses for portions of Alaska and the Canadian Arctic), the Arctic Subgroup developed three consensus cases: Limited Potential (reasonably constrained), Most Likely, and High Potential (reasonably unconstrained).  The adjective “reasonably” is used with care; it does not imply that all constraints are either present or removed.  It represents the Subgroup’s informed view of what may happen to Arctic development through 2050, given economic, regulatory, and environmental constraints that are less, or more, favorable to such development.

				The three cases each outline a different production scenario for major current or future developments.  Large, remote severely stranded resources (e.g., Canadian Arctic Islands, NE Greenland Rift Basin) are not included.  Table 1-15 summarizes the assumptions specific to natural gas in these three scenarios.
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				The most likely case is expected to lead to Arctic production of 2 Tcf/yr (5.5 Bcf/d), based on pipelines being developed in both Alaska and the Mackenzie Delta/Canadian Beaufort to take gas to market by around the middle of the 2020s.  On the Alaska side, this would amount to 1.6 Tcf/yr, with a further 0.4 Tcf from the Mackenzie Delta and Canadian Beaufort Sea.

				In the Limited Potential case, these sources of gas would remain stranded, assuming that the required infrastructure development would not occur with continuing economic and regulatory challenges acting as a disincentive to the project proponents.  

				In the High Potential case, it is assumed that a higher pace of resource development activity in Alaska, including new offshore areas and the Mackenzie Delta/Canadian Beaufort, would justify expansions of the two pipeline systems by 2025, allowing increases in production to a total of 2.9 Tcf/yr (almost 8 Bcf/d), of which about 2.2 Tcf would be from Alaska and the remainder from the Canadian north.  

				It should be noted that the Arctic Subgroup’s gas production cases for Alaska may be conservative, as compared to a published analysis by Northern Economics suggesting that the U.S. Beaufort and Chukchi OCS regions are capable of significant natural gas production if the reported undiscovered hydrocarbon resource assessment by the BOEMRE is validated by future exploration and appraisal drilling.  The Northern Economics gas production forecast is contained in Table 1-7 and Figures 1-29 and 1-30 (pages 99-100).

				Key Findings

				The key findings and recommendations relative to Arctic development are included in the Arctic oil section earlier in this chapter.  There are no further specific findings and recommendations relating only to Arctic natural gas.  

				Onshore Gas

				Production History and Context

				The onshore natural gas component of North American supply includes both conventional and unconventional gas as developed and produced in onshore basins in the United States and Canada, with the exception of onshore Arctic basins.  

				Currently, onshore gas from Canada and the United States supplies over 95% of the natural gas consumed in both these nations.  Overall U.S. production has increased significantly since 2005, with U.S. dry natural gas production reaching an average of 57.8 Bcf/d in 2010.  This dry production level represents an increase of 16% from the recent historic low of 49.7 Bcf/d in 2005, and is the highest overall U.S. production rate since 1973.  

				Production of natural gas from shale as a category is largely responsible for the overall production increase in the United States, having grown the most in both absolute and percentage terms since 2000.  In 2000, shale gas production was approximately 1.0 Bcf/d, or about 2% of the U.S. supply mix.  Shale production had grown to approximately 11.6 Bcf/d by 2010, representing approximately 20% of the 57.8 Bcf/d of estimated dry U.S. production (Figure 1-48).  Production from tight formations has also increased in both absolute and percentage terms, increasing from 12.0 Bcf/d in 2000 to 19.9 Bcf/d in 2010, or from 23% to 34% of the total over the period.  When adding U.S. coalbed methane production, also considered “unconventional,” production from unconventional sources has more than doubled in the United States since 2000 – increasing by 19.2Bcf/d, from 17.2 Bcf/d in 2000, to 36.4 Bcf/d in 2010.  Shale gas production has also begun in Canada, most notably in the Montney (siltstone) and the Horn River basin, but has not as yet arrested the decline in overall production there.
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				U.S. (Bcf/d dry) and Canadian (Marketable) Production Mix – Conventional and Unconventional Sources 2000–2010

				Unconventional production has increased from approximately one-third of the total U.S. supply mix in 2000, to nearly two-thirds in 2010, or from 33 to 63% of the total (Figure 1-48).  The increase in U.S. production since 2005 is almost entirely due to shale gas.  Growth from this source alone exceeds total U.S. production growth over this period.  Shale gas and coalbed methane represent a growing percentage, currently approximately 11%, of overall production in Canada.  U.S. lower-48 and non-Arctic Canada onshore gas production in 2009 is estimated at 24.1 Tcf/yr.

				The focus on unconventional resource plays – tight gas, coalbed methane, and shale gas – has also arrested a previous decline in average well productivity, increased reserves per well drilled, and lifted the reserve life index.  Shale gas plays are dominating the unconventional spectrum, although both tight gas and coalbed methane continue to contribute to this trend of increased productivity.

				As shown on an annual basis in Figure 1-49, total North American gas production reached a new high of 27.3 Tcf in 2009 following a period of approximately flat production over the previous nine years, despite a 57% increase in the well count.  The upturn in production since 2005 coincides with the rapid development of unconventional gas within North America, particularly shale gas.  Figure 1-49 includes production and well counts from the Gulf of Mexico, as the offshore component was not identified separately within this particular 20-year data set.  The Gulf of Mexico accounts for about 10% of produced volumes.
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				Production and reserves from newly drilled wells have increased since 2006, suggesting that not only do these newly drilled wells replace natural declines in rates and reserves in historical wells but they add considerably more incremental rate and reserves per well.  Such a reversal of historical gas production and reserve trends should be expected, as tight gas and shale gas production profiles exhibit substantially higher initial production rates and recoverable reserves than conventional wells.  Although unconventional wells are fewer in number, their prolific production and reserve additions have reversed a declining trend.

				The first widespread deployment of new drilling and completion technologies focused on shale gas was concentrated in the Barnett Shale play, in northeast Texas.  The play, in active development since the early 1990s, grew in importance from the mid-2000s.  Breakthroughs in technology transformed the play into a prolific producing area starting in 2005.  Peak month production in the Barnett shale play increased by at least 60%, or by more than 500 Mcf/d per well, in the 2005–2009 period, compared to 1990–2000.  

				While the Barnett Shale was an early success in shale gas development, other plays are still being discovered, with the Eagle Ford, Montney (siltstone), Horn River, and the Marcellus Shale still in early, but rapid development (Figure 1-50).  Additional shale resource plays, including the Duvernay, Utica, Collingwood, and others, wait in the wings, providing a large future resource base for North American natural gas supplies.  
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				Key Development and Production Technologies

				Development of natural gas has recently been dominated by the application of new technology, especially the development of cost-effective fracture stimulation in horizontal wellbores.  Both horizontal drilling and fracture stimulation have been in use for decades.  Fracture stimulation was first implemented in a gas field in 1947 in the Hugoton gas field and gas from shale has been produced for more than a century.  Experimentation with horizontal drilling goes back as far as the 1920s, although the first commercial application didn’t take place until the mid-1980s in the Austin Chalk formation.

				Following are some key milestones in development and application of technologies to unlock North America’s natural gas resources follow.

				Key Technology – Commercialization of Shale as a Resource

				Shale gas production can be traced back to the mid-1800s, but until recently was a rather insignificant source of energy.  Once considered only a marginal producer, a source rock for hydrocarbons, or as an impermeable barrier or seal for conventional reservoirs, it is now a primary target for commercial drilling.  These ultralow-permeability reservoirs are routinely exploited.  This is made possible through a combination of technologies, directional drilling, seismic, lateral wellbores (horizontal wells), and hydraulic fracturing.  Without these technologies, most shale reservoirs would not be commercial today.  Hydraulic fracturing is the most critical advance for natural gas supply for North America.

				Key Technology – Hydraulic Fracturing

				First implemented for natural gas production in 1947 in the Hugoton gas field, fracturing increases the contacted surface area within a reservoir.  Reservoir rock is fractured by pumping high-pressure water with a sand slurry that props the fractures open.  Because the first fracturing treatment included no propping agent to maintain conductivity within the induced fractures, it proved unsuccessful.  By 1949, hydraulic fracturing was successfully implemented in the Woodbine sands in East Texas and became commercially viable.[13] Since then, many improvements have been made to reliability and safety.  By hydraulically fracturing a gas reservoir, the effective permeability, or capacity to flow, can be significantly increased.  In fact, with no stimulation treatment, many currently producing reservoirs would be considered impermeable.  Successful stimulation treatments can increase permeability by five to six orders of magnitude.[14] By 1955, more than 3,000 fracturing treatments were pumped each month.  Throughout the 1960s and 1970s, fracturing became better understood and could be optimized for a particular formation.[15] Operational efficiency improvements resulted in cost savings, making more plays economic.  Today, coil tubing fracturing technology has resulted in shorter time requirements per fracture induced, and multiple zone fractures can be completed in a short time.  According to the Independent Petroleum Association of America, approximately 90% of new gas well production relies on hydraulic fracturing.

				Key Technology – Horizontal Drilling

				In horizontal well drilling, a well is drilled parallel to the formation, exposing more reservoir rock than would be possible using a conventional vertical completion technique.[16] By increasing the length of the horizontal portion of the well, multiple vertical well locations were replaced with a single horizontal well for a fraction of the cost, minimizing surface disturbance.  As early as 1927, the concept of drilling horizontally through the producing formation was tested in North America; however, many of the technique’s early advances were made in Bashkiria, Russia.

				It was not until the 1980s that notable commercial horizontal wells were drilled in North America in the Austin Chalk, Bakken, and Niobrara formations.[17] As technology improved, horizontal drilling enabled previously, non-commercial formations to become economic.[18] By the 1990s, more than 1,000 horizontal wells had been drilled throughout the world.[19]  

				After initial commercialization of the technique, efficiencies continued to improve, yielding longer lateral lengths per well and ultimately continuing to decrease surface disturbance.  In 1987, the first horizontal wells in the Bakken Shale were of relatively modest lengths of approximately 1,000 feet.  By the 1990s, as technology improved, lateral lengths of 3,000 to 4,000 feet were possible, and today wells are routinely drilled with lateral lengths of 10,000 feet.

				Key Technology – Modern (3D) Seismic Technology

				The increase in activity during the 1980s was also spurred by the advent of 3D seismic technology. The exploration success rate increased, resulting in previously uneconomic plays becoming tenable.  Today, seismic data is processed using computer algorithms that assist in identifying anomalies in the data.  These anomalies may be identified as hydrocarbon deposits.  From 1990 through 2001, the overall costs of 3D seismic imaging decreased by a factor of five.  Surveys conducted by The American Oil and Gas Reporter as well as the Petroleum Technology Transfer Council indicate that seismic technology has been highly beneficial to the industry.[20] 

				Modern seismic imaging techniques allow for improved recognition of formation types and characteristics.  The use of modern seismic technology has allowed wells to be drilled while avoiding potential water zones and areas of high faulting.  Although much work is still needed in this area, this technology has increased the likelihood of drilling locations of high productivity while decreasing the chances of drilling low productivity wells.

				Key Technology – The Personal Computer

				Technological improvements in computer processing power have also resulted in tremendous efficiency gains.  Prior to the widespread use of personal computers, simulations and other rigorous mathematical modeling required mainframe computer time.  This proved both cost and time prohibitive.  Personal computers have become ubiquitous in the industry, allowing engineers and geologists to routinely execute complex mathematical models to simulate reservoirs and basins.  This has been reflected in metrics that track worker productivity, as shown in Figure 1-51.  The personal computer led to increases in worker efficiency and has enabled a host of other products.  Computer-aided design (CAD) software packages are used in conjunction with computer numerical control machining to produce sophisticated tools to exact specifications.  Because of advances in computer numerical control milling technology, production times have been significantly reduced.  Downhole equipment is also more robust.  Robotic controllers are now used, especially in high-pressure high-temperature environments.  Prior to these advances in electronic technology, many hydrocarbon reservoirs were effectively inaccessible.
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				Advancing Technologies

				 The following areas of ongoing research associated with natural gas production will result in improved recoveries and operational efficiencies in the near term: 

				
						Fracturing technology

						Surface disturbance minimization

						Super-pad drilling

						Slim-hole completions

						Fit-for-purpose Coiled Tubing Drilling

						Multilateral wells.

				

				Future Technology

				Of natural gas production in the United States in 2008, approximately 40% of the wells required hydraulic fracturing stimulation to produce at economic rates.[21] According to the Independent Petroleum Association of America, approximately 90% of new gas wells rely on hydraulic fracturing to produce.[22] Without both hydraulic fracturing and horizontal drilling, future production growth in onshore natural gas cannot be achieved and any reservoir termed “unconventional” would be uneconomic.  The EIA has modeled natural gas supply for a scenario with no additional tight gas production.  In this scenario, natural gas production from onshore North America falls by 39%.  From these estimates it can be seen that the future of natural gas supply in North America will rely upon future availability and continuous improvement in fracturing tight gas and shale gas formations.  

				Production Potential

				Potential for future production of onshore gas has been transformed by development and application of the technologies described in the previous section.  A number of studies have quantified the resource base and these assessments are included in Table 1-16.
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				The most important realization from these studies is that in less than a decade, estimates of the North America resource base have grown by more than 150%.  The most recent study sponsored by America’s Natural Gas Alliance includes a comprehensive geological and engineering based model of 32 unconventional plays, including shale gas, tight gas sands, and coalbed methane formations.  These unconventional plays in the United States alone were projected to have recoverable resources over 2,200 Tcf.  This recent study, in combination with the consistent trend of resource growth, provides a compelling argument that the resource base is large.  With sufficient confidence in the underlying resource base, the focus can shift to questions regarding supply and rates of development.

				For the production pathways analyzed here, the NPC team used the resource data supporting the Massachusetts Institute of Technology energy initiatives (MITei) report.  The data provide a reasonable range of estimates in a format useful for scenario building.  MITei uses the North American supply model developed by ICF, which provides for a high-medium-low look using “current” technology and the same for an “advanced” technology case, resulting in six different model outputs for consideration.  

				It should be noted that “current” refers to technology applied in 2007 or earlier.  Given recent breakthroughs, today’s application of technology renders the “Advanced Technology” cases more relevant today.  For the purposes of this study, it was decided to focus upon three onshore, non-Arctic resource size cases:

				
						Case One – MITei/ICF Mean Resource Base, Current (2007) Technology, Remaining Recoverable Resource 1,901 Tcf, Estimated Ultimate Recoverable Resource 2,996 Tcf.  The consensus view of the NPC team is that this case is conservative and it is highly probable that it will be surpassed.

						Case Two – MITei/ICF Mean Resource Base, Advanced Technology, Remaining Recoverable Resource 2,890 Tcf, Estimated Ultimate Recoverable Resource 3,985 Tcf.  The consensus view of the NPC team is that this case is also rather conservative and it is probable that it will be surpassed.

						Case Three – MITei/ICF High Resource Base, Advanced Technology, Remaining Recoverable Resource 3,561 Tcf, Estimated Ultimate Recoverable Resource 4,656 Tcf.  The consensus view of the NPC team is that this case is reasonable today and could readily be surpassed.

				

				Figure 1-52 illustrates the supply cost stack for these three cases.  This figure shows gas resource volumes on the horizontal axis plotted against cost of supply ($/MMBtu) on the vertical axis.  The scale is truncated at $30/MMBtu.  Historical cumulative gas production rose above 1,000 Tcf in 2006.  The estimated ultimate recoverable gas resources for the three cases are plotted in Figure 1-52.
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				The additional resources that might be recoverable at costs above $20/MMBtu appear to be relatively small, so comparisons among the cases can be made at this level.  Ultimate recoverable resources, including cumulative production to date, range from ~3,000 Tcf in Case One up to ~4,700 Tcf with advanced technology in Case Three.  

				With this understanding of the potential resource base, we analyzed implications for supply potential for the onshore non-Arctic segment of North American gas under several scenarios.

				
						Flat Supply Scenario – at a constant 24 Tcf/yr, equal to current production rates, until beginning of decline, the variation in remaining resource estimates has a significant effect on the duration of plateau supply length.  As illustrated in Figure 1-53, approximately five to nine decades at this production level are possible, followed by significant post-plateau supply.
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						Supply Growth Scenario – An increased rate of supply scenario, whereby supply is assumed to increase approximately 50% from 24.1 Tcf/yr to 36.5 Tcf/yr.  The increase takes place to achieve this higher supply plateau in approximately one decade.  This plateau could be maintained for between two and four decades after 2020, based on the resource estimates used, as illustrated in Figure 1-54.  (Should market needs be greater over this time period, other supply sources, such as offshore gas, Arctic gas, or imported LNG would also be called upon to complete the supply mix.)
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						Restricted Supply Scenarios – Here assumptions are analyzed to estimate the effects of various possible restrictions or constraints (such as limitations on fracturing and resource access) on industry’s ability to supply onshore gas.  Two of these scenarios are illustrated in the following figures: from extreme limitations to supply (Figure 1-55) to moderate limitations to supply (Figure 1-56).  Clearly, these assumptions would have a drastic effect on the ability to supply North America gas domestically.  The remaining resource would be reduced by over 70% compared to the unrestricted Flat Supply scenarios, and potential plateau supply would be eliminated entirely under the most extreme restrictions, such as disallowing hydraulic fracturing.  Plateau (flat) supply would be reduced from the approximate 80–90 years, to approximately 40–50 years by assuming 33% restrictions on unconventional supply.
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				Figure 1-57 provides a summary of Flat Supply, Supply Growth, and Extremely Restricted Scenarios using the mid-range estimate of recoverable resources (Case Two), and as such provides a guide to the potential for reasonably unconstrained, most likely, and constrained production pathways.  
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				To further test the reasonableness of these potential production pathways, the study team analyzed the magnitude of input requirements needed.  Details of the methodology and results are described in Topic Paper #1-8, “Onshore Natural Gas,” available on the NPC website.  Here we summarize the indicative requirements of rigs, industry personnel, tubular (steel) tonnage, proppant, and fracture stimulation water usage required to support both the Flat Supply and Supply Growth scenarios.  

				Based on expectations of relative economics of the major natural gas types, it was assumed that increases in drilling would primarily target shale gas, and to a lesser extent tight gas.  Conventional gas and coalbed methane drilling were assumed to remain essentially flat at around current levels over the period to 2050.  To avoid a disproportionate draw on any particular resource type, the potential amount of natural gas that would be produced over the lifetime of the wells drilled between 2010 and 2050 was checked against public estimates of recoverable resources by type.

				The estimated production by resource type and pace of onshore natural gas drilling to maintain combined U.S. and Canadian production at current levels of roughly 66 Bcf/d for the Flat Supply Scenario is indicated in Figures 1-58 and 1-59.  
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				Increasing output of shale gas rises to about 60% of the total and is able to offset declines in conventional and coalbed methane production to maintain production.  As shale gas wells produce at higher rates than many of the conventional, coalbed methane, and tight gas wells relied on previously, the absolute number of new onshore gas wells required to maintain current production remains less than 60% of the peak 2006 level.

				To achieve significant increases in combined U.S. and Canadian production to roughly 100 Bcf/d by 2020, and maintain that level thereafter, would involve higher levels of drilling.  As indicated in Figures 1-60 and 1-61, shale gas again is projected to account for about 60% of the production from 2020 onward.  By 2050, the requirement for new onshore natural gas wells would be projected to reach over 80% of the 2006 peak.
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				While the absolute number of new onshore natural gas wells remains below previous peaks, the numbers may not be strictly comparable since shale gas wells tend to require greater amounts of labor, equipment, and materials to drill and complete than earlier generations of onshore natural gas wells.  To test the level of inputs required for drilling under the scenarios examined, the study team looked at such items as fracture stages, water use for fracturing, proppant, steel, and manpower.  The following charts illustrate the requirements derived from the level of activity analyzed.

				The first figure set (Figure 1-62) illustrates the activity-related input requirements for U.S. lower-48 and non-Arctic Canada onshore gas supply; namely rigs (total and high horsepower), direct employment, well capital, and steel for well tubulars.  This level of activity is generally consistent with historical levels.  Employment would increase.  High horsepower rigs (1,500 horsepower or more) are estimated at approximately 25 to 33% of the total gas rig count.

				

				[image: NARD-pg148-150_Part115.pdf]

				

				Figure 1-63 illustrates the fracture stimulation activity-related input requirements for U.S. lower-48 and non-Arctic Canada onshore gas supply, including fracture stimulation stages, fracture proppant, and initial water (without differentiation between primary and re-used water) required for fracture stimulation.  The Flat Supply scenario is expected to require historically similar overall numbers of fracture stimulation stages and proppant compared to recent levels.  The Supply Growth scenario would require approximately 50% greater fracture stimulations overall by 2050 than recent history.  Water (primary and re-use) for fracture stimulations would increase, depending upon scenario, by approximately 50–125% overall by 2050 compared to recent levels.  Local increases in water use could be greater.  Nonetheless, even in the Supply Growth scenario in 2050, estimated total annual water used for fracture stimulations at 2.5 billion barrels is still less than 0.2% of the U.S. daily consumption in 2000 (excluding hydroelectric utilization) of 213 billion gallons per day (1.85 trillion barrels per year).[23] Advances by the industry to reuse stimulation water and use non-potable water will likely substantially reduce actual water use below this estimate.
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				Natural gas can continue to be a significant contributor to the continent’s energy supply and security.  Ample natural gas is available in North America to supply current consumption levels for decades and to support significant growth into other sectors as well.  New techniques, including cost-effective multiple-stage fracture stimulation in horizontal wellbores, have enabled vast resources never before considered economic at any reasonable price.  Input resource requirements (e.g., rigs, people, fracture stimulation proppant, and water) are significant yet manageable, and achieving these levels of supply is within industry capabilities.  Extreme restrictions on critical inputs (particularly fracture stimulation, water disposal, and land access) on a national level will cause natural gas supply rate to decline.  

				Key Findings 

				
						Recent technology advances have enabled development of large-scale tight gas and shale gas resources in North America.

						Estimates of remaining resources, particularly of shale gas, have increased significantly in recent years and in all resource studies.	Horizontal drilling coupled with multi-stage fracture stimulation plays a key part in this increase, enabling greatly increased production of shale gas and tight gas. 



						The remaining recoverable gas resource (as of January 2010) is estimated to be between 1,900 and 3,600 Tcf.	Further advances in technology and play delineation beyond the current level are expected to further increase this quantity.
	Legislative and regulatory constraints (particularly on fracture stimulation) on development activity could drastically reduce the available recoverable resource.



						Between five and nine decades of flat supply at 2009 levels is estimated to exist, even accounting for substantial (600–1,400 Tcf) resource being produced on a decline following the plateau.

						Onshore gas supplies can support increased use of this resource.  Up to three decades of supply is estimated to be available at 50% greater supply levels than today, even accounting for a decade ramp up and decline volumes.

						Supply costs should remain moderate as long as development and production is not overly restricted or unduly burdened.

						Requirements to support this resource development are achievable based upon high level scoping: 	Directly employed personnel could increase 10–25% over 40 years.
	The rig count required is manageable and within historical levels, although a higher level of high horsepower rigs is anticipated.
	Well capital and steel needed for pipelines, tubing and casing is similarly manageable and comparable to recent historical levels.
	Proppant needed for fracture stimulation may double or treble versus 2010 estimates (flat to double versus 2008) over 40 years.
	Water (including primary and re-use) needed for fracture stimulation could increase 50–150% to approximately 2.5 billion barrels of water annually, less than 0.1% of U.S. water withdrawal in 2000 (less than 0.2% of U.S. water withdrawal in 2000 excluding hydroelectric use).
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				Natural Gas Infrastructure 

				History and Context

				The U.S. natural gas infrastructure system comprises a network of buried transmission, gathering and local distribution pipelines, natural gas processing, LNG, and storage facilities.  Natural gas gathering and processing facilities are necessarily located close to sources of production.  They gather gas from producing wells and remove water, volatile components and contaminants before the gas is fed into transmission pipelines, which transport natural gas from producing regions to consuming regions.  Storage facilities are located in both production areas and near market areas, subject to geological limitations and market forces.  North American natural gas infrastructure has developed over the past 30 years to link regions of supply with regions of demand.  Major production basins in the Gulf of Mexico, Appalachia, Western Canada, and the Rocky Mountains connect to population centers in the Northeast, Upper Midwest, West Coast, and Southeast markets.  

				Natural gas gathering and processing infrastructure collects natural gas from producers, processes it to meet the specifications of pipeline quality gas, and delivers it into the pipeline grid.  There are currently 38,000 miles of gas gathering infrastructure in the United States and approximately 85 Bcf/day of gas processing capacity.  Gathering and processing facilities are generally subject to oversight by state regulators.

				Natural gas transmission pipelines transport natural gas from production areas to market areas.  Transmission pipelines receive gas from gathering or processing facilities and deliver it to end users, local distribution companies, or other transmission pipelines for further transportation to market.  FERC is charged with approving construction and operation of interstate natural gas pipeline facilities.  Currently, there are approximately 220,000 miles of interstate pipeline in service in the United States.  In addition, the EIA estimates that there are over 76,000 miles of intrastate pipeline in operation.  Construction and operation of intrastate pipelines is regulated by the states in which the pipelines are located.

				In addition to FERC’s responsibility to review and authorize interstate natural gas and storage facilities in the United States, multiple other federal statutes affect the construction of interstate natural gas pipelines and storage facilities.  These include the Clean Air Act, the Clean Water Act, the Endangered Species Act, the Coastal Zone Management Act, the Fish and Wildlife Coordination Act, the Historic Preservation Act, the Rivers and Harbors Act, the Mineral Leasing Act, the Federal Land Policy Management Act, and the Wild and Scenic Rivers Act.  Additional state and local agencies provide approvals for gathering and processing facilities, and may present additional requirements for pipeline and storage projects.

				Natural gas storage facilities help meet gas demand peaks when demand exceeds production and long-haul pipeline throughput levels.  When cold weather or other market conditions create more demand for gas than domestic production or imports can satisfy, gas in storage makes up the difference.  When supplies of natural gas exceed demand (e.g., between seasonal peak demand periods), storage allows gas producers to continue production without interruptions.  This lowers the need to cut back on production or to shut in wells, which could damage their integrity.  In North America, gas is typically injected during the summer (April to October) and withdrawn in the winter (November to March).  Storage can also be used for seasonal system supply or for peak intraday demands, in particular where high deliverability storage is needed to supply gas-fired power generation activated for peak electric power loads.  

				FERC has jurisdiction over underground storage sites owned and operated by interstate pipelines, as well as independently operated storage sites that offer services in interstate commerce.  EIA reports there are 401 active underground natural gas storage fields with a total working gas capacity of approximately 4.2 Tcf.  Of that amount, 2.6 Tcf serves interstate commerce.  

				Infrastructure Development Issues

				Gathering and Processing

				The rapid growth of shale gas production and its transformative effect on North American gas supply is changing the gathering and processing industry.  Existing infrastructure will come under pressure in some regions, particularly regions with higher supply costs that are unable to maintain or grow production in competition with lower cost shale gas.  Shifting gas supply will result in the closing of some processing facilities and may drive business closures and consolidations in some regions.  In other regions, new infrastructure will be required, including gathering pipelines and processing plants in producing regions, and possibly new pipelines to transport ethane and other natural gas liquids.

				Shale gas production will be an increasingly important source of new production.  The growth in shale gas development also has increased the recognized reserves of NGLs in the United States. However, the growth in liquids from all gas shale plays is not uniformly distributed across the country.  The NGL-rich gas plays are the Barnett in Texas, the western portion of the Marcellus in Pennsylvania, the Woodford in Oklahoma, the Eagle Ford play in southern Texas, and the Niobrara play in Colorado, Nebraska, and Kansas.  The Fayetteville in Arkansas, the Haynesville in Louisiana, and the Horn River in Western Canada are dry by comparison.  

				Shale gas basins in new regions, such as the Marcellus in the Northeast and mid-Atlantic, will require an entirely new set of NGL pipelines to connect to markets.  The public in some areas of this region is not accustomed to, and may be actively opposed to, production and processing facilities.  Effective public outreach and consultation will be necessary for successful development.  

				Transmission Pipelines

				Since 2000, FERC has approved over 16,000 miles of interstate pipeline and nearly five million horsepower of compression.  These projects can be categorized either as greenfield pipelines (new pipelines in new rights-of-way) or as enhancements (i.e., looping of an existing pipeline, addition of compression, or extensions or laterals of an existing system).  About 14,000 miles of interstate pipeline and 4.6 million horsepower of compression have also been placed into service.  

				Recent development of shale gas basins in the southeast U.S. has spawned a boom in transmission pipeline construction in that part of the country.  Shale gas supplies have been connected, via new pipelines, to the traditional long-line pipelines that transport natural gas from the Gulf of Mexico to the mid-Atlantic and northeast U.S.  Over 2,400 miles of interstate pipeline has been approved to move southeast U.S. shale gas.  

				Looking to the future, pipeline construction will continue in the southeast U.S. to access shale gas deposits.  However, a major build-out of interstate pipeline capacity in the mid-Atlantic and northeast U.S. will be needed to transport gas from the Marcellus basin to markets.  In fact, 201 miles of interstate pipeline to transport Marcellus shale basin gas are under construction, 449 miles are pending, and almost 1,000 miles of potential projects have been announced.  An interesting characteristic of the Marcellus Basin area pipelines is that while the total capacity proposed will be large, the mileage will be seemingly small when compared to long haul pipelines in the west.  This is due to the proximity of this supply to highly populated east coast markets.

				Another important potential source of gas supply for the lower-48 states is the North Slope of Alaska, with approximately 35 Tcf of gas reserves.  Beginning with the passage of the Alaska Natural Gas Transportation Act in 1976, projects have been considered to transport Alaskan gas.  In 2004, Congress passed the Alaska Natural Gas Pipeline Act with the objective to facilitate the timely development of an Alaskan natural gas transportation project to transport natural gas from the North Slope of Alaska to the lower-48 states.  The Act also confirmed the Commission’s authority to authorize a pipeline to transport Alaskan natural gas to the lower-48 states and designated the Commission to be the lead agency for processing the National Environmental Policy Act documentation.  

				The TransCanada Alaska Pipeline project is a joint venture of TransCanada Alaska Company LLC and ExxonMobil.  This project is designed to transport up to 4.5 Bcf/d of Alaskan North Slope gas to the Alaska-Canada border, approximately 750 miles.  The project has a Canadian affiliate proposing to construct facilities from the Alaska-Canada border to existing facilities in Alberta.  From Alberta, the gas would be transported through existing facilities to delivery points in the United States.  However, based on the apparent economics of Alaskan gas versus shale gas, it seems unlikely that Alaskan gas will be delivered to the lower-48 states in the foreseeable future.  

				The United States used an average of 66.1 Bcf/d of natural gas in 2010.  This is far lower than the interstate capacity of 183 Bcf/d.  Nearly half the capacity we have today has been built since 1972.  Because pipeline systems must be sized and designed for peak capacity rather than average capacity, much of apparent overcapacity is reflected in these numbers.  Although this redundancy creates a robust and reliable transmission system, it is not evenly distributed across North America.  Pockets of constraints and areas of overcapacity still exist because of local supply and demand factors.

				Storage

				FERC has authorized almost 970 Bcf of new underground storage capacity – either as expansions of existing storage fields or as new storage sites – since 2000.  Since 2002, 416 Bcf of new capacity has actually gone into service.  Similar to historical pipeline expansion, storage development has mainly occurred in the south central U.S. to first accommodate the expected increase in imported liquefied natural gas, and, more recently, to store the gas produced from shale basins.  This trend in the location of storage facilities is expected to continue.

				Storage field development is limited by the challenges of finding sites with the appropriate combination of geological features, pipeline proximity, and the ability to obtain land, rights, and permitting.  Large portions of the United States, including much of the Northeast, do not have geological structures conducive to underground gas storage.  

				Strong growth in gas demand for power generation has increased demand for flexible, high-deliverability storage that can be cycled several times annually.  Most of the value that these facilities create comes from short-term price volatility rather than the summer/winter price spreads that have underpinned traditional storage development.

				Future Natural Gas Infrastructure Requirements

				Estimating levels of needed infrastructure growth requires consideration of future supply and demand for natural gas.  Fluctuating levels of supply and demand within an integrated market produces price signals that elicit an infrastructure investment response.  For example, if supply develops in a region without sufficient pipeline capacity, a price difference develops between the supply area and downstream demand centers.  If this difference is high enough, it signals a need for new pipeline capacity to allow more gas to flow.  When seasonal price spreads develop, a signal is sent to the market to store gas in lower priced periods and extract it when prices are higher.  In addition, price volatility signals value for more storage capacity to provide a physical tool for shorter term balancing.  

				New Gathering and Processing Requirements 

				The requirement for new gas gathering infrastructure will be driven by the need to connect large volumes of new gas supply to the existing pipeline grid.  The requirement for new gas processing infrastructure will be driven by the large volumes of new gas production that are expected to be connected over the forecast period, and by the expectation that relatively strong oil prices will encourage investment in the extraction of natural gas liquids.

				The June 2011 INGAA Foundation study on North American natural gas infrastructure needs through 2035 projects a cumulative need for almost 414,000 miles of gathering pipelines, including individual well connections, for a cumulative investment requirement (in nominal dollars) of about $50 billion.  The same study projects a need for 32 Bcf/d of gas processing capacity additions through 2035 for a total investment of $22 billion (in nominal dollars).  This may need to be supplemented by new NGL pipelines, in particular from the Marcellus region to markets in the Midwest or Gulf Coast.  

				New Transmission Pipeline Requirements

				Future pipeline infrastructure expansion will be driven by a shift in production from mature basins to areas of unconventional (i.e., shale) natural gas production.  Regions with unconventional production growth, such as the Marcellus basin in the Appalachian region of the northeast U.S., will experience the greatest infrastructure investment.  

				A demand-side factor that will influence construction of more transmission pipeline is the expected increase in gas-fired electric generation as coal-fired generation is affected by expected environmental and carbon regulation.  Gas-fired generation, given the amount of domestic shale gas, is likely to be relatively cheaper than in previous years and has approximately half the emissions of coal-fired generation.  

				The INGAA Foundation 2011 study estimates that by 2035 the expanded market will require about 36,000 miles of transmission pipelines and a further 14,000 miles of shorter lateral pipelines needed to connect new gas-fired power generation capacity, gas storage, and processing plants.  This would require cumulative investments of nearly $130 billion (in nominal dollars) by 2035.  

				New Storage Requirements

				Very few states have suitable depleted reservoirs, aquifers, and salt formations available for storage development.  Areas without much storage potential include Nevada, Idaho and Arizona, the Central Plains states, Missouri and almost the entire East Coast (except for portions of western New York, western Pennsylvania, and West Virginia).  Any target storage formation must first be reasonably close to a major pipeline before storage development can be considered.

				Salt cavern storage is expected to dominate new storage development, essentially doubling over the forecast period.  The 2011 INGAA Foundation study estimates approximately 590 Bcf of new storage capacity is required by 2035 to meet market growth for a cumulative investment of about $5 billion (in nominal dollars).  

				Key Findings 

				
						Growing shale gas supply will create a significant requirement for new gathering, processing, and pipeline infrastructure.

						New storage requirements for the growing natural gas market are relatively modest.

						Strong oil prices relative to gas prices are driving development to liquids-rich areas and creating a need for new processing infrastructure.

						New pipelines may be required to move natural gas liquids from producing areas to established markets.

						Development of shale supply from new basins will put pressure on existing infrastructure in high cost supply regions.

						Existing infrastructure should be used, when practical, to reduce capital requirements and environmental impacts.

						Development of a pipeline from Alaska’s North Slope to the integrated North American market would require significant investment.

						The growing gas infrastructure grid can support significant switching from coal to gas in electric generation and underpin the use of natural gas as a transport fuel.

						The development of shale gas supply further increases the reliability of the natural gas infrastructure by increasing production from regions not prone to hurricanes, and by geographically diversifying natural gas supply.

						Governments should ensure that efficient siting and other regulatory processes are in place to underpin necessary infrastructure investment.

				

				

				NORTH AMERICAN OIL AND GAS PRODUCTION PROSPECTS TO 2050

				Preceding sections of this chapter describe the most significant current and potential sources of North American oil and natural gas production available over the next several decades.  There are many plausible permutations of the mix and timing of development of these resources and their translation into productive capacity.  Factors that enable or constrain supply capacity development, be they geologic, technical, or the result of public policy choice, can play out in many different ways, so this report does not present a definitive vision of North American oil and gas production in either 2035 or 2050.  The ranges of production pathways shown earlier in this report suppose either a reasonably smooth path of development, surmounting the barriers which may exist, or a more limited outlook, in which barriers significantly constrain production capacity.  Such enablers and challenges will, of course, exist beyond 2035, out to 2050 and beyond.  However, if North America finds itself on the constrained pathway as 2035 approaches, it would be unwise to assume that it is possible to change course and expect to recover productive capacity by 2050, given the long lead times and development challenges involved in activating resources which have not already been the focus of attention.  

				With this perspective, it is reasonable to assume continuity in the trends to 2035 under either development case.  In a development-constrained world, some supply sources would have declined to zero or a low number as existing reservoirs continue their natural decline and are not replenished by new drilling activity.  This would be the case with the Arctic, for example, relying on a single pipeline to enable crude oil production to occur and be transported to market.  Without further exploration, the pipeline will be shut down when flows fall below operational minimum rates, which would probably occur at some time during the 2040s.  Offshore oil and gas output would also have declined to low production rates by 2050 if development is confined to the Gulf of Mexico.  Just as existing production would be subject to decline, new sources would likely not be developed in the constrained world.  New Arctic exploration would not be deemed viable, other offshore areas would probably remain restricted to development, and onshore conventional and unconventional oil supplies would be faced with increasingly stringent challenges.  Methane hydrates and oil shale development would also be seriously at risk from prolonged access and development constraints.  In the case of natural gas, conventional resources that do not depend on hydraulic fracturing would be mostly played out well before 2050 leaving the North American gas market to be largely supplied by imports.  The additional demand for global natural gas supplies would probably amplify the supply/demand stresses in the global market with potentially serious consequences for the economy and for energy security.

				In contrast, if prudent development, in all its senses, is enabled over the long-term, through 2050 and beyond, a large contribution to North America’s oil and natural gas market requirements can be met from domestic production.  The natural gas resource can support supplies for decades to come and by 2050, given sustained technology development, it is likely that currently assessed resources will be augmented by methane hydrates from the Arctic and the Gulf of Mexico.  The size of this potential resource could reasonably be expected to supply the North American natural gas market into the next century, and provide opportunities for deployment of those technologies in other regions of the world where methane hydrate resources are identified.  On the oil side, vast Canadian oil sands resources could enable continued growth in production through 2050, allowing Canada to remain one of the largest oil producing countries, with considerable benefits for the North American economy and energy security.  Oil shale from the Colorado and Utah kerogen deposits could become a very significant supply of oil – again, if technology development and access is sustained in the interim period.  
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Figure 1-1. North American Natural Gas Resources Can Meet Decades of Demand
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Figure 1-55. Extremely Restricted Supply Scenario

B0 -
® HISTORY
_ === CASE ONE
== CASETWO
=== CASE THREE
0
YEARS FLAT CONSUMPTION
04

..... TCFTERMINAL ... i
DECLINE VOLUME
600

824

TCF ULTIMATE RESOURCE
1919

;_g_// 1787
2,108
0 : : :

T T T T T T T T T T 1
1900 1920 1940 1960 1980 2000 2020 2040 2060 2080 2100 2120 2140 2160 2180 2200
YEAR
Notes: Extremely restricted supply scenario - fracturing impact, no shale technology enabled.

Year-end 2009 cumulative = 1,095 TCF.
Cases Two and Three have immediate terminal decline.

Sources: Canadian Association of Petroleum Producers; Cedigaz; Energy Information Administration; National Energy Board of Canada;
and United States Geological Survey.

1,013

TRILLION CUBIC FEET (TCF) PER YEAR






OEBPS/images/NARD-pg148-150_Part58_fmt.png
Figure 1-29. U.S. Beaufort Sea Outer Continental Shelf Production Forecast
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Figure 1-37. Canadian Heavy Oil Production, 1988-2009
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Figure 1-5. More Resource Access and Technology Innovation
Could Substantially Increase North American Oil Production
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Figure 1-25. Arctic Oil and Natural Gas Liquids Resources
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Figure 1-11. U.S. and Canadian Oil Production Cases
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Table 1-9. U.S. Enhanced Oil Recovery Production, 2000-2010
By Technology Category (Thousand Barrels Per Day)
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Total Onshore Lower-48
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Total Onshore Lower-48 Oil
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EOR Percentage of
Total Onshore Lower-48
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2000

418

421

2
negligible

2

125

189
negligible
15
329

752

626

3,078

2452

20%

2002
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0
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187
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15
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574

21%
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0
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2008
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240

20
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20%

* A table entry of “negligible” indicates that the production volume was less than 0.5 thousand barrels per day.

1 All hydrocarbon miscible and immiscible enhanced oil recovery (EOR) production is located either in Alaska or the

offshore Gulf of Mexico and was subtracted from U.S. total to calculate onshore lower-48 EOR oil production.

# Based on Total Onshore Lower-48 EOR Production, which excludes hydrocarbon EOR production.
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Sources: Oil & Gas Journal’s Biennial Enhanced Oil Recovery Project Surveys; and U.S. Energy Information Administration.
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Table 1-12. Factors Considered for the Limited Potential Case

Technology or Issue

Technology (1)

Reservoir Characterization, Stimula-
tion, and Management

Sweep Efficiency Gains

Downhole monitoring and horizon-
tal well diagnosis

Technology transfer enabled

Impacts both primary/secondary and
enhanced oil recovery

Technology (2)

Advanced Well Operations

Low Oil Saturation Zones

Carbon Dioxide

Includes greenhouse gas, capture
costs, and legal framework

Economics & Policy
® Impacts to profitability

® Ability of smaller operators or smaller
fields to implement enhanced oil
recovery/infill

Description

There is limited use of existing reservoir management applications
combined with few new tools, meaning investment opportunities are
slow to be developed. Sweep efficiency continues at status quo, so
unit costs go up, causing additional wells to be shut in. Little progress
in downhole monitoring means data analysis remains spotty; lack

of understanding of flow characteristics in horizontal wells causes
abandonment prior to full extraction of initially established reserves.

Existing public data remains in paper or legacy formats, causing long
cycle times and loss of projects. There is limited technology transfer
activity; it takes longer for new techniques to permeate industry
operations. Limited new personnel enter the industry with fewer growth
opportunities.

Regulations around hydraulic fracturing that are restrictive rather than
progressive increase costs and delays, decreasing use. Technology
development slows with less activity and only the most prolific
opportunities can afford the technology.

There is limited recognition or development of the potential of low oil
saturation zones and information on them is spotty and tightly held.

No alternatives to CO, flooding are pursued and carbon storage in these
reservoirs is not considered by policymakers.

Worldwide and U.S. policies are implemented which discourage oil

(and coal) production and use of CO, injectant; existing incentives

are removed and regulations around operations (production, plant
processing and pipeline) are increased significantly; fees and taxes are
also increased substantially. Canadian CCS plans are shelved. This results
in new investment drying up; existing operations move to a decline
mode.

Qil prices are weak relative to gas prices, driving focus away from oil
production.

Existing tax incentives are phased out and no new incentives are added.
Additional or punitive taxes are enacted; higher risk and cost activities are
avoided by operators. Regulations requiring accelerated abandonment
come into play so numerous fields are abandoned and future advanced
recovery projects in these locations are limited.

Operators and resource owners have little incentive to pursue projects
involving higher amounts of engineering, instead funding a smaller
number of opportunities that are drilling based.
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Table 1-14. Production Potential from North American Unconventional Oil*
(Barrels per Day)

U.S. Oil Shale 0 0 250,000 1,000,000
Canadian Oil Sands 1,350,000* 3,000,000 4,500,000 6,000,000
Canadian Heavy Oil 382,000 135,000 250,000 350,000
U.S. Oil Sands 0 10,000 25,000 150,000
Tight Oil 265,000 600,000 2,000,000 3,000,000
Total 2,000,000 3,700,000 7,000,000 10,000,000

* The total unconventional production is weighted for the two sources of supply that are not currently commesrcial (oil shale and
U.S. oil sands). If one reaches its full potential, itis likely the other one would not. Therefore, both projections are weighted 50%
in the production capacity roll-up, all others are relatively independent of each other and have 100% weightings.

t The production of bitumen is 1.49 million barrels per day, but after upgrading part of the bitumen to synthetic crude oil,
some volume is lost, and overall supply is lower.
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Figure 1-51. U.S. Total Well Count per Employee

400 —

=== EMPLOYMENT IN EXPLORATION AND PRODUCTION
- === OIL AND GAS WELLS DRILLED/EMPLOYEE X 1,000
=== PRODUCING WELLS PER EMPLOYEE

NUMBER OF EMPLOYEES (THOUSANDS)
OIL AND GAS WELLS DRILLED PER EMPLOYEE X 1,000

00 - et —2

T
1990
YEAR

T
1970 1980

Source: Bureau of Labor Statistics, 2010.

T
2000

2010

PRODUCING OIL AND GAS WELLS PER EMPLOYEE





OEBPS/images/NARD-pg148-150_Part36_fmt.png
Figure 1-17. Representative Canadian Unconventional Gas Production Cases
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Source: NPC Industry Survey, Aggregated Data.
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Figure 1-39. U.S. Petroleum Administration for Defense Districts (PADD)
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Figure 1-9. Industry Forecast of Canadian Oil Production by Type versus EIA and |EA Totals
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2010 (IEO 2010); International Energy Agency (IEA) World Energy Outlook 2010 (WEO 2010).
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Figure 1-53. Flat Supply Scenario
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Table 1-6. Three Potential Arctic Oil Production Pathways

No Chukchi, Beaufort OCS,
or Canadian Beaufort production

Trans-Alaska Pipeline System
(TAPS) offline 2030+/-

Grand Banks oil current decline
only Hebron developed

No East Canada “Baffin Bay” or
West Greenland oil

North Alaska onshore, Chukchi
and Beaufort OCS, and Canadian
Beaufort production; 15% resource
developed by 2050

TAPS ~300 thousand barrels per day
Grand Banks oil slow decline
few satellites developed

No East Canada “Baffin Bay” or West
Greenland oil

North Alaska onshore, Chukchi and
Beaufort OCS, and Canadian Beaufort
production; 25% resource developed
by 2050

TAPS ~500 thousand barrels per day

Grand Banks flat oil production

East Canada “Baffin Bay”and
West Greenland oil; 10% resource
developed by 2050
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Table 1-15. Three Potential Arctic Gas Production Pathways

No Alaska gas pipeline

No Mackenzie gas pipeline

No North Alaska, Chukchi or
Beaufort OCS, or Canadian Beaufort
production

No Arctic Islands/Sverdrup Basin,
Labrador, or Grand Banks gas

Alaska gas pipeline;
4.5 Bcf/d, 2025

Mackenzie gas pipeline;
1.2 Bcf/d, 2025

North Alaska, Chukchi & Beaufort
OCS, and Canadian Beaufort
production; 15% resource
developed by 2050

No Arctic Islands/Sverdrup Basin,
Labrador, or Grand Banks gas

Alaska gas pipeline expansion;
5.9 Bcf/d, 2035

Mackenzie gas pipeline; expansion;
1.8 Bcf/d, 2035

North Alaska, Chukchi, and
Beaufort OCS, and Canadian
Beaufort production; 25% resource
developed by 2050

Labrador and Grand Banks gas;
10% resource developed by 2050
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Figure 1-40. Offshore Gas Production as a Percentage of Total U.S. Production, 1960-2010
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Figure 1-21. Total Monthly Oil Production - Offshore Newfoundland and Labrador
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Figure 1-35. Alberta’s Oil Sands Areas

MAJOR OIL SANDS PROJECTS

® INSITU
A MINING
= MINEABLE REGION olL
PEACE
« RIVER
THE ENTIRE OIL SANDS °

REGION (PEACE RIVER, ATHABASCA, MCMURRAY

AND COLD LAKE) IS ROUGHLY THE 2 S LR
SIZE OF THE STATE OF NEW YOR% .
THE PROVINCE OF ALBERTA IS o
SIMILAR IN SIZE TO THE STATE OF TEXAS. °
.
THE MINEABLE OIL SANDS REGION IS -
SLIGHTLY SMALLER THAN THE STATE
OF RHODE ISLAND. UNITED STATES .
heegt
coLD LAKES
ot

Note: Comparisons to U.S. states are to the total areas
of the states, including land and water.

Source: IHS Cambridge Energy Research Associates, ©2009.





OEBPS/images/NARD-pg148-150_Part111_fmt.png
Figure 1-57. Comparison of Three Supply Scenarios: Mean Resource Base,
Advanced Technology, and 2007 Cost Index
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Sources: Canadian Association of Petroleum Producers; Cedigaz; Energy Information Administration; National Energy Board of Canada;
and United States Geological Survey.
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Figure 1-12. U.S. Natural Gas Production and Consumption
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Figure 1-62. Activity-Related Drilling Input Estimates
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Figure 1-18. Industry Estimates of Potential Natural Gas Production
from North American Supply Sources
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Notes: CBM = coalbed methane; LG = low growth; FP = future policies; WEO =World Energy Outlook.
Sources: Energy Information Administration’s AE02011 Reference Case; and International Energy Agency’s WEO 2010.
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Figure 1-59. Projected Required Wells Required in Flat Supply Scenario
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Figure 1-32. Total U.S. Enhanced Oil Recovery Production, 1986-2010
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Sources: Oil & Gas Journal’s Biennial Enhanced Oil Recovery surveys.
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Methane Hydrates

Gas hydrate is a solid naturally occurring substance consisting predominantly of methane gas and water
that occurs throughout Arctic regions and beneath the outer continental shelves throughout the world.
In hydrates, water molecules form an open, solid lattice that encloses methane. Many scientists believe
gas hydrates are one of the largest storehouses for carbon on the planet. The U.S. Geological Survey first
assessed technologically recoverable gas volumes in 2008 and estimated 85 Tcf of gas could be recovered
from Alaska’s North Slope. A 2009 Minerals Management Service (MMS) assessment reported more than
21,000 Tcf of gas in place in hydrate form in the Gulf of Mexico with a mean, statistical estimate of more
than 6,700 Tcf.

It’s still unclear whether gas can be commercially developed from hydrates, though field tests in
Korea, India and China have been promising. Field production test experiments in the United States
are still pending with the first planned for the Alaska North Slope. Looking forward through 2050,
scenarios suggest production from gas hydrates in the United States could range from 10 Bcf/yr to
10 Tcf/yr. There are several technological challenges to producing gas hydrates. Hydrates are found only
in deep waters or the arctic. The disassociation of the hydrates once removed from its temperature/pres-
sure regime requires development of specialized equipment to recover and preserve the gas. Domestically,
research into hydrates as a resource is primarily conducted by federal agencies and academia. Global R&D
efforts suggest that gas hydrates found in sand reservoirs are the best target for early production due to
higher methane saturation levels and the suitability of sand to well development. After the MMS report on
hydrates in the Gulf of Mexico, the gas hydrates Joint Industry Project conducted logging-while-drilling
operations at seven wells at three sites with the intent of discovering sand reservoirs with gas hydrates. Six
of the seven wells confirmed predictions of sand with gas hydrates, most of them at high saturation levels.

Research on production technologies in the United States and Japan is focused on production via well
bores. Researchers have ruled out surface dredging or shallow-subsea mining. The environmental harm
is too great and the energy in such deposits is likely too small to be of value. Of the various well-based
approaches proposed, reservoir depressurization and chemical exchange are the most promising. Depres-
surization breaks the gas hydrate into gas and water components. Both are driven to the well bore and
produced to the surface. Chemical exchange — CO, for CH, - offers the potential to sequester CO, while
releasing the gas. The challenge is that CO, immediately forms into a hydrate when it reaches water in the
formation, creating the potential for only limited injection of CO, and production of methane. To further
evaluate the potential for exchange, DOE is collaborating with Conoco Phillips to conduct a short field trial
in Alaska this year. Gas hydrates have strong climate implications. The findings to date suggest gas hydrates
can play a significant role in large, acute and global climate events such as those that occurred in the Earth’s
ancient past.
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Figure 1-45. Projection of U.S. Lower-48 Offshore Gas Production —
Limited Natural Gas Production Pathway
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Note: OCS = Outer Continental Shelf.
Sources: Energy Information Administration’s AEO2010 Reference Case and AEO2011 Reference Case.
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Figure 1-26. Split of Arctic Oil Potential (not Including Natural Gas Liquids)
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Figure 1-14. Representative U.S. Conventional Gas Production Cases
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Figure 1-19. ATypical Production Pathway
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Table 1-11. Factors Considered for the High Potential Case

Technology or Issue

Technology (1)

Reservoir characterization,
stimulation, and management

Sweep efficiency gains

Downhole monitoring and hori-
zontal well diagnosis

Technology transfer enabled

Impacts both primary/secondary
and enhanced oil recovery

Technology (2)

Advanced well operations

Low Oil Saturation Zones

Carbon Dioxide

Includes greenhouse gas, capture
costs, and legal framework

Economics & Policy
® Impacts to profitability

® Ability of smaller operators or
smaller fields to implement EOR/
infill

Description

Existing tools for reservoir characterization, simulation and overall
management practices continue to be implemented, increasing project
inventory in existing fields. There is continued improvement in sweep
efficiency, translating to higher oil recovery and better use of injectants such
as carbon dioxide, steam and chemicals. Gains in downhole monitoring are
made, allowing data analysis that adds to recovery process improvement.
Importantly, diagnosis of horizontal well performance improves, allowing
those wells to produce to their ultimate potential.

Public/private partnerships grow, enabling technologies to develop and be
shared among operators and resource owners. Widespread movement to
digital formats for public data continues, improving cycle time for project
screening and development. Institutions at all levels encourage job market
entrants to consider technical roles in the industry.

Advanced well operations of horizontal drilling and fracturing continue
their growth throughout the United States with appropriate regulatory
intervention and minimal local opposition. Incremental technology
improvements are developed which allow additional resource plays to be
exploited prudently and economically.

Low/residual oil zones are widely recognized by industry and government
as potential targets for both hydrocarbon production and carbon storage.
State and federal geological agencies undertake systematic assessments of
low oil saturation zones that have been drilled but largely overlooked in the
past. Results from projects currently underway in the Permian Basin become
models for other areas.

Focused efforts (either public or private) to develop new alternative
technologies to CO, flooding in these zones progress. Mechanisms to share
these throughout the industry are in place.

An aggressive carbon capture and sequestration (CCS) effort develops, in
which worldwide and U.S. policies are implemented, which incent capture
and storage of large CO, volumes. CO, EOR is qualified as storage within a
clear legal and regulatory framework. Transportation issues are resolved and
a pipeline infrastructure develops; CO, price to oil producers is affordable.
EOR is seen as one piece of a near-term bridge to large-scale capture and
storage throughout the United States.

Qil prices remain strong relative to gas prices, driving operators to focus on oil
opportunities. Power, steam, and CO, prices remain reasonable due to lower
underlying natural gas prices.

Tax policy to encourage higher risk/cost activities is implemented to maintain
activity through price cycles. These include a revamp of the EOR tax credit
and allowances for marginal or low rate wells. Regulators in Alberta remain
cognizant of royalty rate and adjust as needed to maintain activity. Flexible
plugging regulations become widespread to avoid premature abandonment
and loss of wellbore access for improved oil projects. Solid economics drive
operators to implement projects that require more engineering work.

The Interstate Oil and Gas Compact Commission recommendations on CO,
transportation, storage, and other regulatory items are widely adopted,
providing operators more certainty. Institutions that provide support and
knowledge to all operators continue their growth, enabling application to a
wide variety of fields and reservoirs throughout the United States.
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Table 1-5. Selected Characteristics of Offshore Arctic Basins

50

Mid-June—
Early Nov.

Yes

Yes

Rare lce
Islands +
Fragments
June-Oct

Very Rare

05-25

50

35

100

Mid-July-
Early Oct

Yes

Yes

30

30

Rare Ice
Islands +
Fragments
July-Oct

Very Rare

0.5-3

50

35

1,500

Mid-July—
Early Oct

Yes

25

30

Rare Ice
Islands +
Fragments
July-Oct

Very Rare

2-5

50

1,000

July-Dec

Yes

15

10

Icebergs
All Year

Moderate

2-7

250

150

Usually
Year Round

No

Yes,
Occasional

12

Icebergs
April-July

Low

1-2

150

1,100

Usually
Year Round

Yes

Yes,
Occasional

12

NA

Icebergs
All Year

Moderate

2-4

250

7.9

1,000

Late July—
Mid-Oct.

Yes

Yes

Icebergs
All Year

Very High

3-8

300

500

Year-Round
Ice Presence

Yes

Yes

25

30

Icebergs
All Year

Moderate

3-7

200





OEBPS/images/NARD-pg148-150_Part58_fmt1.png
Figure 1-30. U.S. Chukchi Sea Outer Continental Shelf Production Forecast
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Source: Northern Economics, Inc. estimates based in part on Minerals Management Service (MMS) scenarios in
Chukchi Sea Planning Area, Oil and Gas Lease Sale 193 and Seismic Surveying Activities in the Chukchi Sea:
Final Environmental Impact Statement. Volume I: Executive Summary, Sections | through V1. OCS EIS/EA MMS 2007-026.
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Figure 1-41. Estimates of Oil and Gas Resources In U.S. Offshore Areas Formerly Under Moratoria
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Figure 1-44. Projection of U.S. Lower-48 Offshore Gas Production - High Natural Gas Production Pathway
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Figure 1-8. U.S. Oil Production by Type: Industry High/Med/Low Survey Responses
versus AEO2011 Reference Case
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Sources: Energy Information Administration’s AE02011 Reference Case and International Energy Outlook 2009.
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Figure 1-36. Canadian Bitumen Production, 1998-2009
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Figure 1-58. Onshore North American Gas Production in Flat Supply Scenario
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Figure 1-28. Ice Regime Development Comparison
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Notes: Significant levels of oil and gas production are already being produced from Arctic basins such as the Grand Banks (Canada)
and Sakhalin (Russia) in both pack ice and pack ice/iceberg operating environments.
Significant operating experience has been successfully gained in several of the more challenging Arctic basins (ie., U.S. Chukchi
and Beaufort, ~35 wells in open water to pack ice; Canadian Beaufort, ~90 offshore wells in both open water and pack ice; and
Labrador, ~30 offshore wells in pack ice and pack ice/iceberg operating environments.
A strong history of successful exploration and production operations across a wide range of Arctic operating conditions and
challenges has demonstrated that industry can explore and develop oil and gas safely in the Arctic.
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Figure 1-22. Projection U.S. Lower-48 Offshore Oil Production
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Sources: Energy Information Administration’s AE02010 Reference Case and AEO2011 Reference Case.
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Figure 1-2. U.S. Natural Gas Technically Recoverable Resources Are Increasing
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Note: Minerals Management Service (MMS) no longer exists; its functions are now administered by the Bureau of Ocean Energy Management, Regulation and Enforcement (BOEMRE).
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Chapter One

CRUDE OIL AND NATURAL GAS
RESOURCES AND SUPPLY

Abstract

Prudent development of North American crude oil and natural gas resources should begin with a reli-
able understanding of the resource base, particularly as that understanding has changed significantly
in recent years. It had been widely assumed for decades that natural gas and oil production potential
in North America was in terminal decline. This belief was shared by governments, the public, and even
the oil and gas industry, and it was one of the main filters through which energy supply and security
issues were examined. To support this view, many observers referred to the Hubbert curve* delineating
resource depletion, a theory that was first demonstrated by analyzing conventional oil production in the
United States. On the natural gas side, the perception of imminent declining supply led to expectations
that North America would soon be importing liquefied natural gas (LNG) to meet domestic demand, and
thus to the construction of several new LNG regasification and import terminals in the United States and
Canada.

However, the widespread deployment of recent advances in drilling and completion technologies, in
particular horizontal drilling and multi-stage hydraulic fracturing, have dramatically changed the out-
look and prospects for North American natural gas and oil supply potential. This chapter describes the
revised potential for North American gas and oil supply, identifies the technology innovations respon-
sible for expanding resource potential, and examines the implications for resource development. It sets
out recent ranges of assessments of the natural gas and oil recoverable resource base in the United States
and Canada, and looks at how these resources may be prudently developed, leading to productive capac-
ity potential, depending on choices made in three areas: (1) access and regulatory regimes; (2) sustained
technology development; and (3) success in managing environmental impact and risk, within the context
of whether the size of oil and natural gas resources is near the high or low end of current understanding.

The outline of the Resource and Supply chapter is as follows:
® Summary and Key Findings
® North American Oil and Natural Gas Resources
® Analysis of North American Oil and Natural Gas Resource and Production Outlooks
® Prospects for North American Oil Development
® Prospects for North American Gas Development

® North American Oil and Natural Gas Resource Development Prospects to 2050.

‘The Hubbert curve was first proposed by geologist M. King Hubbert in a 1956 paper for the American Petroleum Institute. It
hypothesizes that fossil fuel production follows a symmetrical bell-shaped curve, with peak production occurring when about
50% of the estimated ultimate recoverable resource has been produced. This approach correctly predicted the peak of U.S.
conventional oil production around 1970 but has proved less reliable in other geographies and for other hydrocarbon resource

types.
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Figure 1-10. U.S. and Canadian Oil Production Forecast
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* Includes condensate, natural gas liquids, and refinery gain.
Source: Energy Information Administration’s International Energy Outlook 2010.
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Table 1-3. Natural Gas Resource Base

Produced 1,140

U.S. Total Remaining 2,074 (2,170) 2,543 1,500 2,300 4,000

Arctic 194 290 130 210 345

Lower-48 Offshore 869 446 160 260 375

Conventional

Lower.45 Onshore 352 215 290 440

Conventional

Tight Gas 455 200 350 550

Shale 616 (687) 862 700 1,000 1,800

(Lower-48) Coalbed

Methane 99 (159) 138 20 120 150

Produced 175

Canada Total* Remaining 1,027 500 900 1,250

Offshore Conventional 100 85 100 105

Arctic 116 45 75 125

Onshore Conventional 115 100 145 185

Tight Gas 104 40 70 100

Shale Gas

(NEB doesn'tinclude RAAT- 200 400 600
400+)

Montey)

Coalbed Methane 34 30 80 140

*Low-High range based on spread of all data.

Sources: Potential Gas Committee (PGC) 2008 and 2010; Energy Information Administration’s Annual Energy Outlook 2011
(AEO2011); National Energy Board of Canada (NEB) 2010; and NPC Industry Survey, Aggregated Data.
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Figure 1-63. Indicative Estimates of Well Stimulation-Related Inputs
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Table 1-8. U.S. Technically Recoverable Oil Resources
As of January 1, 2009
(Billion Barrels)

Region Proved Inferred Undiscovered Total P.err.ent
Reserves Reserves Resources Undiscovered

Onshore

Conventional Oil
Northeast 0.2 0.2 0.7 1.1 64%
Gulf Coast 1.5 3.1 6.5 11.0 59%
Mid-Continent 1.2 71 5.4 136 40%
Southwest 4.8 234 26 30.7 8%
Rocky Mountains 25 6.7 2.1 1.3 18%
West Coast 26 73 23 12.1 19%
Subtotal 127 47.6 195 79.9 24%
Tight & Shale Oil NA 25 316 34.1 93%
g:;::’:l Lower-48 127 50.1 51.1 1139 45%
g';::zr&e‘ Lower 48 7.8 124 84.7 1050 81%

U.S. Total 206 62.5 135.8 218.9 62%

Conventional Onshore
Lower-48 as a Percentage 62% 76% 14% 36%
of Total U.S.

Notes: NA = Not Available; shale and tight oil proved reserves are included in the regional proved reserve volumes. Crude oil
resources include lease condensates but do not include natural gas plant liquids or kerogen. Undiscovered oil resources in areas
where drilling is officially prohibited are notincluded. For example, this table does not include the Arctic National Wildlife Refuge
undiscovered oil resources of 10.4 billion barrels. Undiscovered resources in this table are “technically recoverable; which is the
estimated volume of oil that can be produced with current technology. “Proved reserves” are those reported to the Security and
Exchange Commission as financial assets. “Inferred reserves” are expected to be produced from existing fields over their lifetime,
but which have not been reported as proved reserves.

Source: US. Energy Information Administration, Annual Energy Outlook 2011 Projections.
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Figure 1-38. Producing and Prospective Tight Oil Plays in the United States and Canada
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Figure 1-43. Projection of U.S. Lower-48 Offshore Gas Production - Impact of Reduced Access
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Note: OCS = Outer Continental Shelf.
Sources: Energy Information Administration’s AEO2010 Reference Case and AEO2011 Reference Case.
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Figure 1-50. Production by Shale Play: Growing Beyond the Barnett
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Source: Wood Mackenzie.
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Figure 1-15. Representative U.S. Unconventional Gas Production Cases
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Source: NPC Industry Survey, Aggregated Data.





OEBPS/images/NARD-pg148-150_Part9_fmt.png
Figure 1-6. North American Natural Gas Production Potential
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Note: North American oil and gas resource types have varying capabilities to influence future supply requirements. This chart
demonstrates the growth potential and technical complexity required to develop each resource. Relative bubble sizes and
vertical scale indicate supply potential for each resource type in current and future views. The bubble color provides an
indication of the technical complexity required to develop each resource. While many of the resource types have growth
potential under the right regulatory and market conditions, those most likely to underpin future demand are what today are
considered “unconventional” oil and gas.
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Figure 1-33. 2005-2025 Canada Onshore Light/Medium Oil Production by Province,
plus Pentanes/Condensates
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Source: Canadian Association of Petroleum Producers, Canadian Crude Oil Production Forecast 2011-2025, June 2011.
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Figure 1-4. United States and Canada Are Among Leading Oil Producers
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Natural Gas Liquids

The shale gas revolution could take production of natural gas liquids (NGLs) supplies to unprecedented
levels. If natural gas production rises to more than 100 billion cubic feet per day by 2035 as predicted, an
NGL supply increase of 60% or greater above 2010 levels could occur. This sharp rise in anticipated NGL
production has broad implications for demand, infrastructure, and import/export opportunities.

NGLs are ethane, propane, normal butane, isobutene, and natural gasoline (pentanes+), produced
when wellhead natural gas is processed for delivery to market. NGLS, in gaseous form at the wellhead,
are extracted by chilling the natural gas to very low temperatures, a process that liquefies the gases. In
some cases, NGL extraction is required to produce a natural gas stream that meets required pipeline or
industrial specifications. In other cases, when the price of NGLs is higher than that of natural gas, NGLs
are extracted for economic reasons.

The difference between crude oil and natural gas prices is a key driver in NGL prices. As the oil to gas
price ratio grows, the value of NGLs relative to gas also increases. Rising NGL prices have been a factor in
recently increased rig activity in oil and liquids-rich natural gas plays such as in the Permian, Williston,
and Eagle Ford basins.

Each component of an NGL barrel has a unique supply/demand profile. Ninety percent of ethane comes
from natural gas processing plants. Demand for ethane is from petrochemical plants, which transform
ethane into ethylene, an essential component of plastic. Ethane is uneconomic and difficult to export so
demand is constrained to North America.

Sixty percent of propane comes from natural gas processing plants. A third goes to petrochemical
demand and two-thirds goes to home heating demand. Weather, ethylene prices, and export economics
drive the demand for propane.

The motor fuels market drives demand for the remaining NGLs: normal butane and isobutane and
natural gasoline. Natural gas processing plants produce 45% of the n-butane and 60% of the isobutane.
Ninety percent or more of the butanes are used in motor fuels. Natural gas processing plants also make
most of the natural gasoline. Petrochemical plants use a third of it and refineries use two-thirds for fuels.

CurrentNGLinfrastructuremaynotbelargeenoughorinterconnectedenough tohandlepotentialproduc-
tion growth. The market will likely respond with new investment, allowing NGL markets and their custom-
ers to gain significant advantages in domestic and global markets. To date, there have been announcements
foran additional 7.8 billion cubic feet per day of processing capacity in the United States, an increase of 12%.
These projects, built close to shale development, are needed even though processing plants along the Gulf
Coast have 30-50% open capacity. Several projects are also underway to expand fractionation capacity by
438 thousand barrels per day by 2014. Transportation and storage capacity is also expected to increase.
Two NGL pipelines have been proposed to take NGLs from the Bakken to market.
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Figure 1-49. North American Gas Production and Operating Gas Wells
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Table 1-16. Estimates of Remaining Resource (Trillion Cubic Feet)*

United States Canada
Organi: Date Conven- Total Proved | Al | ONS | oFss JZ':.'. A‘n’(:'s:’:;:;h
OFS | “tional | Tight | Shale | CBI | g | AK | Total | pocores | us. | Nom | arctic | Tt | America | AmericaTotal

USGS/MMS/EIA 1997 657 308 50 1,015 | 223 | 1,238

2009 454 276 Al 801 362 | 1,163 245 1,408
NPC 1999 881 230 52 74 1,252 | 303

2003 691 190 35 58 974 294 | 1,268 184 1,452 397 397 1,849

2001 742 98 840 251 1,001
PGC 2006 961 166 | 1,127 | 194 | 1,321 211 1,532

2008 863 163 | 1,642 | 194 | 1,836 238 2,074
ICF 2009 693 174 631 65 1,563 | 294 | 1,857 245 2,102
INGAA 2008 904 174 385 65 1,528 | 302 | 1,830 204 2,034 508 508 2,338
NEB 2009 627 627
CSUG 2010 1,020 1,020
MITei Canada P10" Q22010 1,185 4,035 #
MiTei US. P10 Q22010 2,850
MiTei Pmeant Q22010 2,100 800 2,900
MITei U.S. P90t Q22010 1,500
MITei Canada P9O* Q22010 460 1,960 #
RSTG OGC 3* Q32010 120 523 1,658 | 142 | 2,443 1,118 3,561
RSTG OGC 28 Q32010 120 523 1,198 | 142 | 1,983 907 2,800
RSTG OGC 1! Q32010 120 523 514 142 | 1,299 602 1,901
ANGA Q12010 692 438 1,759 70 2,959 | 294 | 3,253 245 3,498 | 1,026 4,524
GTI Current 2010 958 223 32 49 1,321 | 484 | 1,805 inc? 1,805
GTI Advanced 2010 1,002 337 53 77 1,528 | 530 | 2,058 inc? 2,058
NPC High Q42010 | 375 440 550 1,800 | 150 | 3,315 | 345 [ 3,660 inc. 3,660 | 1,025 230 1,255 4915 3,965
NPC Medium Q42010 | 260 290 350 1,000 | 120 | 2,020 | 210 | 2,230 inc. 2,230 695 175 870 3,100 2,455
NPC Low Q42010 | 160 215 200 700 90 1,365 | 130 | 1,495 inc. 1,495 370 130 500 1,995 1,575

* No adjustments have been made for interim production between years.

+ MITeis figures as published.

4NPC RSTG Onshore Gas Subgroup, sourced from detailed dataset from MITei Report prepared by ICF; $20/mcf supply cost cut-off assumed; High “Advanced” (2007) Tech Case.

§ NPCRSTG Onshore Gas Subgroup, sourced from detailed dataset from MITei Report prepared by ICF; $20/mcf supply cost cut-off assumed; Mean "Advanced” (2007) Tech Case.

1 NPC RSTG Onshore Gas Subgroup, sourced from detailed dataset from MiTei Report prepared by ICF; $20/mcf supply cost cut-off assumed; Mean “Current” (2007) Tech Case.

#Sum of US. and Canada; but not really a valid statistical function.

Notes: OFS = offshore; CBM = coalbed methane; L48 = lower-48; AK = Alaska; ONS = onshore; USGS = United States Geological Survey; MMS = Minerals Management Service; EIA = Energy Information
Administration; NPC = National Petroleum Council;P.GC = Potential Gas Committee; INGAA = Interstate Natural Gas Association of America; NEB = National Energy Board of Canada; CSUG =
Canadian Society for Unconventional Gas; MITei = MIT Energy Initiative; RSTG OGC = Resource & Supply Task Group onshore gas case; ANGA = America’s Natural Gas Alliance; GT| = Gas Technology
Institute; inc. = included.
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Figure 1-27. Wells Drilled in the Offshore Arctic
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Table 1-7. Summary of Alaska OCS Development Scenarios and
Oil and Gas Production Forecasts

Beaufort  Chukchi  Nonth Total

Resource Size (Mean)

Oil and condensates (billion barrels) 5.97 8.38 071 15.06

Gas (trillion cubic feet) 15.94 3443 7.65 58.02
Exploration

Exploration/Delineation Wells 47 43 10 100

Exploration Rig Seasons 31 27 8 66
Development

No. of Offshore Production Platforms 7 4 2 13

Offshore/Onshore Pipelines (miles) 235 680 300 1,215
Shore Bases/Facilities

Marine Terminal Yes Yes Yes

Liquefied Natural Gas (LNG) Facility No No Yes

Production Facility Yes Yes Yes

Support Base Yes Yes Yes
Production

Year 1st Oil Flows 2019 2022 2021

Year 1st Gas Flows 2029 2036 2022

No. of Producing Fields 7 4 2 13
Total Cumulative Volume Produced (through 2057)

Oil & Gas (billion barrels of oil equivalent) 6.34 6.16 129 13.69

Oil & Condensates (billion barrels) 5.10 4.79 039 10.18

Gas (trillion cubic feet) 6.96 7.78 5.08 19.82
Daily Peak Production

Oil & Condensates (barrels per day) 1,165,707 565,472 105,074

Gas (million cubic feet per day) 883 1,421 661

Note: Northern Economics’resource size estimates are from the 2006 Minerals Management Service Resource Assessment.
The numbers shown in the table are the mean undiscovered economically recoverable resource estimates, assuming resource
commodity prices of $60 per barrel of oil and $9.07 per thousand cubic feet of natural gas.

Source: Northern Economics in association with the Institute of Social and Economic Research, University of Alaska, Economic
Analysis of Future Offshore Oil and Gas Development: Beaufort Sea, Chukchi Sea, and North Aleutian Basin, prepared for Shell
Exploration and Production, March 2009.
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Figure 1-56. Moderately Restricted Supply Scenario
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Notes: Moderately restricted supply scenario - fracturing impact, 67% tight/coalbed methane/shale technology enabled.
Year-end 2009 cumulative = 1,095 TCF.

Sources: Canadian Association of Petroleum Producers; Cedigaz; Energy Information Administration; National Energy Board of Canada;
and United States Geological Survey.
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Figure 1-47. Split of Arctic Natural Gas Resource Potential
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Table 1-2. High Potential North American Oil Resources

Resource Type Resource Potential Resource Development Enablers
Canadian Oil Sands Recoverable Resource Potential = Long-distance pipeline and infrastructure
150-310 billion barrels; future project to U.S. Gulf Coast or Canadian

production levels possibly in excess of West Coast?
5+ million barrels per day

U.S. Gulf of Mexico Oil Recoverable Resource Potential = Resumption of pre-Macondo deepwater
40-60 billion barrels; future near- and drilling activity levels; Paleogene reservoir
mid-term production levels of 1.5-3.0 performance and commerciality

million barrels per day?

U.S. and Canadian Tight Recoverable Resource Potential = Hydraulic Fracturing; resource intensive —

“Shale” Liquid Plays 10-20 billion barrels; future North people, equipment, materials; How much is
American production levels possiblyin  crude oil/condensate (refined transportation
excess of 1+ million barrels per day products) vs. natural gas liquids

New U.S. Lower-48 Recoverable Resource Potential = Opening of moratoria areas and data

Offshore & U.S. and 80-100 billion barrels; mid-term collection; timely exploration/development

Canadian Arctic Areas (e.g., U.S. West Coast) and longer-term program approvals

(e.g., Arctic) production levels in excess
of several million barrels per day
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Framing Questions

The Resource & Supply Task Group (as with the work of the study as a whole) was designed to answer a
set of framing questions. The questions were formulated early in the study process, tested and refined with
input from the study leadership, and then became the basis to guide the specific work processes and out-
puts from each of the specialized subgroups. The framing questions were also used over the course of the
study as a test to determine whether newly identified issues were within the overall scope and objectives of
the work.

The following framing questions were used to guide the research and analysis of the Resource & Supply
Task Group.

© What is the scope of technically recoverable conventional and unconventional oil and gas resources avail-
able in the United States and Canada, according to most recent estimates?

® How much of these oil and gas resources can be translated into productive capacity by 2050 under reason-
able technical and economic assumptions?

© What are the main drivers or assumptions behind existing North American oil and gas supply projections?

® What factors could significantly increase or decrease the productive potential of these resources (e.g.,
geology, geography, access, technology, non-environmental regulation, etc.)?

© What could be the particular contribution of each of the major types of oil and gas resource considered in
this study and what specific development challenges may they face?

© How will sufficient infrastructure (gathering systems, gas processing plants, crude oil, gas pipelines, and
gas storage) be developed to link these resources to the market?

The framing questions have allowed this supply analysis to focus on the key areas of resource scope,
hydrocarbon development pathways, production potential, technology and innovation, and the diverse set
of enablers and challenges that can help achieve the potential of the domestic oil and natural gas resources
available or constrain their development below their potential contribution.





OEBPS/images/NARD-pg148-150_Part109_fmt1.png
Figure 1-54. Supply Growth Scenario
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Note: Supply Growth Scenario — 5% growth per year to 100 billion cubic feet per day.

Sources: Canadian Association of Petroleum Producers; Cedigaz; Energy Information Administration; National Energy Board of Canada;
and United States Geological Survey.
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Figure 1-23. Annual Oil Production Trend from Offshore Shallow and Deepwater Outer Continental Shelf
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Source: Bureau of Ocean Energy Management, Deepwater Gulf of Mexico 2009: Interim Report of 2008 Highlights,
OCS Report MMS 2009-016.
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Mexico Oil and Gas

Mexico has been, and continues to be, an important trading partner with the United States for energy. In
particular, of most relevance to this study, there is long-standing trade in crude oil and natural gas to the
benefit of both countries.

In 2010, Mexico exported 1.15 million barrels per day of crude oil to the United States. As such, the coun-
try was the second largest crude oil supplier to the United States, after Canada (and ahead of Saudi Arabia,
Nigeria, and Venezuela). This underlines Mexico’s importance as a North American crude oil producer and
supplier. Mexico’s crude oil production in 2010 was 2.96 million barrels per day. This has declined in recent
years (from its highest level of 3.82 million barrels per day in 2004) as large fields, particularly the offshore
Cantarell field in the Bay of Campeche, have begun to decline, and output from newer fields has not grown
sufficiently to offset this decline. Even so, newer developments, such as the nearby Ku-Maloob-Zaap fields,
now produce more than Cantarell. Onshore developments, such as the Chicontepec fields, have been con-
sidered as a future source of production growth potential, but have not yet become large contributors to
Mexico’s crude oil production.

Prospects for continuing availability to the United States of significant crude oil supplies from Mexico will
depend on Mexico’s ability to reverse the recent decline in overall crude oil production, at a rate which also
exceeds Mexico’s own internal market needs.

With regard to natural gas, Mexico is a net importer, mainly by pipeline from the United States, although,
in recent years, Mexico has added capacity to import LNG from international markets, with terminals both
on its east coast and west coast. In 2010, Mexico’s net natural gas imports from the United States were 0.83
billion cubic feet per day, representing almost 12.5% of Mexico’s gas demand. Mexico has significant, and
growing, natural gas production, which in 2010 totaled 5.3 billion cubic feet per day. However, Mexico’s
natural gas demand is growing at a faster rate than its production, leading to an increased need for imports,
of which the United States supplies the most significant share. There is a well-established set of natural
gas pipeline interconnections between the United States and Mexico, allowing this trade to continue and
expand.

However, recent trends in Mexican oil and natural gas production and consumption indicate that the
relationship between the United States and Mexico will be quite different in the future. Significant recent
declines in Mexican oil production alongside rising domestic demand will likely restrict Mexico’s ability to
export oil to the United States in the medium and long term. Increasing internal Mexican demand for nat-
ural gas, mostly as a result of rising electricity demands, will raise Mexican demand for imported natural
gas from the United States and for liquefied natural gas from other countries. These market dynamics will
take place in a context where the Mexican government will be assessing its long-standing framework for
hydrocarbons production that restricts private investment in the sector. However, even important energy
sector liberalization in Mexico is unlikely to lead to quick change in Mexican oil and natural gas production
trends, as the lag time between investment and production can be quite long.
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Figure 1-3. United States and Canada Are Among Leading Natural Gas Producers
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Figure 1-31. U.S. Lower-48 Onshore Oil Production, 1986-2010
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Sources: U.S. Energy Information Administration and the Oil & Gas Journal’s Biennial Enhanced Oil Recovery surveys.
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Table 1-4. U.S. Shale Gas Most Likely
(Mean, Average, etc.) Recoverable Resources

Range for Navigant
2008, PGC 2008,
EIA AEO2011,
ANGA 2010 Estimates

Regions & Plays

East Coast 70-613
Gulf Coast 90-350
Mid-Continent 110-205
Rockies 45-75
Marcellus 177-546
Haynesville 34-251
Eagle Ford 20-68
Barnett (Fort Worth Basin) 26-168
Fayetteville (Ark. & Okla.) 21-52
Woodford (Ark. & Okla.) 12-28
Mancos (Uinta) 1-21

Sources: America’s Natural Gas Alliance (ANGA) 2010 Studies;
Energy Information Administration (EIA) AEO2011; Navigant
Consulting for the American Clean Skies Foundation:“North
American Natural Gas Supply Assessment;" July 2008; and
Potential Gas Committee (PGC) 2008.
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Liquefied Natural Gas Overview

Liquefied Natural Gas (LNG) is a small but growing part of the global gas market. LNG consumption in
2009 was 23.5 Bcf/d or 8.2% of total world demand for natural gas, according to the BP Review of World
Energy. LNG demand has grown 6-7% per year for the last two decades, far faster than the overall 2-4%
growth in the total global natural gas market.

Liquefied natural gas is created by cooling natural gas to -161°C. At that temperature, natural gas becomes
aliquid and volume drops by a factor of approximately 600. That decrease in volume allows natural gas to be
economically transported by specialized ships to distant markets.

The United States began importing LNG in 1971 to a regasification terminal in Massachusetts but
importation had a fitful start. By 1982, four other import terminals had opened and three of them had
closed. Reliance on imports picked up in the 1980s when proved U.S. gas reserves declined as domestic
demand continued to rise. The inoperative terminals reopened and eventually expanded. By 2003, a report
on LNG by the Energy Information Administration (EIA) cited 11 different domestic regas projects and
listed seven more in the Bahamas, Canada and Mexico that were designed to supply natural gas to U.S.
markets. The projects enabled import growth to 2.11 Bcf/d in 2007, 3.3% of total U.S. consumption.

However, the difference between U.S. LNG pricing and global LNG pricing complicates import efforts. The
price of LNG globally is linked to the primary alternative fuel, oil. In the United States, LNG is linked to the
domestic price of gas. When oil prices are high and U.S. natural gas prices are low, LNG providers prefer to
ship supply to Asia or Europe.

The expected need for LNG imports continued to drive U.S. expansion activities. In 2007, the United
States had 5 operating terminals and 24 projects approved for construction: 19 onshore and 5 offshore. In
addition, 14 more projects had been formally proposed.

About that time, however, it became apparent that U.S. proved reserves of natural gas were rapidly grow-
ing due to development of tight gas sands and coalbed methane reserves. Promising results from the Barnett
play were just becoming public. By 2008, the assumption that the United States had to import large quanti-
ties of LNG to meet rising demand was called into question. Expectations for LNG imports plummeted by
the end of the decade and a number of projects were suspended or cancelled. Today, the 18.3 Bcf/d of termi-
nal regas capacity is expected to operate at low load factors for the foreseeable future.

Three factors — abundant domestic supply, low prices and anticipated flat natural gas demand
through 2035 - have turned the focus to exports. Apache and EOG are developing the Kitimat
LNG project in British Columbia - once intended for imports - with plans to supply the planned
700 MMcf/d from the Horn River play. Cheniere is developing a liquefaction facility in Louisiana that could
produce up to 2.6 Bcf/d from four trains. Freeport LNG and Macquarie Energy have announced plans to
construct 1.4 Bcf/d of liquefaction from four trains at the existing 1.65 Bcf/d Freeport LNG terminal in
Freeport, Texas. All three projects have applied for export permits.
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Figure 1-42. Monthly Offshore Gas Production - Nova Scotia

20
SOUTH VENTURE 0 ALMA NORTH TRIUMPH "/ VENTURE THEBAUD

BILLION CUBIC FEET PER MONTH

T T T T T T T T T T T
2000 2001 2002 2003 2004 2005 2006 2007 2008 2009 2010 2011

Source: Canada-Nova Scotia Offshore Petroleum Board - Sable Offshore Energy Project.
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Table 1-10. Canada Potential Light/Medium
Conventional Oil Resources, as of 2006

Light/Medium

Region Crude Oil Pe;fc:_:::lge
(Billion Barrels)

Alberta 57 65%
British

%
Columbia s e
Saskatchewan 1.1 13%
Subtotal -

9
Onshore Z= e
Eastern

%
Offshore L U
Total Canada 8.7 100%

Source: Natural Resources Canada, “Canada’s Energy
Outlook: The Reference Case 2006/ Ottawa, Canada, 2006,
page 35. Table US1.
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Figure 1-24. Arctic Subgroup Study Area
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Figure 1-46. Arctic Gas Potential by Basin
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Figure 1-16. Representative Canadian Conventional Gas Production Cases
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Figure 1-7. U.S. Crude Oil* Production’s Downward Trend
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Sources: Energy Information Administration’s AEO2011 Reference Case and International Energy Outlook 2009.
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Figure 1-52. Onshore Natural Gas Recoverable Resource Cases versus Cost of Supply at the Wellhead

= $30 -

2

&

z

S _ 100 YEARS OF

= CONSUMPTION

= AT CURRENT RATES

&

& 4,656

2 $20 — e @SS @ @O

<

3 CUMULATIVE

I PRODUCTION

e - THROUGH 2010

P

2

e}

v

5810 = oo M

&

=)

2 = CASE ONE

L - = CASETWO

LS == CASE THREE

Bt

o

= %0 T T T T T T T T T 1
0 1,000 2,000 3,000 4,000 5,000 6,000

ULTIMATE RECOVERABLE RESOURCE (TRILLIONS OF CUBIC FEET)
Note: See page 148 for case definitions.
Sources: Energy Information Administration and MIT Energy Initiative (MITei)/ICF International.





OEBPS/images/NARD-pg148-150_Part101_fmt.png
Figure 1-48. U.S. and Canadian Production Mix, 2000-2010
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Note: CBM = coalbed methane.
Sources: Energy Information Administration; National Energy Board of Canada; and Wood Mackenzie.
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Figure 1-13. Canadian Natural Gas Production and Consumption
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Source: Energy Information Administration’s AEO2011 Reference Case.





OEBPS/images/NARD-pg148-150_Part40_fmt.png
Figure 1-20. Federal Outer Continental Shelf (OCS) Oil
as a Percentage of Total U.S. Production, 1960-2010
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Figure 1-34. Supply Fairway for North American Onshore Conventional/Enhanced Oil Recovery
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Note: Reference Case based on Energy Information Administration and Canadian Association of Petroleum Producers data,
reduced for estimated unconventional production.
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Figure 1-60. Onshore North American Gas Production in Supply Growth Scenario
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Table 1-13.

U.S. Oil Shale
(Green River formation only)

Canadian Oil Sands
Canadian Heavy Oil
U.S. Oil Sands
Tight Oil

Total

Size of North American Unconventional Oil Resources
(Billion Barrels)

Oil in Place

1,500

1,804
35
63

N/A

Greater than 3,500

Resources
(Includes Reserves)

169.8 (Reserves)
1
0
5.5 to 10 (Resources)

Greater than 177

Ultimate Potential

800

308

N/A

N/A

N/A

Greater than 1,100





