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				Summary

				Secretary of Energy Steven Chu in his study request of September 16, 2009, made three statements that are particularly relevant for this study:

				
						“All energy uses and supply sources must be reexamined in order to enable the transition towards a lower carbon, more sustainable energy mix.”

						“Accordingly, I request the National Petroleum Council to reassess the North American resources production supply chain and infrastructure potential, and the contribution that natural gas can make in a transition to a lower carbon fuel mix.”

						“Of particular interest is the Council’s advice on policy options that would allow prudent development of North American natural gas and oil resources consistent with government objectives of environmental protection, economic growth and national security.”

				

				In answering its framing questions, discussed in the text box at the end of this Summary, the Demand Task Group (DTG) focused its analysis on the role of natural gas in a carbon-constrained world to two key metrics:

				
						The role of energy efficiency in reducing demand for natural gas and electricity, thereby reducing all emissions including CO2.

						Opportunities for natural gas to displace more carbon-intensive fuels, primarily coal in the power sector and oil in the transportation sector, either directly by natural gas vehicles (NGVs) or indirectly by plug-in electric vehicles (PEVs), and distillate used for heating in the residential and commercial sectors.[1]

				

				To answer the framing questions, the DTG used a “study of studies” approach by examining a wide range of demand studies and data from public sources, making no attempt to produce a new, consensus outlook.  Additionally, the DTG examined aggregated proprietary data collected via a confidential survey of private organizations, primarily oil and gas companies and specialized consulting groups.  The proprietary data were collected by a third party and aggregated to disguise individual responses.  Proprietary studies were aggregated by type of forecaster: consultants; international oil companies; independent oil and gas companies; and oil and gas companies (an aggregation of international and independent oil and gas companies).  For proprietary studies that provided more than one outlook, the data were also aggregated by maximum, median, and minimum outlooks.

				The primary benefits of a “study of studies” are twofold.  First, work can be completed more quickly by using off-the-shelf studies instead of creating a new one.  Second, a broader range of outlooks and analyses can be incorporated, bringing a wider array of assumptions and results into consideration.  However, the value of any particular study needs to be put in perspective.  Demand studies are based on numerous assumptions on future policies, investment decisions, costs, and economic relationships.  Econometric relationships used by most forecasting models have built into them numerous assumptions, including past relationships that are a prologue for future relationships.  Demand studies come in several forms:

				
						Business as usual projections (or reference cases) such as the Energy Information Administration’s (EIA’s) Annual Energy Outlook (AEO) Reference Cases that focus on the factors that shape the U.S. energy system over the long term under the assumption that current laws and regulations remain unchanged throughout the projection

						Single point forecasts that incorporate assumptions on various future inputs

						Scenarios that are designed to test alternate future story lines such as a carbon cap and trade program or different rates of technological progress

						Sensitivity analyses that test the impact of changing a key assumption such as the determinants of the price of natural gas or the endowment of shale gas resources

						Goal-seeking studies to find alternative pathways to achieve a particular goal, such as a 50% reduction in CO2 emissions by 2035

						Advocacy studies such as those prepared by associations that discuss the merits of a particular industry’s situation or the impact from a proposed policy change.

				

				A “study of studies” seeks balance by reviewing studies from differing points of view.  A review of many studies not only can help to uncover any limitations applicable to a particular study, but can also identify the relative importance of key assumptions.

				The DTG looked at both natural gas and electricity demand because the latter is a major driver of gas demand for power generation.  In addition, three white papers were prepared covering exports to Mexico, LNG exports, and U.S. liquids demand.[2]

				Users of projections need to be particularly wary of the circularity inherent in some demand projections: assumptions equal conclusions; conclusions equal assumptions.  The DTG endeavored to keep that in mind in reviewing studies.
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				The assessments of natural gas supply and demand for this report were prepared separately.  An integrated supply-demand study was not developed.  In lieu of an integrated study, a high estimate of total potential natural gas demand that also includes potential direct and indirect natural gas demand for vehicles, exports to Mexico, and LNG exports was prepared and used to “stress test” the natural gas supply finding.

				Back to the Future: Two Decades of Natural Gas Studies[3]

				In 1992, 1999, and 2003, the National Petroleum Council (NPC) conducted three major studies of natural gas supply and demand. The purpose of these previous NPC studies was to identify measures to promote efficient natural gas markets and to propose a menu of policy choices focused upon advancing the environment, energy security, and economic well-being.  An evaluation of these NPC studies provides some lessons learned and the “big” things that these studies have missed.[4][5] Key observations on the outcomes from prior NPC studies of the natural gas market include:

				
						Past projections of the range of demand for natural gas were generally accurate enough to be useful for testing policies and indicating necessary increments of supply required (see Figure 3-1).  Though increasing reliance on unconventional natural gas was featured in each NPC study, the focus was on coalbed methane and tight sands formations, while the potential role of shale gas was limited.
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						While the models employed to prepare the studies worked reasonably well, assumptions about the price of oil and gas, gross domestic product (GDP) growth rates, and trends in energy intensity (or energy efficiency) were not borne out by actual trends in later years.  There are often future surprises that change the landscape from what a study assumed.  Examples of this include the swift rise of China within global industrial and energy markets, which has had a strong effect on the energy landscape.

						The inherent uncertainty of a single reference case was recognized from the start and led to preparing multiple scenarios in the 1992 and subsequentNPC natural gas studies.  This resulted in a range of demand bounded by a maximum and a minimum case useful for “stress testing” the industry’s ability to meet demand and identifying policy recommendations commensurate with the challenges facing the industry.  

						For the 2007 NPC study, a survey of existing projections, or a “study of studies,” was used to broaden coverage and bring a wider array of assumptions and results into consideration.  

				

				Range of U.S. and Canadian Natural Gas Demand Projections 

				The analysis of public and proprietary studies found a wide range of future natural gas demand for the United States and a narrower range for Canada.  Delivered natural gas excludes exports to Mexico as well as LNG exports.
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				Range of U.S. Natural Gas Demand Projections

				For 2010, U.S. delivered natural gas demand is estimated at 65.2 Bcf/d (23.8 trillion cubic feet per year [Tcf/yr]) (see Figure 3-2).  For 2030 projections of U.S. delivered natural gas demand ranges from 59.6 Bcf/d (21.8 Tcf/yr) to 89.9 Bcf/d (32.8 Tcf/yr).  For the United States, most of the variation in projected natural gas demand comes from the power sector, which ranges from 19.2 Bcf/d (7.0 Tcf/yr) to 35.3 Bcf/d (12.9 Tcf/yr).  The variation in power generation natural gas demand mostly flows from variation in policy assumptions that will affect the fuel and technology mix of future generation capacity or will affect dispatch economics (i.e., whether natural gas-fired generation will be scheduled ahead of coal-fired generation).  U.S. vehicle natural gas demand ranges from the inconsequential in most projections to almost 2 Bcf/d in 2030 for the Proprietary Maximum Outlook.[6] Electric vehicle demand in publicly available outlooks was minimal.  Data on electric vehicle demand for proprietary cases was not provided.  The potential for direct and indirect natural gas demand from the vehicle sector is discussed later in the “Potential Vehicle Natural Gas and Electricity Demand” section.
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				Drivers of Natural Gas Demand Under Existing Policies

				Under the AEO Reference Cases, the primary driver of natural gas demand (including the indirect effect from electricity demand growth) is the growth rate of the economy as shown in the difference between the AEO2010 High Macro and Low Macro Cases (or high and low economic growth cases) compared to the AEO2010 Reference Case (see Figure 3-3).  Energy efficiency improvement has a significant moderating influence on residential and commercial demand for natural gas and electricity, as shown in the difference between the AEO2010 High Tech and Low Tech Cases (or high and low efficiency gain cases).  
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				The application of technology has unlocked shale gas and changed the conversation about the role of natural gas in a carbon-constrained world.  The difference between the AEO2010 Reference Case and the AEO2010 High Shale Case, and the difference between the AEO2010 Reference Case and the AEO2011 Reference Case (which includes a larger gas resource base among other changes) helps to demonstrate that the successful development of low cost shale gas should result in higher natural gas demand (see Figure 3-3).  In the AEO2011 Reference Case, natural gas’s share of total energy for the period 2010 through 2035 increases to 24.3%, up 1.9% from the AEO2010 Reference Case.  Partly as a result, cumulative CO2 emissions for the period 2010 through 2035 from energy are 1,271 million MtCO2e (metric tons of carbon dioxide equivalent) (or 1%) lower under the AEO2011 Reference Case than under the AEO2010 Reference Case.[7]

				Range of Canadian Natural Gas Demand Projections

				For 2010, projections of Canadian delivered natural gas demand are estimated at 9.1 Bcf/d (3.3 Tcf/yr).  For 2030, Canadian delivered natural gas demand ranges from 7.4 Bcf/d (2.7 Tcf/yr) to 13.7 Bcf/d (5.0 Tcf/yr).  For Canada, most of the variation comes from the industrial sector and is primarily related to oil sands (see Figure 3-4).  Development of the Canadian oil sands could require from 2.6 to 5.2 Bcf/d of natural gas by 2035 compared to 2010 consumption of 1.6 Bcf/d.[8] With Canadian coal generation capacity being only 11% of total generation, versus 31% for the United States, the ability of natural gas to displace coal in Canada is much more limited and, therefore, so is the range of power generation natural gas demand outlooks.
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				Potential U.S. and Canadian Total Natural Gas Requirements Compared to Natural Gas Supply

				The range of potential total natural gas requirement for the United States and Canada for 2035 is 72 Bcf/d (26 Tcf/yr) to 133 Bcf/d (49 Tcf/yr) (see Figure 3-5).  The high potential total natural gas requirement is the sum of:

				
						111 Bcf/d – Highest outlook for U.S. and Canadian total delivered natural gas demand excluding vehicles.  U.S. and Canadian demand for 2035 are based on an extrapolation of 2020 to 2030 Proprietary Maximum and Minimum cases.  

						13 Bcf/d – Very high potential for increased use of natural gas to displace oil in the transportation sector.  The NPC Future Transportation Fuels (FTF) study is examining the potential market penetration of NGVs and PEVs that could create some natural gas demand for NGVs, and indirectly for power generation to meet electricity demand from PEVs, as well as fuel cell electric vehicles, using hydrogen reformed from natural gas.  Since the FTF study will be completed after this one, this study examined high-potential-demand cases for NGVs and PEVs from published sources.  For purposes of “stress testing” natural gas supply, potential U.S. and Canadian natural gas demand for vehicles is the sum of:	NGV natural gas demand of 4.5 Bcf/d by 2035, assuming sales penetration rates for heavy-duty vehicles (HDVs) of 40% by 2035
	PEV natural gas demand of 7.6 Bcf/d by 2035, assuming 100% of the electricity is supplied by natural gas generation and assuming sales penetration rates for light-duty vehicles (LDVs) of 40% and 57% by 2030 and 2050, respectively.



						4 Bcf/d – Exports to Mexico based on AEO2011 Reference Case.

						5 Bcf/d – LNG exports at the initial liquefaction capacity of the first three projects that filed for permits.
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				The high potential total natural gas requirements for 2035 is not a projection, but a very high estimate of potential natural gas requirements used to “stress test” the natural gas resource base ability to meet all potential sources of natural gas demand.  It appears that the 2035 high potential natural gas demand of 133 Bcf/d can be supplied.  Based on the 2011 MIT Study, The Future of Natural Gas, this high natural gas demand potential could be supplied at a current estimated wellhead production cost range in 2007 dollars of $4.00 to $8.00 per MMBtu,as shown in Figure ES-3 in the Executive Summary, based on current expectations of cost performance and assuming adequate access to resources for development (Figure ES-10).[9] This wellhead development cost should not be read as an expected market price, since many factors determine the price to the consumer in competitive markets.  Most of the increase in North American natural gas requirements comes from displacement of coal in the power sector and oil in the transportation sector, which are likely to require significant policy support to be achieved.

				The CO2 emissions intensity of the U.S. economy would decline as natural gas is substituted for coal in the power sector or for oil in the vehicle sector.  In addition, growth in NGVs or PEVs could improve U.S. energy security by reducing reliance on oil imports (other than from Canada).
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				U.S. POWER GENERATION NATURAL GAS DEMAND

				Natural gas power generation has significant advantages over other power generation technologies including low upfront capital costs, short construction lead times, low heat rates (high efficiency), reasonable energy production costs, a well-established track record of performance and operational flexibility, and a significantly lower environmental emissions profile compared to other intermediate and base load fossil resources.[10] In addition, natural gas combined cycle (NGCC) plants have the flexibility to operate efficiently over a wide range of utilization rates, allowing them to transition over time into different sections of the dispatch curve.  They can, for instance, move from a high to intermediate capacity factor resource to more of a peaking role if technological or market changes to dispatch profiles for the industry suggest such a move is prudent.

				Natural Gas Demand Summary

				For 2010, U.S. power generation natural gas demand is estimated at 20.5 Bcf/d, accounting for 33% of U.S. total natural gas demand.[11] Power generation natural gas demand for 2030 is expected to range from 11.3 to 35.3 Bcf/d (see Figure 3-6).[12] Generally for this chapter, ranges of demand projections for 2030 will be used rather than 2035, as the aggregated proprietary cases usually ended in 2030 and often had a wider range than other projections.
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				Drivers of Power Generation Natural Gas Demand

				Natural gas demand from the power sector is driven primarily by three factors:

				
						Total electricity demand net of electrical efficiency gains

						The fuel and technology mix of future generation capacity

						Delivered cost of fuel to generators plus any costs for carbon and other emissions, and, most importantly, the spread between delivered cost of natural gas and coal.

				

				Power Generation Natural Gas Demand Projections

				The outlook for power generation natural gas demand can be generally characterized as depending on the following (see Figure 3-7):

				
						Net growth in electricity demand.	Increase in electricity demand from growth in population and gross domestic product (GDP) and rate of the adoption of new electrical devices
	Decrease in electricity demand from improve-ment in energy efficiency of electrical devices and buildings



						Low natural gas prices that enable gas-fired generation to displace some coal-fired generation.

						Implementation of proposed non-GHG EPA rules that will likely lead to retirement of some coal generation.[13]

						Construction of more gas-fired generation, as currently it has the lowest levelized cost of electricity (LCOE) before taking into account mandates for renewable generation, production tax credits for wind, loan guarantees for nuclear, or emissions costs.  LCOE represents the present value of the total cost of building and operating a generating plant over its financial life, converted to equal annual payments and amortized over expected annual generation for an assumed utilization rate.

						If the United States chooses to establish a price for carbon, then some natural gas generation could dispatch ahead of some coal generation.[14]

						To achieve a deep reduction (over 80%) in CO2 emissions from the power sector, carbon capture and sequestration (CCS) for gas- and coal-fired generation may be needed depending on the time frame for achieving a deep reduction in CO2 emissions.  Under a deep CO2 reduction program, coal and natural gas generation would be expected to decline from peak levels; however, CCS would reduce the decline.
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				Figure 3-7 is illustrative.  The size of the steps and time at which they occur will vary.  Even whether the steps are up or down is dependent on many variables.

				Growth in Electricity Demand

				In the residential, commercial, and industrial sectors, total electricity demand is driven by the rate of GDP growth, demographics (population growth and migration), improvement in electricity efficiency, the penetration rate for new electrical devices, and the relative level of electricity prices.  All of the studies reviewed had electricity demand continuing to grow, driving a likely increase in power generation natural gas demand (see Figure 3-8).
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				Implementation of a price on carbon is more likely to reduce total electricity demand than to increase it.  Two factors will likely drive end-user electricity prices higher, thus increasing incentives to improve electricity energy efficiency.  The first factor is the addition of new generation capacity or transmission and distribution capacity built either to meet an increase in electricity demand or to replace retired generation capacity.[15] Since new generation capacity generally costs more than the depreciated cost of existing generation capacity, adding new generation capacity will likely increase the overall retail cost of electricity.  The second factor is a price on carbon that, depending on the specific terms and conditions of a carbon program, is likely to increase generation costs and, consequently, electricity prices.

				Low Natural Gas Prices Enabling Displacement of Some Coal Generation

				Generally, power generation in wholesale markets is dispatched or scheduled based on variable costs.  Dispatch or variable costs are the sum of cost of fuel (which is a function of the delivered cost of fuel and a unit’s heat rate); variable operation and maintenance expenses; and emissions allowance costs, if any.[16] Until the last couple of years, natural gas-fired generation had higher variable costs than coal-fired generation meaning that more emission-intensive coal plants were dispatched before the less emission-intensive gas plants.  With the low natural gas prices seen since early 2009, the variable dispatch cost of some coal-fired generation has exceeded that of NGCC generation.  This displacement of coal has increased natural gas demand from the power sector by about 2.7 Bcf/d since then.[17] Unless natural gas prices remain low or coal prices increase, the displacement of coal by natural gas in generation may not last for very long.  Based on 2007 data, the Congressional Research Service has estimated, on an unconstrained basis, that there is the potential to increase NGCC natural gas demand by 12.7Bcf/d through the displacement of existing coal-fired generation while reducing CO2 emission by 382 million MtCO2e per year.[18]

				More displacement of coal generation by gas generation is unlikely to be realized unless natural gas prices decrease below recent levels or unless delivered coal prices increase above recent levels.  If policymakers desire to make greater use of natural gas to displace coal, then there are a couple of mechanisms to accomplish such a goal.  One way is to narrow the spread between natural gas and coal prices by instituting a price on carbon.  Another way that does not use a direct price mechanism to displace more coal generation would be to dispatch based on emissions, not variable costs.  These latter two options fall in the category of regulatory or policy drivers.

				Implementation of Proposed Non-GHG EPA Rules

				Implementation of various proposed non-GHG EPA regulations affecting power generation will likely lead to an increase in natural gas demand and in gas-fired generation capacity.  A review of several studies suggests this could lead to an increase in power generation natural gas demand of up to 12.9 Bcf/d (4.7 Tcf/yr), with an average of 6.0 Bcf/d (2.2 Tcf/yr) (see Figure 3-9).[19] Proposed non-GHG EPA regulations include those for[20]:

				
						Sulfur dioxide (SO2) and nitrogen oxide (NOx)

						Mercury (Hg) and other hazardous air pollutants and acid gases

						Coal combustion products (ash)

						Cooling water intake.
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				There is significant uncertainty about the ultimate impact that the proposed EPA regulations will have on natural gas demand because of the lack of clarity on what the final rules will be for multiple regulations, on what the final implementation deadlines will be, on what waivers might be granted by the EPA on implementation deadlines, and what the investment decisions of generators and their regulators, if applicable, will be.  Many factors – such as age and efficiency of generating units, extent of capital cost depreciation, installed emissions controls, relative prices of natural gas and coal, whether the generator operates in a merchant market, and other things – may affect plant owners’ decisions about whether to retire units.  Some studies indicate that the units most likely to be retired are older, smaller, and less-efficient units lacking modern pollution controls.  Some of these would likely be retired anyway in coming years.  However, the Brattle Group’s December 8, 2010, report on the Potential Coal Plant Retirements Under Emerging Environmental Regulations indicates that some relatively new coal-fired merchant generation may be retired because the merchant generator cannot recover incremental capital costs from adding emissions controls, either through an increase in capacity payments, or in the case of energy-only markets, through wholesale electric prices.  These factors contribute to the EPA regulations’ uncertain impacts on natural gas demand going forward.

				Levelized Cost of Electricity Favors Gas-Fired Generation 

				Currently, on an LCOE basis, new NGCC capacity has a lower cost than all but conventional hydro, as shown in Figure 3-10.  This LCOE analysis excludes the impact of grants, production tax credits, and loan guarantees, as well as costs of emissions and other environmental impacts.  Some load serving entities also consider consumer energy efficiency gains or demand response and interruptible services as viable alternatives to building new generation capacity.[21] These two sources are often cheaper than new generation capacity.  For instance, in a 2009 review of 14 state energy efficiency programs, the American Council for an Energy-Efficient Economy found costs of $16 to $33, averaging $25, per megawatt hour (MWh) saved, which is lower than all the supply options in Figure 3-10.[22] Furthermore, efficiency gains have zero dispatch cost.  The data on LCOE, however, cover only the costs for new generation capacity.  Figure 3-10 provides a single point estimate based on data from the AEO2011 Reference Case.
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				Capital cost uncertainties are significant for some generation technologies, especially those where the production volume is low or where there has been a significant time lapse since some capacity was built.  In contrast, the capital costs for new NGCCs and wind are relatively certain, as a very large number of these units have been built over the last few years.

				Capital costs can vary significantly between studies.  Often the variation in capital costs is a function of when the cost estimate was prepared.  Capital costs for most energy projects increased significantly through 2008, and then modestly retreated.  Studies prepared in 2009 or earlier were generally based on costs before the 2008 run-up.  LCOEs can also vary significantly between studies because of variations in assumed energy prices used to estimate fuel cost per MWh, whereas the heat rate part of the fuel cost equation generally is not a cause of major variation (see Table 3-1).[23]
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				Although LCOE for natural gas technologies is very competitive as they have relatively low capital costs, natural gas technologies usually have the highest dispatch cost as variable costs, primarily fuel costs, are higher than other technologies (see Figure 3-11).  The dilemma is: if you build it, it may not run at a high capacity utilization rate.
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				Projections of Generation Capacity and Generation by Technology and Fuel

				The fuel and technology mix of power generation capacity additions through 2035 for EIA Cases and 2030 for the Resources for the Future (RFF) Cases vary significantly, reflecting the impact that policy can have on capacity additions (see Figure 3-12).[24]
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				Given the differences between studies in power generation capacity additions, it is not surprising that there are significant variations in generation by fuel and technology that lead to a wide variation in projections for power generation natural gas demand (see Figure 3-13).[25] Given the damage to the Fukushima Daiichi nuclear facility in Japan from the March 2011 Richter 9.0 earthquake and tsunami, it should be noted that none of the studies reviewed had a decrease in U.S. nuclear generation capacity from today’s levels.  Although it is too early to assess what the impact might be on the future of U.S. nuclear generation, any reduction in future forecasts of nuclear generation capacity would likely be offset to some extent by more gas-fired generation capacity.
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				Impact of a Price on Carbon onNatural Gas Demand

				If the United States chooses to establish a price for carbon, more natural gas generation could likely dispatch ahead of some coal generation, increasing power generation natural gas demand.[26][27] Since coal is more carbon intensive than natural gas, a price on carbon could affect dispatch economics by increasing the generation cost of coal by more than the generation cost of natural gas.  A price on carbon most likely would increase power generation gas demand, but could decrease total natural gas demand depending on specific terms and conditions of a carbon program, natural gas supply, CO2 price, inter-fuel competition, and economy-wide price/demand feedback effects (see Figure 3-14).  For the studies reviewed that had a price on carbon, the typical feedback effects for natural gas relative to a reference or business-as-usual case are:

				
						Natural gas demand will tend to increase relative to other fossil fuels in the electric sector, particularly with respect to coal, due to natural gas’s favorable environmental and efficiency attributes.  

						Higher power generation natural gas demand could lead to higher end-user natural gas prices that through the price elasticity effect could lead to a reduction in residential, commercial, and industrial natural gas demand.  Most, but not all, studies expect total natural gas demand to increase.

						Higher generation costs for coal and natural gas could increase wholesale and retail electricity prices that, depending on the price for carbon, may lead to a reduction in electricity demand through the price elasticity effect.

						Lower electricity demand could lower natural gas and coal demand as natural gas and coal generation are usually on the margin for dispatch and that in turn leads to slightly lower natural gas and coal prices, but not enough to offset the impact from putting a price on carbon.

						An improvement in the LCOE for natural gas-fired generation versus coal-fired generation that could increase natural gas’s share of total future generation capacity that could in turn lead to higher natural gas demand from the power sector.

						An increase in demand for greater energy efficiency in both generation and end use that could result in lower natural gas demand.
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				Depending on specific terms and conditions of a carbon program, one of the likely feedback effects of putting a price on carbon will be an increase in natural gas and electricity prices for end users (see Figure 3-15).  All other things being equal, higher natural gas and electricity prices for North American industrial end users will likely reduce their competitiveness unless international competitors are also subject to commensurate energy cost increases, assuming all other factors are held constant.  These impacts need to be fully considered in any cost benefit analysis of a proposed carbon program.
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				Carbon Capture and Sequestration

				Those studies that looked at a deep reduction in CO2 (over 80%) assumed that CCS would be available for coal and gas-fired generation (see Figures 3-12 and 3-13).

				NGCC with CCS may have a lower LCOE per MWh than coal with CCS (see Figure 3-10).  A recent Department of Energy (DOE) Office of Fossil Energy analysis shows that first generation CCS technology for natural gas has a lower first-year cost of electricity than first generation CCS technology for coal at natural gas prices up to $8 (2010$) per MMBtu.[28] This analysis used a low delivered coal price of $1.64 per MMBtu whereas the estimated delivered price of coal for 2010 is $2.30 per MMBtu.  The analysis also shows that second generation CCS technology for coal has a first-year cost of electricity that is over $25 per MWh lower than first generation CCS technology for coal.  A cost for second generation gas with CCS is not yet available.

				NGCC with CCS should have significantly lower emissions of NOx, SO2, Hg, and ash as well as significantly lower CO2 emissions, transportation, and sequestration requirements (see Figure 3-16).  The lower CO2 emissions are a function of the differences in carbon content of the fuels and heat rates, both of which favor natural gas.  The total heat rate for CCS is greater than for non-CCS, as CCS has large parasitic electric requirements.  The heat rate for advanced pulverized coal with CCS is 12,000 British thermal units per kilowatt hour (Btu/kWh) compared to 8,800 Btu/kWh without CCS.  The heat rate for NGCC with CCS is 7,525 Btu/kWh compared to 6,430 Btu/kWh without CCS (see Figure 3-16).[29] Given that natural gas CCS has significant emissions advantages over coal CCS, CCS research and development efforts should include both natural gas and coal.  At present, federal research and development and pilot project dollars for carbon capture are focused mostly on coal, although much of the research is also applicable to natural gas.[30]
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				Additional investment in demonstration projects for first generation carbon capture technologies is not likely to yield a substantial reduction in costs.  The Global CCS Institute does not find scope for significant cost reductions because the component technologies are all commercially mature.[31] The cost reductions from building first generation technology demonstration plants could average between 9.7% and 17.6% depending on the technology.  These cost reductions represent decreased risk in the existing technologies and do not consider other improvements such as implementing new technologies for capture or economies of scale savings in transportation and storage.  The reason for these small cost decreases is that the majority of the capital costs are well known for proven technologies.  Furthermore, the DOE Office of Fossil Energy analysis mentioned above also shows that second generation CCS technology for coal has a first-year cost of electricity that is over $25 per MWh lower than first generation CCS technology for coal.

				Harmonization of U.S. Natural Gas and Power Markets

				In the past decade, the U.S. natural gas and power industries have become more interdependent.  From 2000 to 2010, the use of natural gas for generation increased from 16 to 24% of total electric sector generation.  For the same period, natural gas demand for power generation grew from 14 to 20 Bcf/d, increasing power generation share of total natural gas demand from 22 to 31%.  Renewable generation, excluding conventional hydro, has increased from 2% of total generation in 2000 to 4% in 2010.  With an expectation of strong future growth in intermittent renewable generation driven by state-mandated Renewable Portfolio Standards and federal subsidies for wind, it has also become increasingly clear that natural gas infrastructure and supply will be impacted in multiple ways.[32] 

				Both natural gas transmission pipelines and electric transmission grids operate under different complex systems of rules and regulations that have evolved over decades, largely independent of each other.  The prospects that natural gas will become an even larger supply source for power generation and the increasing need for natural gas generation to backstop intermittent renewable generation will further complicate these respective operating and regulatory systems.  

				The market rules and service arrangements that govern these two markets, however, differ from one another so that inefficiencies occur.  For instance, in many power markets, generators must request natural gas transportation capacity a day before electric grid operators determine which generation plants will be needed to meet the market demand in a near-term upcoming period.  As a result, power generators must schedule pipeline capacity before being scheduled for generation commitment or attempt to find pipeline capacity and gas supplies after other potential gas transportation users have already scheduled capacity.  This mismatch in the timing of processes results in an inefficient market and use of resources.  Further, while the gas day is uniform across their industry, and pipeline shippers can transport gas across time zones and across different pipelines seamlessly, the electric industry does not have a uniform electric day.

				An example of the increasing interdependence of natural gas and electric power is what happened in February 2011 in the Southwest when more than 50 electricity generation units stopped working overnight because of severe weather, reducing capacity by 7,000 megawatts and leading to rolling power outages.  Other power plants found their fuel supplies curtailed by local distribution companies under natural gas priority rules that were last updated in the early 1970s.  Some of the controlled electric outages also idled natural gas pipeline compressor stations, reducing pipeline pressure and hampering the ability of natural gas generation plants to get the fuel they needed.  This incident highlights the need to resolve certain issues that sit at the intersection of gas and electric deliverability, and wholesale electric market reliability.

				The natural gas industry’s reliance on electricity is also increasing.  Increased use by pipelines of electric compression to meet air quality requirements in some areas has increased the need for reliable electric service to be able to provide reliable natural gas service.  Another example is the dependence of many gas processing plants on electric service as demonstrated by gas processing plants being offline in February 2011 in the Southwest and in the aftermath of hurricanes Katrina and Rita in 2005, and Ike and Gustav in 2008.  If natural gas cannot be processed, pipelines may not accept gas for delivery if acceptance would adversely affect their operations.

				Clearly, the natural gas and power industries are becoming increasingly interdependent.  And that interdependency is expected to continue to increase in the future.  As natural gas and power industries have become more interdependent, various issues have surfaced including:

				
						How merchant generators can recover costs associated with firm pipeline capacity and firm gas supply.[33] Merchant generators, even those operating in markets with capacity payments, are very reluctant to acquire firm transportation and natural gas supply, because they cannot recover the fixed costs associated with firm supply.  Yet many of these merchant generators sell firm electricity and their generation capacity is considered firm for reserve margin purposes.

						The operating day and time lines for scheduling natural gas and electricity are different and inconsistent with each other.

						The electric day for scheduling across regions is not standardized.

						A lack of harmonization between natural gas and power markets on how to deal with intraday variations in demand.  Intraday changes in electricity demand requires generation that can quickly respond to unexpected changes in requirements that are not necessarily compatible with either the terms and conditions of natural gas service, the natural gas intraday nomination processes, or capacity priority rights.

						Very few generators subscribe to either pipeline “no notice” or other services that can be tailored to generators’ needs.

						Potential transmission constraints to the use of existing NGCC plants to displace coal-fired generation or to replace coal-fired generation that might be retired because of proposed non-GHG EPA regulations.

						The natural gas network is becoming increasingly reliant on electric service to provide reliable gas service and the electric network is becoming increasingly reliant on gas service to provide reliable electric service.

				

				Firm Pipeline Transportation Capacity

				Interstate gas pipelines are designed based on the firm contractual commitments made by shippers that support the project.  Interstate gas pipelines do not have “reserve capacity,” which electric utilities have.  For over a decade now, the Federal Energy Regulatory Commission (FERC) has generally required pipeline shippers who need new capacity and will benefit from that capacity, to pay for that capacity.  Producers wanting to connect new supply have to contract for any new pipeline capacity needed.  Buyers wanting new delivery capacity have to contract for any new pipeline capacity needed.  Further, the FERC has held pipelines at risk for any unsubscribed capacity.[34] Generally, the costs of new capacity are not allocated to existing customers.

				There are no operational impediments to natural gas pipelines serving electric generators, provided that the generator has contracted for the appropriate pipeline transportation service.  Most peaking generators contract only for interruptible transportation service or rely on the capacity release market to transport gas on the pipeline.[35] If during peak demand periods, pipeline firm transportation customers use their full contractual entitlements and the pipeline’s capacity is fully subscribed, then interruptible transportation will not be available.  For example, a January 2004 cold snap in New England highlighted that most merchant generators do not have firm pipeline transportation and firm gas supply.  With record peak electricity demand during the cold snap, pipelines’ firm transportation shippers used their full contractual entitlements and the pipelines did not have excess capacity available to schedule for interruptible transportation customers.  While the pipelines met their firm contractual obligations, and all firm transportation customers received transportation service, customers relying on interruptible transportation did not.  As a consequence, 6,000 megawatts of natural gas-fired generation was unavailable to run because the operators chose to rely on interruptible transportation, which is only available after the pipeline has met all of its firm contractual requirements.[36] The loss of this generation jeopardized the reliability of the ISO-New England electric grid.

				The January 2004 cold snap in New England also demonstrates how local spot gas prices can increase as merchant generators and other non-firm shippers bid against each other to acquire a shrinking supply of pipeline capacity.  The result is not only higher local natural gas prices, but higher local wholesale power market prices.  Electric grid service reliability also can be threatened, which again happened in New England in 2004.  As power-generation gas demand increases, the possibility of constraints could spread to other markets during other times of heavy demand.

				To ensure reliability of power service during the winter in regions with substantial heating loads, generators need to be able to access gas supplies quickly in order to respond to system dispatch orders by (1) holding both firm pipeline capacity and firm gas supply, purchasing appropriate services from interstate pipelines, or (2) having dual fuel capability – i.e., the ability to burn a fuel other than natural gas such as distillate.  Unless wholesale power markets allow generators to recover the cost of firm pipeline capacity or of dual fuel capability, generators will not enter into long-term pipeline contracts that are a prerequisite for pipelines to provide firm service nor will they build dual fuel capability.  An alternative approach would be for grid operators, such as the regional transmission operators (RTOs) and independent system operators (ISOs), to hold some quantity of firm pipeline transportation capacity on behalf of the market to ensure that electric reliability could be preserved during coincident peak periods.

				As noted above, most generators, particularly those selling into unbundled wholesale electric markets, choose less-expensive interruptible transportation pipeline capacity or short-term capacity release because under wholesale power market rules, there generally is no assurance that they can recover the fixed costs associated with either firm transportation or firm gas supply.  For merchant markets with capacity payments, such payments seldom fully compensate for the fixed cost of generation capacity, let alone cover the fixed costs of having firm pipeline transportation contracts.  

				Operating Day and Time Lines for Scheduling

				For over a decade now, U.S. and Canadian natural gas interstate pipelines have operated under a common set of standards developed by the North American Energy Standards Board (NAESB) under the auspices of the FERC.  These standards were developed to improve market transparency and efficiency by facilitating computer-to-computer communication for, among other things, scheduling flows of natural gas.  All pipelines use a gas day that begins at 9 a.m. central time.  In addition, a common set of pipeline location codes were implemented.  Scheduling processes have been standardized.  On the other hand, the electric industry does not have a set of North America-wide or even interconnection-wide standards for when the electric day starts.  Moreover, the times for scheduling electricity vary by specific RTO and these are not consistent with standardized natural gas scheduling processes.  Thus, the process for scheduling electricity is neither consistent with the standardized natural gas scheduling process nor consistent with other RTOs (see Figures 3-17 and 3-18).
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				As a consequence of these inconsistent time lines, the owner of a gas-fired generator must either buy gas without knowing if its power will be scheduled, or submit a power bid before knowing if the gas can be purchased and scheduled.  The cost of covering the risk created by the inconsistency in time lines must be reflected in generators’ power offers.  During periods when or regions where power and natural gas pipeline capacity are not constrained and demand is not volatile, this is a manageable risk.  However, when pipeline capacity is constrained, the risk is high as gas-fired generators may be exposed to substantial balancing penalties from pipelines and local distribution companies (LDCs).

				Intraday time lines are also inconsistent, such as between the natural gas and electric scheduling processes.  The intraday gas market is generally much less liquid than the electric market, adding to the risk associated with real-time offers.  All of this is complicated by the operation of electric generating units (especially gas-fired units), which can be brought online with relatively short notice and/or can change generation output levels very frequently to adjust for changes in power requirement on the grid.  These changes can be related to other generating units unexpectedly going offline, changes in load, and/or changes to intermittent renewable generation output.  These frequent and sometimes dramatic changes in gas-fired generation requirements can put stress on the pipeline system.  Although pipelines have various mechanisms for dealing with these changes, including the use of storage, compression and/or line pack, their tariffs typically call for gas to be used at an even 24-hour or ‘ratable’ flow, if pipeline operations could be adversely affected.[37]

				Better-coordinated natural gas and power time lines could help reduce power generator risks.  However, given that gas processes are based on national standards, but power processes vary by region, it will take significant efforts to develop uniform, consistent gas and power time lines for North America.

				In 2006, NAESB filed a report on Gas and Electric Interdependency with the FERC that included a proposed standard energy day.  NAESB undertook a process to review potential modifications to the gas nomination schedule as a way to improve gas-electric consideration.  In 2008, NAESB reported to the FERC that while several proposals were advanced, none achieved a sufficient consensus.  However, recent events in the Southwest have led the NAESB to file with the FERC to reactivate discussions.  

				Firm Pipeline Service

				Regulated utility generators that do have the ability to recover costs associated with firm transportation have found that standard firm transportation may not fully meet their needs for two reasons:

				
						The use of alternate receipt or delivery points by other firm shippers can restrict the ability of an electric generator holding firm transportation from being able to schedule its firm capacity in any of the three intraday scheduling cycles.  This can happen when another firm shipper schedules gas from an alternate receipt point and/or to an alternate delivery point in the timely nomination cycle, which results in gas flows that exceed the capacity of certain points on the interstate pipeline system.  When these flows exceed the capacity at a point or points on the interstate pipeline system, it creates a constraint.  This constraint then restricts the ability of a shipper having firm transportation that is scheduled to flow through the constraint to make any changes (increases or decreases) to its scheduled quantities in any subsequent scheduling cycle for that particular gas day.  This is often referred to as the “No Bump Rule.” Therefore, a shipper having firm transportation that serves an electric generating facility that is scheduled to flow through a constraint has to manage with the amount of gas that it schedules in the timely cycle and cannot make any changes without losing its firm rights.  To the extent that the shipper did not schedule its full primary capacity to a point, the remaining capacity is rendered unavailable for that gas day.  

						As stated earlier, standard firm transportation generally limits hourly flows to 1/24th of the maximum daily quantity – e.g., pro rata or ratable flow; however, both natural gas and electricity demand do vary considerably over the course of a day.  Typically, natural gas demand, especially in the winter, peaks in the early morning and bottoms out just before sunset.  Typically, electric demand, especially in the summer, peaks in late afternoon or early evening and bottoms out just before sunrise.  For both markets, the prorata take requirement does not meet basic market requirements.  However, pipelines are required to allow non-ratable hourly takes so long as operations are not adversely affected.  Most of the time, non-ratable takes can be accommodated, but there is a risk that they may not always be accommodated.[38] As a result, many pipelines offer two other firm transportation services to address the issue of hourly takes: enhanced firm transportation and “no-notice” service.  The typical enhanced firm transportation allows shippers to take up to 1/16th of the maximum daily quantity in an hour.  The typical “no-notice” service further allows shippers to take service without a nomination and to take up to 1/16th of the maximum daily quantity in an hour, addressing not only the ratable take issue but also the no bump issue.  However, enhanced firm transportation and “no-notice” service are more expensive than standard firm transportation as they require more line pack and/or storage to provide the services.[39]

				

				In fact, some interstate gas pipelines have begun to develop services designed to meet the needs of gas-fired electric generators to access gas supplies quickly in response to electric system dispatch orders.

				A practicable obstacle to providing more flexible firm service, such as hourly firm service, that is not subject to the no bump rule, is that the staff that schedules natural gas for many gas suppliers and buyers are not available on a 24/7/365 basis.

				Firming Up Intermittent Renewables

				As intermittent renewable generation capacity increases, the power sector is increasingly focused on natural gas-fired generation with its flexible operating characteristics to accommodate day-to-day variations in renewable generation and to firm up intraday variations between scheduled renewable generation (based on a wind forecast) and actual renewable generation or firming requirement.  At the heart of all of these issues is how costs should be allocated, whether for maintaining enough pipeline capacity to serve an increase in power generation load, or for compensating generators for backing up intermittent renewable generation.

				This issue of who pays for the infrastructure to support renewable energy has been raised in the context of new electric transmission lines for transporting expanded renewables generation.  On November 18, 2010, the FERC issued a Notice of Proposed Rulemaking RM10-11-000 that would amend its requirements for electric transmission planning and cost allocation.  In this Notice of Proposed Rulemaking, the FERC seeks to address perceived deficiencies in its transmission planning process and cost allocation requirements that may inhibit the development of new transmission facilities.  The central debate is whether electric consumers should be burdened with the costs of new electric facilities from which they receive little or no meaningful benefit given a standard that the cost of transmission projects be allocated in a fashion “reasonably proportionate to measurable economic and reliability benefits.” Recent decisions in Southwest Power Pool, 131 FERC ¶ 61,252 and in Midwest Independent Transmission System Operator, 133 FERC ¶ 61,221, involve cost allocation methodologies that, at their heart, spread the costs of certain, significant high voltage transmission facilities over the regional transmission operator’s respective footprint.

				On March 16, 2011, the Interstate Natural Gas Association of America Foundation released a new study, Firming Renewable Electric Power Generators: Opportunities and Challenges for Natural Gas Pipelines.  The study examined the amount of firm transportation capacity that would have to be built to support the forecasted growth in renewable energy and the regulatory policy issues that would have to be addressed to ensure the cost of this new capacity was recovered.  The highlights of the study include:

				
						In the next 15 years, 105 gigawatts (GW) of renewable power generation is forecast to be constructed, of which 88 GW could be new intermittent wind generation.

						The natural gas-fired generation, most likely a combustion turbine, needed over the next 15 years to firm up wind generation could be approximately 33 GW, generating some 45,500 gigawatt hours (GWh) of electricity.

						Almost 5 Bcf/d of incremental delivery capability could be required over the next 15years to provide the new gas-fired firming generation with firm natural gas supply.  But at an expected load factor of only 15%, natural gas demand might increase by only 0.75Bcf/d over the next 15 years.

						The total capital cost of the natural gas infrastructure to support firming requirements could range from about $2 billion to $15 billion.  Utilization of the new gas pipeline infrastructure is expected to be quite low, around 15% or less.  The implied unit cost of firm transportation capacity ($/MMBtu) at a 15% utilization rate would be over six times greater than the cost at a full rate of utilization.

				

				The study goes on to conclude that to ensure adequate backup generation for electric system reliability and that other pipeline customers are not adversely affected by backup generation, regulators should consider adopting policies that:

				
						Identify generation units that are providing firming service

						Provide a mechanism for cost recovery for generators, including the recovery of firm pipeline transportation and storage costs

						Support tariffs that ensure the recovery of costs of pipeline services that meet the needs of firming generation.

				

				Curtailment Rules

				Curtailment of interstate pipeline capacity is generally done on a pro rata basis based on shippers’ firm entitlements.  In contrast, state or LDC level curtailment rules may curtail industrial customers before “human needs” customers such as homes, hospitals, and schools.  Unfortunately, in some cases power generators are lumped in with industrial load.  Curtailment of power generators could adversely affect “human needs” customers, as most such customers need electricity to operate their natural gas equipment.  Also, curtailment of power generators could adversely affect the delivery of natural gas if processing plants, pipelines, or distributors use electric compression.  This is an area that state regulators and LDC ought to examine to ensure reliability of service.

				Transparency

				Unexpected changes in demand or supply are drivers of price volatility.  One way to reduce volatility is to minimize surprises by increasing transparency of supplier operations.[40] The FERC has done this by requiring interstate pipelines to post on the web extensive data on their operations.  Increasing the transparency of power and transmission operations could also add predictability and reduce surprises.  

				Transmission Issues

				Much has been written about transmission bottlenecks related to wind generation.  As previously discussed, since early 2009, lower natural gas prices have resulted in over 2.7 Bcf/d of incremental natural gas demand from displacement of coal-fired generation.[41] However, little has been published on possible transmission bottlenecks related to increased use of existing NGCC plants to further displace or replace coal-fired generation.  A Congressional Research Service (CRS) study estimated the potential for coal-to-gas displacement at 12.7 Bcf/d.[42] However, that estimate assumed that there are no electric transmission barriers to inhibit use of existing NGCCs.  The CRS study estimated the displacement potential for NGCC plants within 25 miles of a coal plant at a more limited 3.5 Bcf/d.  This study, as well as others reviewed, including the ones analyzing the impact of proposed non-GHG EPA regulations on coal plants, did not address potential transmission bottlenecks to maximizing coal displacement.

				U.S. RESIDENTIAL AND COMMERCIAL NATURAL GAS, DISTILLATE, AND ELECTRICITY DEMAND

				Since 1970, residential and commercial total energy demand, excluding energy used for vehicles, has been driven by growth in electricity sales and associated generation related energy losses from converting Btu to kWh and delivering the electricity to the end user.  Growth in electricity demand has been driven by increasing electricity use per customer as we continue to develop new electric devices that have more than offset improvements in electrical efficiency for existing devices.[43] In contrast to electricity, natural gas used directly in the residential and commercial sector has remained level since 1970, as efficiency improvements have contributed to lower gas use per customer, thereby offsetting growth in demand attributable to a 71% increase in the total number of natural gas customers.

				U.S. Residential Energy

				For 2010, U.S. residential energy demand, excluding vehicles, is estimated at 22,132trillion Btu (see Figure 3-19).[44] Residential energy demand includes not only fuel consumed on site, but indirect energy consumption consisting of:

				
						Natural gas transmission fuel consumed in lease (gathering), processing, and delivering natural gas to the end user, about 8.5%.[45] Figure 3-19 includes only the residential sector’s share.

						Energy used to generate electricity (i.e., to convert Btu to kWh) and transmission and distribution (T&D) losses incurred in delivering the electricity to the end user.  See text box, “Generation and T&D Energy Losses,” for more detail.  Figure 3-19 includes only the residential sector’s share.
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				As discussed under “Full Fuel Cycle Analysis” later in this chapter, information on direct and indirect energy requirements and emissions would assist policymakers and end users in making informed choices about total energy consumption, efficiency, and emissions.

				Energy efficiency improvements have weakened the link between economic and population growth and energy demand.  There remains significant technological potential for efficiency improvements for both natural gas and electricity to reduce long-term demand and emissions.[46] Much of this potential is available from better implementation of currently available technologies and techniques (including operations and maintenance practices), while improved technology is needed to obtain further improvements.  Beyond the great energy efficiency potential from implementing existing technologies and practices, significant efficiency improvements can arise from new technologies that would emerge from investment in research and development.  Also, such impediments as information gaps and uncertainty, split incentives (e.g., landlord-tenant problem), and related financial issues would need to be addressed to achieve the potential.

				U.S. Residential Natural Gas Demand 

				U.S. residential natural gas demand for 2010 is estimated at 13.0 Bcf/d, accounting for about 21% of U.S. total natural gas demand (see Figure 3-20).[47] For 2030, residential natural gas demand is expected to range from 10.7 to 14.7 Bcf/d driven by household growth (which is a function of population growth) and continued decline in gas demand per household (which is a function of energy efficiency improvements) (see Figures 3-21 and 3-22).  Only about 61% of households have residential natural gas service.
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				Major drivers of residential natural gas demand from highest increase to greatest decrease are:

				
						Increases	Low technology (less efficiency gains and greatest increase in demand)
	High macroeconomic growth
	High gas resources (smallest increase in demand).



						Decreases	Low gas resources (smallest decrease in demand)
	Low macroeconomic growth
	High technology (more efficiency gains and greatest decrease in demand).



				

				Studies with a price on carbon usually had lower residential natural gas demand than those that did not.

				U.S. Residential Distillate Demand

				U.S. Northeast residential distillate demand of 1.4 Bcf/d equivalent accounts for 80% of U.S. residential distillate demand (see Figure 3-23).  This distillate demand represents an area where conversion from an oil furnace to a natural gas furnace could help increase energy efficiency, reduce greenhouse gas emissions, and reduce oil imports.  A new natural gas furnace will likely require fewer Btu than an existing distillate furnace due to higher efficiency of new furnaces.[48]
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				However, there are many obstacles to conversion.  High appliance first cost, low population density rates, and regulatory impediments to recover costs from extending natural gas service to certain areas present challenges.  When service costs are prohibitive, a customer’s contribution in aid of construction to extend service lines can further increase the customer’s first-cost burden.  Consumers often make purchase decisions based on first cost, whereas the economic and carbon-related benefits accrue over the lifetime of the gas-using equipment.  Prudent policy could provide better alignment of long-term economic and environmental benefits of natural gas with the short-term costs of the equipment and service extension.

				U.S. Commercial Electricity Demand

				U.S. residential electricity demand for 2010 is estimated at 1,388 billion kWh, accounting for about 38% of U.S. total electricity demand (see Figure 3-24).[49] For 2035, residential electricity demand is expected to range from 1,446 to 1,844 billion kWh, driven by customer growth (which is a function of population growth) and the introduction of new residential electrical devices, and offset in part by continued energy efficiency improvements for existing electrical devices (see Figures 3-25 and 3-26).[50] Almost all households have residential electric service.  Historically, electricity demand from new electrical devices has grown faster than energy efficiency improvements for existing electrical devices.  Unlike natural gas demand, the range for electricity demand is narrower and generally upward.
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				Major drivers of residential electricity demand from highest increase to greatest decrease are:

				
						Increases	High macroeconomic growth (greatest increase in demand)
	Low technology (less efficiency gains)
	High gas resources (smallest increase in demand).



						Decreases	Low gas resources (smallest decrease in demand)
	Low macroeconomic growth
	High technology (more efficiency gains and greatest decrease demand).



				

				Studies with a price for carbon usually have lower residential electricity demand than those that did not.

				U.S. Commercial Energy

				For 2010, U.S. commercial energy demand, excluding vehicles, is estimated at 19,068trillion Btu (see Figure 3-27).[51] Commercial energy demand includes not only fuel consumed on site, but indirect energy consumption consisting of:

				
						Natural gas transmission fuel consumed in lease (gathering), processing, and delivering natural gas to the end user, about 8.5%.[52] Figure 3-27 includes only the commercial sector’s share.

						Energy used to generate electricity (i.e., to convert Btu to kWh) and transmission and distribution losses incurred in delivering the electricity to the end user.  See text box, “Generation and T&D Energy Losses,” earlier in this chapter for more detail.  Figure 3-27 includes only the commercial sector’s share.
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				As discussed under “Full Fuel Cycle Analysis” later in this chapter, information on direct and indirect energy requirements and emissions would assist policymakers and end-use customers in making informed choices about total energy consumption, efficiency, and emissions.

				Energy efficiency improvements have weakened the link between economic and population growth and energy demand.  There remains significant technological potential for efficiency improvements for both natural gas and electricity to reduce long-term demand and emissions.[53] Much of this potential is available from better implementation of currently available technologies and techniques (including operations and maintenance practices), while improved technology is needed to obtain further improvements.  Beyond the great energy efficiency potential from implementing existing technologies and practices, significant efficiency improvements can arise from new technologies that would emerge from investment in research and development.

				Since the early 1970s, growth in commercial energy demand has come from growth in the demand for electricity and the generation and T&D losses incurred in providing that electricity.  

				More than half of the energy consumed in the United States is consumed in buildings when the energy used to generate electricity and the fuels used or lost during transmission are included.[54]

				U.S. Commercial Natural Gas Demand

				U.S. commercial natural gas demand for 2010 is estimated at 8.5 Bcf/d, accounting for about 14% of U.S. total natural gas demand (see Figure 3-28).[55] For 2030, commercial natural gas demand is expected to range from 7.3 to 11.5 Bcf/d, driven by economic and customer growth (which is a function of population growth) and continued decline in gas demand per customer (which is a function of energy efficiency improvements) (see Figures 3-29 and 3-30).
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				Major drivers of commercial natural gas demand from highest increase to greatest decrease are:

				
						Increases	High macroeconomic growth (greatest increase)
	High gas resources 
	Low technology (less efficiency gains and smallest increase).



						Decreases	Low macroeconomic growth (smallest decrease)
	Low gas resources 
	High technology (more efficiency gains and greatest decrease).



				

				Studies with a price for carbon usually had lower commercial natural gas demand than those that did not.

				U.S. Commercial Distillate Demand

				U.S. Northeast commercial distillate demand of 0.5 Bcf/d equivalent accounts for 47% of U.S. commercial distillate demand (see Figure 3-31).  Commercial distillate demand is less concentrated in the Northeast than residential distillate demand, as a substantial portion of commercial distillate demand is for backup generation or commercial combined heat and power (CHP) for large buildings.  This distillate demand represents an area where conversion from an oil furnace to a natural gas furnace can help increase energy efficiency, reduce greenhouse gas emissions, and reduce oil imports.  A new natural gas furnace will likely require fewer Btu than an existing distillate furnace due to higher efficiency of new furnaces.
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				However, there are many obstacles to conversion.  High appliance first cost, low population density rates, and regulatory impediments to recover costs from extending natural gas service to certain areas present challenges.  When service costs are prohibitive, a customer’s contribution in aid of construction to extend service lines can further increase the customer’s first-cost burden.  Consumers often make purchase decisions based on first-cost, whereas the economic and carbon-related benefits accrue over the lifetime of the gas-using equipment.  Prudent policy could provide better alignment of long-term economic and environmental benefits of natural gas with the short-term costs of the equipment and service extension.

				An example of a required expansion to allow natural gas to replace fuel oil is the city of New York’s program that requires the conversion of 0.4 Bcf/day (average day, or 0.8 Bcf/day peak day) equivalent of fuel oil demand to low emission fuels such as natural gas.  This will require a substantial expansion of pipeline capacity into Manhattan.  The conversion program follows from an analysis of the health advantages of reducing use of heavy fuel oils in the commercial sector by the Environmental Defense Fund.  Texas Eastern Gas Transmission has proposed a 0.8 Bcf/day expansion to facilitate bringing gas supply from Pennsylvania to Manhattan.  

				U.S. Commercial Electricity Demand

				U.S. commercial electricity demand for 2010 is estimated at 1,355 billion kWh, accounting for about 38% of U.S. total electricity demand.[56] For 2035, commercial electricity demand is expected to range from 1,586 to 2,062 billion kWh, driven by economic and customer growth (which is a function of population growth) and the introduction of new commercial electricity devices, and offset in part by continued energy efficiency improvements for existing electrical devices (see Figures 3-32, 3-33, and 3-34).[57] Historically, new uses of electricity have grown faster than energy efficiency improvements for existing devices.[58]
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				Major drivers of commercial electricity demand from highest increase to greatest decrease are:

				
						Increases	Low technology (less efficiency gains and greatest increase)
	High macroeconomic growth
	High gas resources (smallest increase).



						Decreases	Low gas resources (smallest decrease)
	Low macroeconomic growth
	High technology (more efficiency gains and greatest decrease).



				

				Studies with a price for carbon usually had lower commercial electricity demand than those that did not.

				U.S.  INDUSTRIAL NATURAL GAS AND ELECTRICITY DEMAND

				For 2010, U.S. industrial energy by fuel is fairly balanced between natural gas, electricity, and petroleum (see Figure 3-35).  About 54% of industrial energy is used for heat, light, and power, including purchased electricity and its associated generation and T&D losses (see Figure 3-36).  Fuel uses account for another 32% of industrial energy, and feedstock accounts for 14%.  The 14% feedstock component breaks down into petroleum, 6%; natural gas, 2%; and liquefied petroleum gases (LPGs), 6%.  Industrial energy used does not include fuel for vehicles.  As with the residential and commercial sectors, there are opportunities to improve energy efficiency using existing technologies and practices as well as for new processes and technologies.
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				Superficially, generation and transmission and distribution losses for the industrial sector appear significantly lower than for the residential and commercial sectors.  This is because the industrial sector generates a substantial portion of its electricity requirements on-site, meaning the thermal losses from converting Btu to kWh is part of the energy consumed for heat, light, and power.  Furthermore, on-site generation does not have transmission and distribution losses.

				Industrial Natural Gas Demand

				U.S. industrial natural gas demand for 2010 is estimated at 17.9 Bcf/d, accounting for about 29% of U.S. total natural gas consumption.[59] For 2030, industrial natural gas demand is expected to range from 13.4 to 22.2 Bcf/d, driven by economic growth and offset by continued improvement in energy efficiency (see Figures 3-37 and 3-38).
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				Major drivers of industrial natural gas demand from highest increase to greatest decrease are:

				
						Increases	High macroeconomic growth (greatest increase in demand)
	High gas resources
	High technology (higher growth in industrial activity that requires more energy and sometimes a shift to higher value and more energy-intensive products as well as higher efficiency gains)
	Low technology (smallest increase in demand) (slower growth in industrial activity that requires less energy as well as less efficiency gains).



						Decreases	Low gas resources (smallest decrease in demand)
	Low macroeconomic growth (greatest decrease in demand).



				

				Typically, the studies reviewed that had a price for carbon had lower industrial natural gas demand than those that did not.

				When the industrial sector uses natural gas as a feedstock or in the direct production of products, the value is leveraged over and over, resulting in a strong value-added proposition for the economy.  U.S. firms rely on natural gas and oil-derived chemicals as building blocks for the production of electronics (including computers and cell phones), plastics, medicines (and medical equipment), cleaning products, fertilizers, building materials, adhesives, and clothing.  Consequently, a strong industrial sector is critical to a healthy economy.  In a global business environment where companies have the ability to move capital around the world, a dependable, competitive supply of natural gas is critical to creating investment and jobs.  Therefore, attention must be paid to ensure energy is used efficiently and there is adequate energy supply at reasonable cost to meet the growth demands of the industrial sector.

				Recycling of energy-intensive products such as paper, steel, aluminum, glass, solvents, asphalt, concrete, and plastic is a very powerful tool for reducing energy consumption, greenhouse gas emissions, pollution, and wastes.  Much energy is embodied in the material or expended in making the material, through the energy needed to extract, process, and distribute them.  This includes water, which requires significant energy for collection, treatment, and distribution.  Further, some organic materials (such as manures from animal agriculture) can sometimes substitute for energy-intense (and often natural gas-based) synthetic fertilizers or energy can be recovered through direct combustion or digestion to biogas.  In 2009, the estimated avoided greenhouse gas emissions from recycling totaled over 142.2 million MtCO2e.[60] Despite these significant gains from recycling, there are still significant quantities of these products that are not recycled each year.

				Generally, when natural gas prices are low and decreasing, U.S. industrial natural gas demand is high and increasing.  Conversely, when natural gas prices are high and increasing, U.S. industrial natural gas demand is low and decreasing (see Figure 3-39).  The availability of abundant natural gas resources at a low cost led to a higher oil to natural gas price ratio, even before the recent unrest in the Middle East.  This has led to an improvement in the international competitiveness of industries that use natural gas and natural gas liquids (NGLs) as a feedstock relative to foreign competitors that use oil-based naphtha as a feedstock or natural gas priced as a function of oil prices.  To accommodate increasing levels of ethane production related to the growth in natural gas production, increased investment by the chemical industry will be required.  The American Chemistry Council recently estimated that a 25% increase in ethane supply could result in $16 billion in capital investment by the chemical industry.  This would generate 17,000 new jobs in the U.S. chemical industry and 395,000 additional jobs outside the chemical industry and increase U.S. economic output by $132 billion.[61]
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				Outside of the chemical industry, other energy-intensive manufacturers are also increasing production or expanding.  Recently, several ammonia manufacturers have announced plans to restart idled units in the United States.  PCS Nitrogen, Inc. will restart its ammonia plant in Geismar, Louisiana, and Pandora Methanol has begun the process of restarting its ammonia plant in Beaumont, Texas.  Additionally, Nucor Corporation announced the construction of a $750 million iron making facility in Louisiana that will use direct reduction technology.[62] 

				Industrial Electricity Demand

				The U.S. industrial sector’s purchased electricity demand for 2010 is estimated at 868billion kWh, accounting for about 24% of U.S. total electricity demand (see Figure 3-40).[63] For 2035, industrial electricity demand is expected to range from 842 to 1,190 billion kWh, driven by economic growth and offset by continued energy efficiency improvements for existing applications and new industrial uses for electricity (see Figure 3-41).  Historically, new uses for electricity have grown faster than energy efficiency improvements for existing uses.
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				Major drivers of industrial electricity demand from highest increase to greatest decrease are:

				
						Increases	High macroeconomic growth (greatest increase in demand)
	High gas resources
	High technology (higher growth in industrial activity that requires more energy and some-times a shift to higher value and more energy-intensive products as well as higher efficiency gains) (smallest increase in demand).



						Decreases	Low gas resources (smallest decrease in demand)
	Low technology (slower growth in industrial activity that requires less energy)
	Low macroeconomic growth (greatest decrease in demand).



				

				Unlike the residential and commercial sectors, the High Technology Case results in an increase in electricity demand, not a decrease.  A higher pace of technology change spurs an increase in economic activity and a shift towards higher value, more energy-intensive products.[64] However, greater technological change can also increase the efficiency and productivity of production to reduce the energy required per added dollar of value.

				Studies with a price on carbon usually had lower industrial electricity demand than those that did not.  Energy-intensive industries in Europe have expressed concerns that expansion of the European Union Emissions Trading System should be done as part of a global framework; otherwise, their international competitiveness could be adversely affected.[65]

				The industrial sector spends about five times as much on electricity as it does directly on natural gas, making electricity pricing very important to industry.[66] Wholesale electric prices are very dependent on natural gas prices, making industrial activity highly sensitive to the natural gas market when both direct and indirect effects are considered.  High, volatile natural gas prices from 1999 through 2008 played a significant role in the relatively flat growth in industrial electricity during the 1999–2008 period as investment by industry in the United States dropped.

				Industry has generally proven itself to be an efficient consumer of natural gas, responding to high prices by investing in new technology and shutting down assets that no longer compete.  However, there are still many opportunities to improve energy efficiency.  Some of the more promising technologies include CHP, low temperature heat recovery, use of oxygen to supplement or replace combustion air, biomass integrated gasifier combined cycle, and municipal solid waste used to fuel generation or CHP.  Further investment in these and other technologies is needed for industry to thrive well into the future.  The industrial sector has and is expected to continue to improve its efficiency in using electricity across all outlooks.

				U.S. TRANSMISSION NATURAL GAS DEMAND

				The North American Natural Gas Transmission System consists of an intricate network of lease (gathering), processing plant, pipeline, and distribution facilities that reliably and efficiently delivers significant quantities of natural gas from the wellhead to end users throughout the entire continent.  This elaborate system is the culmination of decades of investment by countless participants and combines legacy components with state-of-the-art improvements (Figure 3-42).  
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				Expansion of natural gas lease, plant, pipeline, and distribution infrastructure generally depends upon growth in the natural gas market or development of new sources of supply.  Still, even in a flat-to-declining market, additional infrastructure assets will likely be required to accommodate natural shifts in the locations of supply and demand.  Most of the natural gas infrastructure capacity added in the last 30 years has been to deliver new supply to existing load or to load that has shifted regionally.  

				It is important to note that each lease, plant, pipeline, and distribution supply and delivery system is unique.  Consequently, a “one-size-fits-all” approach to seeking efficiency improvements will not work.  This is because each system’s age, geographic location, original design, modifications, and shifting supply and transmission patterns are all distinct.  Therefore, an improvement may be cost effective in one case, but not be feasible or economical in another case.  Due to this reality, the greatest opportunity for maximizing either economics or efficiency is in the initial design and construction phase of a major facility.  For example, new gas processing plants tend to be much more efficient than older legacy gas processing facilities.  Though covered in the Other Transmission Issues portion of this study, legislative mandated safety enhancements will impact costs, particularly in high consequence populated areas.

				U.S. Transmission Natural Gas Demand

				Today, lease and plant fuel consumption for the United States is about 3.5 Bcf/d, or 6%, of dry gas production, while pipeline and distribution fuel consumption is about 1.7 Bcf/d, or 3%, of natural gas demand.  Total natural gas transmission fuel (lease and plant, pipeline and distribution) is about 5.2 Bcf/d, or 8.5%, of throughput (total natural gas demand) (see Figures 3-43 and 3-44).  As discussed below, these percentages have varied little over time and are not expected to do so in the future.  CO2 emissions from this segment of the industry are tied to throughput.
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				It is reasonable to assume that natural gas consumption for transmission (lease and plant fuel, and pipeline and distribution fuel) for the United States will stay within the historical range of about 7.1% to 9.5% of throughput for the foreseeable future and to range between 4.1 and 6.1 Bcf/d through 2035.

				Other Transmission Issues

				The natural gas industry’s reliance on electricity is increasing.  The use by pipelines of electric compression to meet air quality requirements in some areas make the need for reliable electric service an important component of reliable natural gas service.  Another example is the dependence of many gas processing plants on electric service, as demonstrated by gas processing plants being offline in February of 2011 in the Southwest and in the aftermath of hurricanes Katrina and Rita in 2005, and Ike and Gustav in 2008.  If natural gas cannot be processed, pipelines may not be able to accept gas for delivery if acceptance would adversely affect their operations.

				Some parts of the transmission network are fairly old, especially distribution systems, and need to be adequately monitored and inspected to ensure reliability and to avoid incidents like the explosion at San Bruno.[67] To the extent additional costs incurred to ensure integrity of the transmission network are passed along to end users, the resultant higher delivered natural gas prices could, through the price elasticity effect, slightly reduce natural gas demand.

				FULL FUEL CYCLE ANALYSIS

				A full fuel cycle (FFC) analysis measures energy consumption including – in addition to site energy use – the energy consumed or vented (added to National Academy of Sciences definition) in the extraction, processing, and transport of primary fuels such as coal, oil, and natural gas; energy losses in thermal combustion in power-generation plants; and energy losses in transmission and distribution to homes, commercial buildings, and other end users.[68] [69] An FFC analysis could be used in making and implementing certain energy-related policies at different levels of government (and by legislative and executive branch entities) to provide policymakers and end-use consumers with more complete and robust information on energy consumption and emissions including CO2 emissions.

				Figure 3-45 is an illustrative example of the application of an FFC analysis to gas and electric water heaters.  For the natural gas value chain, the FFC analysis includes natural gas (methane) vented during production as well as transmission fuel used in gathering, processing, pipeline, and distribution.[70] The electric value chain includes methane vented during mining, losses on converting Btu to kWh, and electric transmission and distribution losses.  There are four variants on the electric water heater based on the mix of generation used:

				
						Electricity generated by an NGCC plant

						Electricity generated by a coal plant

						Electricity generation based on average U.S. 2010 generation mix

						Electricity generation based on U.S. 2010 generation adjusted to increase renewables from 9.5% of total generation to 20.0%.  If it takes 10 years to achieve such an increase, then this case reflects a FFC analysis for the midpoint of a 20-year asset.
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				The FFC analysis shows that a natural gas water heater uses less total energy and emits less CO2 than an electric water heater based on the four generation cases used.

				More than half of energy consumed in the United States is consumed in buildings when one includes the energy used to generate electricity and the fuel used or lost during transmission (delivery and distribution) – i.e., an FFC analysis.  Historically, energy consumption was reported by site.  For the purposes of analyzing energy choices, the FFC methodology more comprehensively assesses energy consumption, energy efficiency, and emissions.

				The fuel mix used to generate electricity varies by region and will change over time (seasonally, daily, and even hourly) (see Figure 3-46).  Over longer periods, the generation mix shifts as new plants are built and old ones retired.  This complicates development of a national FFC analysis for electrical applications.[71] So comparing the FFC of an appliance with a 20-year life purchased in 2010 is subject to some uncertainty, as changes in the future mix of fuels and technologies used in generation will change.
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				CANADIAN NATURAL GAS AND ELECTRICITY DEMAND

				For 2010, Canadian natural gas and electricity were expected to provide 16% and 10%, respectively, of Canadian total end-use demand.[72]

				Canadian Natural Gas Demand

				Canadian natural gas demand is expected to grow from about 9.1 Bcf/d in 2010 to between 9.8 and 15.2 Bcf/d in 2030.  Most of this demand growth is expected to come from consumption related to oil sands development, not power generation, as Canada has a large hydropower base, but limited coal generation capacity.  This limits the opportunity for natural gas to displace coal-fired generation (see Figure 3-47).  
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				Canadian Residential Natural Gas and Electricity Demand

				As in the United States, residential natural gas and electricity demand increases are a function of population growth (somewhat higher in Canada) and the introduction of new residential electrical devices, offset in part by energy efficiency improvements.  Canadian residential natural gas demand is expected to be relatively flat (see Figure 3-48).  Canadian residential electricity demand is expected to grow as electrical energy efficiency gains are more than offset by the introduction of new electric devices (see Figure 3-49).
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				Canadian Commercial Natural Gas and Electricity Demand

				As in the United States, commercial natural gas and electricity demand increases are a function of population and economic growth (somewhat higher in Canada), energy efficiency gains, and the introduction of new electrical devices.  Canadian commercial natural gas demand is expected to be relatively flat (see Figure 3-50).  The difference between the National Energy Board of Canada (NEB) outlooks and the proprietary outlooks is most likely due to how demand is classified in Canada.  In Canada, pipeline and distribution fuel is included in the commercial segment whereas in the United States, it is included in pipeline and distribution fuel component of transmission.
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				Canadian commercial electricity demand is expected to grow as energy efficiency gains are more than offset by increasing commercial floor space, new electrical devices, and growth in air conditioning (see Figure 3-51).  A general trend in the Canadian economy towards an expanding service sector share relative to the manufacturing sector is also driving this growth.
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				Canadian Industrial Natural Gas and Electricity Demand

				Natural gas accounts for about 40% of the industrial sector fuel, and electricity accounts for about 15%.  Industrial energy demand accounts for almost half of Canada’s total energy use.  Industrial use also includes feedstock energy used by the chemical industry and off-road transportation.  The majority of energy use in the industrial sector comes from six energy-intensive industries that are highly dependent on export markets.  Therefore, the general state of the world economy is a major influence on Canadian energy consumption.  The NEB is forecasting slower growth between 2008 and 2020 than seen historically.  The principal reasons for this are increasing global competition in commodity markets and a higher Canadian dollar.  

				Given the above, the NEB believes that industrial energy demand will increase at an average rate of 0.8% annually between now and 2020.  The natural gas share is expected to remain near 40% of the energy mix.  No major fuel switching trend is seen in the next 10 years (see Figure 3-52).
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				The proprietary aggregated oil and gas company outlooks for Canadian industrial demand show a wide range compared to NEB outlooks (see Figure 3-53).  The difference may be caused by where one classifies natural gas demand that is related to oil sands development.
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				The NEB outlooks for industrial electricity demand are relatively flat, reflecting a slowing in the GDP growth rate and increasing value of the Canadian dollar (see Figure 3-54).  The recent recession caused a notable dip in industrial electricity demand.
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				Natural gas demand related to producing oil sands is expected to be the single biggest source of growth in Canadian natural gas demand.  The Unconventional Oil Subgroup of the Resource and Supply Task Group estimates that oil sands natural gas demand could grow from 1.6 Bcf/d in 2010 to a range of 2.6 to 5.2 Bcf/d in 2035 (see Table 3-2).
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				Canadian Power Generation Demand

				Canadian total electricity demand is expected to grow primarily as a result of increases in electricity demand for the commercial and residential sectors (see Figure 3-55).
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				The Canadian mix of generation by fuel and technology is significantly different than the U.S. mix.  Canadian capacity and generation is dominated by hydro and nuclear (see Figures 3-56 and 3-57).  For 2010, hydro and nuclear are expected to account for 61% and 14%, respectively, of total generation with coal and natural gas trailing at 11% and 9%, respectively.
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				With limited opportunity to displace coal, natural gas demand for power generation is expected to grow only modestly in Canada and will occur primarily in the province of Ontario, which is retiring all of its coal-fired generation to meet CO2 reduction goals (see Figure 3-58).  
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				A VIEW ON 2050 NATURAL GAS DEMAND

				Looking towards 2050, it appears that the key drivers of natural gas demand will continue to be policy decisions that will affect the role of natural gas in the power and transportation sectors.  The outlook for residential and commercial sector natural gas demand will likely remain flat unless there is a major technological change in how heating, cooling, and lighting are provided.  For example, widespread adoption of natural gas fuel cells or micro CHP units could affect both natural gas and central station electricity demand.  Reducing central station electricity demand would likely reduce power generation natural gas demand.  The industrial sector will continue to face competitive pressures to reduce energy costs through investments in energy efficiency.  In addition, global development of shale gas and a delinking of natural gas from oil prices elsewhere in the world could reduce the competitive advantage that U.S. and Canadian chemical and other energy-intensive industries currently enjoy.  Growth in other manufacturing will likely be constrained by the desire to invest in new facilities closer to where the demand for manufactured products is growing, rather than trying to serve those markets from North America.  However, there are some signs of restoration of production that moved overseas in the last decade.  The outlook for power generation gas demand will continue to be affected by whether the United States implements a price on carbon and the terms and conditions of any such program.  A push to achieve a deep reduction in CO2 emissions from the power sector will likely mean that at some point, natural gas power generation demand for capacity without CCS would decline.  As natural gas generation with CCS is added, natural gas power generation demand should stabilize, but likely at below peak levels.  

				POTENTIAL VEHICLE NATURAL GAS AND ELECTRICITY DEMAND

				The NPC Future Transportation Fuels study is examining the potential market penetration of NGVs and PEVs that could create some natural gas demand for NGVs, and indirectly for power generation to meet electricity demand from PEVs, as well as fuel cell electric vehicles using hydrogen reformed from natural gas.  Since the FTF study will be completed after this one, this study examined high-potential-demand cases for NGVs and PEVs from published sources.

				For NGVs, the DTG looked at three public studies: EIA AEO2010 Reference Case; EIA 2010 sensitivity on heavy-duty vehicles; and an RFF study.  The analysis also included a Proprietary Maximum Case, which had NGV natural gas demand of 2.0 Bcf/d for 2030.  Except for the EIA AEO2010 Reference Case and its sensitivities, all of the other public studies are based on high-market penetration assumptions without any estimate of what it would take to achieve such penetrations.  The only studies reviewed that competed gasoline and diesel vehicles against NGVs or PEVs were the AEO Cases.

				NGV Natural Gas Demand

				The DTG looked at two EIA NGV cases: the AEO2010 Reference Case and the AEO2010 2027 Phaseout with Expanded Market Potential.  The AEO2010 Reference Case, which competes gasoline and diesel vehicles against NGVs and PEVs, has nominal NGV natural gas demand of 0.5 Bcf/d by 2035 (see Figure 3-59).  The AEO2010 2027 Phaseout with Expanded Market Potential case incorporates lower incremental costs for all NGVs for all classes ofheavy-duty vehicles that begin in 2011 and are phased out by 2027.  The lower incremental costs include: zero incremental cost relative to their diesel-powered counterparts after accounting for incentives of about $80,000 per truck; tax incentives for natural gas refueling stations ($100,000 per new facility); and credits for natural gas fuel ($0.50 per gallon of gasoline equivalent).  This case results in natural gas providing 40% of the fuel for HDVs by 2035.  For 2035, natural gas demand for HDVs is 4.5 Bcf/d (see Figure 3-59).
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				The DTG also reviewed the RFF LNG Trucks with Abundant Natural Gas (Scenario 6), which assumed that purchases of new HDV fueled by LNG as a share of total HDV purchases increased by 10% per year, reaching 100% of purchases in 2020.[73] This results in 70% of all HDVs being fueled by LNG in 2030 with an associated natural gas demand of 11.2 Bcf/d.

				PEV Electricity Demand

				The DTG looked at one PEV study: an Electric Power Research Institute and National Resources Defense Council joint study done to assess potential reductions in GHG emissions if very rapid growth in PEVs for LDVs occurs.[74] The DTG estimates of PEV-related natural gas demand are based on the medium PEV fleet penetration and medium electric sector CO2 intensity scenario.  PEVs are assumed to be 40% of the LDV fleet by 2030 and 57% by 2050.  Electric demand is expected to grow to 316,560 GWh by 2030 and 548,061 GWh in 2050; but since most of the PEVs are hybrids that have on-board generators, not all gasoline or diesel fuel is displaced by electricity.  The DTG prepared two estimates of natural gas demand that might result from the electricity requirement for this scenario.  A low estimate was prepared using natural gas generation share of total generation from the AEO2011 Reference Case, about 20%.  A high estimate was calculated based on all the electricity required for PEVs being generated by NGCC plants with a heat rate of 7,000 Btu/kWh.  The low and high estimates for U.S. natural gas demand for 2035 are 1.5 and 7.6 Bcf/d, respectively, and for 2050 are 2.1 and 10.5 Bcf/d, respectively.

				Total Potential Natural Gas Demand for Vehicles

				The range of potential direct and indirect natural gas demand for the studies is shown in Figure 3-59.  For the purpose of “stress testing” natural gas supply, the DTG summed the results of one HDV and one LDV study.  For HDV potential, the DTG used the AEO2010 2027 Phaseout with Expanded Market Case.  U.S. natural gas demand for 2035 for this case is 4.5Bcf/d.  This estimate was increased by 8% to 4.9 Bcf/d to reflect Canadian HDV NGV demand potential based on the ratio of Canadian vehicles to U.S. vehicles.[75] For LDVs, the DTG used the Electric Power Research Institute and National Resources Defense Council joint study on PEVs, assuming 100% of the electricity requirement was met by natural gas generation.  U.S. natural gas demand for 2035 for this case is 7.6 Bcf/d.  This estimate was increased by 8% to 8.2 Bcf/d to reflect Canadian LDV PEV demand potential based on the ratio of Canadian vehicles to U.S. vehicles.  For purposes of “stress testing” North American natural gas supply, the DTG used the combined very high potential HDV NGV and LDV PEV natural gas demand for 2035 of 13.1 Bcf/d.

				LNG Exports

				A potential source of demand for U.S. and Canadian natural gas production is LNG exports to global markets.  The United States has produced and exported LNG from its Kenai, Alaska, facility since 1969 using gas from the Cook Inlet near Anchorage.  LNG was continuously produced from the 200 MMcf/d plant since its inception and sold to its long-term contract holders, Tokyo Gas and Tokyo Electric.  The plant is expected to close in October 2011.  The decision was based on low production volumes from the Cook Inlet that restricted liquefaction to approximately 80 MMcf/d and lack of interest in a contract extension from the two buyers.

				However, as a result of the substantial increase in U.S. and Canadian natural gas resources from unlocking shale gas resources, several new LNG export facilities have been proposed and some have filed for regulatory permits in both the United States and Canada.  

				Given that liquefaction facilities can cost $2 to $3.5 billion depending on location and size, these LNG projects are unlikely to be developed unless they can obtain a long-term capacity agreement from a large creditworthy customer such as a major foreign buyer of LNG or a major oil and gas company.  For producers, there is the potential of higher netbacks from buying U.S. or Canadian natural gas production at low North American natural gas prices, liquefying it, and selling as LNG at higher prices linked to oil prices.  With the current high oil-to-natural gas price ratio, this is an attractive opportunity.  However, only a very large, financially secure company can assume the financial risk that oil prices will remain high relative to natural gas and that LNG prices will continue to be linked to a high fraction of the oil price.

				For purposes of “stress testing” natural gas supplies, the DTG has assumed that the maximum LNG export potential for United States and Canada is 5.0 Bcf/d, equivalent to the initial liquefaction capacity of the first three filed North American LNG export projects.

				Exports to Mexico

				A source of demand for U.S. natural gas production is net exports to Mexico.  EIA data show that net exports from the United States to Mexico have averaged 810 MMcf/d over the last five years (2005–2009).  Import flows occur at 15 pipeline points along the Mexico-U.S. border with some points being bidirectional, capable of import and export.  U.S. pipeline export capacity to Mexico is 3.3 Bcf/d and pipeline import capacity is 1.6 Bcf/d.

				The current plan of the Secretaria de Energía – the Mexican Ministry of Energy (Sener) – shows roughly 500 MMcf/d of net imports from the United States by 2024 versus an average for 2009 of 855 MMcf/d.  If one assumes that Petróleos Mexicanos (Pemex) produces natural gas to the level forecast by Sener, that LNG is imported to Mexico using a 50% capacity factor for their 2 Bcf/d of regasification capacity, and that most of the new power capacity additions are natural gas-fired, then the amount of natural gas to be imported from the United States by Mexico by 2024 is closer to 2.5 to 3.0 Bcf/d.  This is consistent with the EIA AEO2010 Reference Case that projects U.S. net exports to Mexico at 2.3 Bcf/d in 2025 and 2.8 Bcf/d for 2035.  The EIA AEO2011 Reference Case projects U.S. net exports to Mexico at 3.0 Bcf/d in 2025 and 4.3 Bcf/d for 2035.  If Mexico decides to replace some of its LNG imports with pipeline imports from the United States, then Mexican demand for U.S. natural gas could be higher.  On the other hand, Mexico has substantial natural gas resources that could be developed under the right legal and regulatory structure.

				For purposes of “stress testing” natural gas supplies, the DTG has assumed 2035 exports to Mexico of 4.3 Bcf/d.

				U.S. LIQUIDS DEMAND

				Total U.S. liquids demand for 2010 is estimated at about 19 million barrels per day.  Liquids demand includes gasoline, distillate, residual fuel oil, LPGs, kerosene, jet fuel, and petrochemical feedstock.  The transport and industrial sectors account for 72% and 22%, respectively, of total U.S. liquids demand (see Figure 3-60).  The residential and commercial sectors, which use distillate and LPGs for heating, together account for about 2% of total U.S. liquids demand.  The power sector accounts for only 1% of liquids demand.
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				As for the future, the transport sector is expected to account for essentially all of the growth in U.S. liquids demand.  The FTF study is addressing the outlook for liquids demand from the transportation sector.  Residential, commercial, and industrial feedstock uses are expected to decline while industrial other (non-feedstock) uses are expected to increase slightly.  Power sector liquids demand is expected to remain flat.  Nearly 80% of industrial liquids demand is expected to come from LPGs (see Figure 3-61).  The AEO2010 Reference Case does not fully reflect the impact of shale gas, which is likely to lead to higher LPG production.
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				Historically, one of the most important long-term drivers of energy demand is the rate of economic growth.  This is also applicable to the demand for U.S. liquids.  The impact of economic growth on U.S. liquids demand can be seen by comparing the AEO2010 Reference Case with AEO2010 High Macro and Low Macro sensitivities, which had real GDP growth rates of 2.4%, 3.0%, and 1.8%, respectively.  The AEO2010 Reference Case had U.S. total liquids demand growing from about 19 million barrels per day in 2010 to 22 million barrels per day per day in 2030 (see Figure 3-62).  For the High and Low Macro Cases, 2035 total liquid demand was 25 million barrels per day) and 20 million barrels per day, respectively.  Most of the range in 2035 total liquids demand occurs in the transport sector (about 70%) and in the industrial sector (about 29%).  
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				For the industrial sector, LPG demand accounts for about 37% of the total range between high and low forecasts in industrial liquids demand (see Figure 3-63).  Other types of petroleum (includes petroleum coke, asphalt, road oil, lubricants, still gas, and miscellaneous petroleum products) account for about 36% of the total range in industrial liquids demand.
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				How much non-transport liquids demand grows probably will depend on how much North American NGLs (LPGs and, more specifically, ethane, which comprises approximately half of all NGLs) are produced, and what the prices are for natural gas.  

				Substitution of ethane and other LPGs for natural gas in industrial applications depends heavily on their relative prices.  If the relative value of sending unprocessed wet natural gas to a consumer exceeds the value of extracting ethane, then in some cases a gas processing plant may not be built or may not be run.  However, there are strict limits in quality provisions of pipeline tariffs on how much ethane can be left in the natural gas stream.  Eventually, capacity to deal with ethane and LPGs may have to be built or development of new wet natural gas productive capacity may have to be limited.

				Low ethane prices relative to natural gas, and/or any inadequacy of NGL gathering and processing infrastructure in liquids-rich shale plays, will tend to physically limit the development pace of shale gas, thereby curbing NGL production – which will feed back to NGL prices and demand.

				POLICY RECOMMENDATIONS

				Demand related policy recommendations can be grouped into four major categories:

				
						Increase Energy Efficiency

						Promote Efficient and Reliable Markets

						Increase Effectiveness of Energy Policies

						Conduct Carbon Capture and Sequestration Research and Development.

				

				Increase Energy Efficiency

				There is large scope for improving energy efficiency across the residential, commercial, and industrial sectors using existing technologies and practices as well as through development of newer technologies and approaches.  The range of policy options that can apply is large and include, among others, codes and standards, financial and tax incentives, utility ratemaking processes, information and technical assistance, research and development, and putting a price on externalities (such as CO2).

				Increase Residential and Commercial Energy Efficiency

				Buildings constitute a major source of demand for power, heating, cooling, and lighting.  In many situations, avoiding energy consumption through installation of more efficient appliances and equipment or improving a building shell can be the most cost-effective strategy for satisfying customers’ energy needs.  Efficiency opportunities also arise in industrial and public facility (e.g., street lighting, water, and wastewater plants) operations.  Compared to implementing energy efficiency, all other energy resources and technologies involve trade-offs among economic, environmental, and energy security objectives.

				The 2007 NPC Hard Truths report identified many energy efficiency policy options, most of which are still applicable today, as was corroborated in the current study as well.  Implementing energy-efficient technologies can reduce the need to produce, deliver, and transform energy, thus avoiding emissions and resource use, mitigating environmental impacts, and enhancing energy security.  For instance, if the United States used energy at 1973 efficiency levels in all sectors of the economy, about 56% more energy would be consumed today – equal to another 52 quadrillion Btu that otherwise would have had to be extracted, delivered, combusted, or otherwise harnessed to produce usable energy for consumers’ needs.  Increasing energy efficiency can thus provide long-term benefits.

				Gas and electric utilities are natural entities to provide some types of energy efficiency programs, such as installing weather-proofing or distributing appliance rebates, because those utilities have information about the consumption patterns of their customers, have an ongoing relationship with them, and often have the expertise to implement energy efficiency programs.  Moreover, treating energy efficiency as a resource in their portfolio of supply options can help utilities deliver supply for their customers at lower overall costs.  In other cases, third parties such as local energy efficiency programs, weatherization providers (for low-income households), state energy offices, and energy efficiency “utilities” (such as Efficiency Vermont) may be well-positioned to operate programs supporting private sector implementation of energy efficiency measures.

				Significant energy savings have been achieved in the United States through building codes and appliance and equipment standards.  Building codes are administered by the 50 states and by thousands of local authorities.  To help state and local governments, the federal government can further support the development and periodic update of national model energy codes, allowing and encouraging states to adopt the most recent such codes.  The International Energy Conservation Code issued by the International Code Council develops national model energy codes for residential buildings.  The American National Standards Institute, the American Society of Heating, Refrigerating, and Air-Conditioning Engineers, and the Illuminating Engineering Society of North America Standard 90.1 serve as a basis for model energy codes for commercial buildings.  These model codes are typically updated on a three-year schedule.  The federal government can also provide technical assistance, training, and other measures to improve state and local ability to enact and enforce codes.

				While building codes typically apply only to new structures or major renovations, appliance and equipment standards can reduce energy consumption in existing buildings and facilities.  Efficient new appliances in the residential and commercial sectors could reduce energy consumption and, in turn, carbon emissions from these sectors by 12% and 7%, respectively.[76] Full fuel cycle analysis could provide the basis for these appliance standards.

				There are also opportunities for states and localities to advance building energy efficiency through other means, such as support for innovative energy retrofit finance (e.g., revolving funds, property assessed clean energy finance), requirements for commercial building energy audits and commissioning, and tax and land use incentives.  There are also federal and state opportunities for improving consumer energy information (such as labeling and disclosure), supporting training and technical assistance (to architects, engineers, building trades, real estate professionals), and advancing research, development, and demonstration (RD&D) and commercialization of relevant technologies.

				
					
						
								
								Recommendation

								The NPC makes the following recommendations to support the adoption of energy efficiency in buildings, appliances, and equipment:

								
										The federal government should continue to support the updating of national model building codes issued by the American National Standards Institute, American Society of Heating, Refrigerating, and Air-Conditioning Engineers, the Illuminating Engineering Society of North America (commercial codes) and the International Code Council (residential codes) and to provide technical assistance, training, and other support for state and local enactment and enforcement of the updated codes.  

										The federal government should continue to update energy efficiency standards for appliances and equipment over which it has statutory authority.

										The federal government should continue to update energy efficiency standards for appliances and equipment over which it has statutory authority. 

										Federal and state governments should consider incentives for products and buildings that are more efficient than required by laws and standards, such as Energy Star qualifying products.

								

							
						

					
				

				Increase Industrial Energy Efficiency

				Another opportunity for energy savings comes from CHP facilities and waste heat recovery.  Such facilities can function within industrial plants such as paper mills or chemical plants, and may also be found in large institutions such as universities or hospitals.  CHP facilities produce steam for industrial purposes or heating and produce electricity as a secondary product for their own consumption or for sale.  CHP can operate at nearly 70% energy-efficiency rates versus about 32% for baseload coal plants.  Today, CHP accounts for almost 9% of electricity produced.

				Greater use of CHP, as well as waste heat recovery, can provide a significant opportunity to lower production costs and thus improve the competitiveness of manufacturing, while providing larger societal benefits such as improving overall efficiency of power generation, lowering emissions, increasing reliability of the electric grid, and reducing transmission losses.

				In many areas, regulatory barriers prevent otherwise economic investments in CHP.  These barriers include rules relating to interconnecting CHP facilities to the grid, policies limiting the sale of CHP power to the market, problems with fair pricing, and the ability to enter into long-term contracts for the power output from CHP.  Greater flexibility, for instance, is needed to allow manufacturing facilities to sell power to one another or in regulated states to wheel power from one facility to another.  Additionally, typical environmental regulations also measure emissions of power combustion as a function of heat input (e.g., emissions per Btu consumed) rather than emissions associated with output (e.g., emissions per kilowatt-hour and useful thermal energy of output).  This regulatory design disadvantages CHP units and other more-efficient technologies.  Higher efficiency generally means lower fuel consumption and lower emissions of all pollutants.

				Other ways to encourage greater industrial energy efficiency include:

				
						Greater support could be provided for technical assistance to help industry identify, assess, and implement cost-effective, competitiveness-improving energy options; such existing programs include the DOE-supported regional Clean Energy Application Centers (formerly the CHP Applications Centers), Industrial Assessment Centers, National Institute of Standards and Technology Manufacturing Extension Partnership, and other industrial resources.

						The federal government can support and partner with industry in RD&D of more efficient and productive industrial technologies.

						By lowering the cost of capital by providing grants, transferable investment tax credits, and low cost loan programs.

						Encourage investment in RD&D breakthrough technologies and by allowing annual write-off of all expenses associated with RD&D of breakthrough technologies, including everything from personnel costs to all physical and non-physical resources utilized.  

						Increase the funding of the DOE Industrial Technology Program.

						Actions to encourage greater use of CHP should not create any preferences, but should give CHP an opportunity to compete fairly with other sources of energy.

				

				
					
						
								
								Recommendation

								The NPC makes the following recommendations to eliminate the barriers to CHP and thus increase the efficiency of electricity production in the United States:

								
										State and federal utility regulators should adopt, for both natural gas and electric utilities, the removal of barriers to CHP in interconnection, power sales, and power transfers.

										Policymakers should include CHP and energy efficiency in any clean energy standard.

										The EPA should use output-based performance standards for emissions from power generation, including CHP, as means to reflect inherent energy efficiency differences in power generation technologies.

								

							
						

					
				

				Increase Energy Efficiency Through Recycling

				Further, much energy is embodied in materials in the energy needed to extract, process, transform, transport and, eventually, dispose of them.  Reducing waste and scrap and effectively reusing and recycling those wastes and scrap that are produced are important means to save energy as well as materials and to improve productivity and reduce environmental impacts.  Recycling of energy-intensive products such as paper, steel, aluminum, glass, solvents, asphalt, concrete, and plastic is a very powerful tool for reducing energy consumption, greenhouse gas emissions, and other pollution and waste.  Conservation and reuse of water also reduces significant energy costs of collection, distribution, and treatment.  Use of organic wastes (such as manures) can substitute in some cases for energy-intensive synthetic fertilizers, while in other cases energy can be recovered from biogas production or direct combustion.  In 2009, the estimated avoided greenhouse gas emissions from recycling totaled over 142.2 million MtCO2e, about 3%, of 2009 total CO2 emissions.[77] Despite these significant gains from recycling, there are still significant quantities of these products in the industrial, commercial, and residential sectors that are not recycled each year.  Federal and state policies that encourage materials efficiency and cost effective reuse and recycling would improve energy efficiency.

				Align Utility Incentives and Efficiency Goals

				Under traditional ratemaking policies, utilities that sell electric power or natural gas to end-use consumers have the incentive to sell more of their product to consumers: higher sales means higher revenues, which usually mean higher profits, and lower sales mean the opposite.  To overcome this disincentive, ratemaking policies should align the financial interests of both electric and gas utilities with those of their customers in providing cost-effective energy efficiency measures.

				
					
						
								
								Recommendation

								The NPC makes the following recommendation to remove the disincentives for natural gas utilities and electric utilities to deploy energy-efficiency measures:

								
										State and federal utility regulators should adopt for utilities:	Ratemaking policies to align utility financial incentives with the adoption of cost-effective energy-efficiency measures
	Goals and targets for the deployment of cost-effective energy efficiency so as to support the adoption of cost-effective energy efficiency measures on a timely basis.



								

							
						

					
				

				Promote Efficient and Reliable Energy Markets

				Natural gas and electric stakeholders and their regulators should take steps to promote more efficient and reliable natural gas and electric markets.  Also, market participants, including regulated utilities, should have access to tools to address or mitigate price volatility in fuels, (e.g., through long-term contracts for natural gas, use of hedging instruments by regulated entities like utilities, and investment in storage facilities).

				Harmonization of Natural Gas and Power Markets

				From 2000 to 2010, the use of natural gas for power generation has increased from 16 to 24% of total electric sector generation.  For the same period, natural gas demand for power generation grew from 14 to 20 Bcf/d, increasing power generation’s share of total natural gas demand from 22 to 31%.  

				The continued increased use of natural gas for power generation will be driven by three factors:

				
						A change in expectations about North American natural gas supply and costs due to the economic viability of shale gas development.  Concerns about high and volatile natural gas prices, flat production, and increasing LNG imports have changed to forecasts of lower and more stable natural gas prices and abundant North American natural gas supplies that could meet almost any natural gas demand requirement.[78]

						An expectation of strong growth in intermittent renewable generation capacity that increasingly requires backup by gas-fired generation to stabilize grid operations.

						An expectation of substantial retirements of coal-fired generation in the next few years as a consequence of implementation of EPA’s proposed non-GHG regulations, combined with lower natural gas price expectations.

				

				However, growth in power generation natural gas demand should not be taken for granted.  The increased use of natural gas for electricity production, especially during peak periods in regional gas and electric markets, is raising concerns about potential serious operational problems for both pipeline operators and power generators.  Some power generators have identified concerns about terms and conditions of natural gas services that are inhibiting them from building and operating gas-fired generation plants.  Conversely, some pipelines have stated that they are not being adequately compensated for providing service to gas-fired generators that are backstopping intermittent renewables.  Accordingly, federal and state regulators and industry leaders are calling for more formalized coordination between the electric and gas sectors.

				This will not be an easy task.  Both the natural gas pipeline network and the electric transmission grid operate under different complex systems of rules and regulations that have evolved independently over decades.  For example, the natural gas industry uses a standardized operating day, but the power sector has multiple operating days.  Also, the scheduling rules and timelines for power generators, for day-ahead and real time markets may not synchronize between electric control areas or with pipeline capacity nomination schedules or rights.  Gas-fired generators who do not hold firm pipeline transportation frequently have to commit power to the regional electricity grid before they have the assurance of pipeline capacity.  Additionally, peaking facilities, may find it uneconomical to purchase firm transportation service from pipelines due to their current inability to recover those costs in the marketplace.  With the prospects that natural gas will become an even larger supply source for power generation, and with the increasing need for natural gas generation to backstop intermittent renewable generation, coordinating these respective operating and regulatory systems will become increasingly complicated.  

				A January 2004 cold snap in New England highlighted the fact that most merchant generators do not hold firm pipeline capacity and firm gas supply.  During this period of record peak electricity demand, pipelines’ firm shippers of natural gas used the full contractual entitlements, most of which were held by local distribution companies, and the pipelines did not have excess capacity available to schedule for interruptible customers.  Similarly in February 2011 in the Southwest, more than 50 electricity generation units stopped working overnight because of severe weather, reducing capacity by 6,000 megawatts and leading to the rolling power outages.  Other power plants found their fuel supplies curtailed by local distribution companies under natural gas priority rules that were last updated in the early 1970s.  Some of the controlled electric outages also idled natural gas pipeline compressor stations, reducing pipeline pressure and hampering the ability of natural gas generation plants to get the fuel they needed.  Both incidents highlight the need to resolve certain issues that sit at the intersection of gas and electric deliverability, and wholesale electric market reliability.

				As natural gas and electric markets become more entwined, greater coordination between the two will be required.  One way to enhance this coordination and to minimize surprises is to increase the transparency of operations.  The FERC has done this for natural gas markets by requiring interstate pipelines to post on the web extensive data on their operations.  Increasing the information about generation and transmission operations would increase transparency and would benefit the smooth functioning of the market.

				Another interdependency issue that needs to be addressed is the recovery of costs incurred by pipelines in providing service to gas-fired generators and, in turn, the recovery of those costs by gas-fired generators from electric customers.  The diversity of various organized and non-organized wholesale power markets requires different approaches.  

				Finally, there is an expectation that any retirement related reduction in coal-fired generation can be met, to some extent, by existing gas-fired generation.  However, none of the retirement studies examined whether there were any electric transmission bottlenecks to doing so.

				
					
						
								
								Recommendation

								The NPC recommends continuing the efforts to harmonize the interaction between the natural gas and electric markets:

								
										The Federal Energy Regulatory Commission, the North American Electric Reliability Corporation, the North American Energy Standards Board, the National Association of Regulatory Utility Commissioners, and each formal wholesale market operated by the Regional Transmission Organizations, with robust participation from market participants, should:	Develop policies, regulations, and stand-ardized business practices that improve the coordinated operations of the two industries and reduce barriers that hamper the operation of a well-functioning market
	Increase the transparency of wholesale electric power and natural gas markets
	Address the issue of what natural gas services generators should hold, including firm transport and storage, and what services pipeline and storage operators should provide to meet the requirements of electricity generators as well as compensation for such services for pipeline and storage operators and generators.



										Transmission operators should identify any transmission bottlenecks or power market rules that limit the ability of natural gas combined cycle plants to replace coal-fired generation.

								

							
						

					
				

				Provide Utilities With Tools to Manage Price Volatility

				Natural gas prices are currently low in comparison to recent history, making gas-fired generation attractive relative to coal in some situations.  One form of risk faced by builders of new natural gas-fired power plants is the perception that natural gas prices are more volatile than the prices of competing fuels such as coal.  This perception is grounded in historical experience when utilities made investments in (or purchases of power from) natural gas-fired power generation technologies only to have the prices unexpectedly rise.  The gas price increases created customer difficulties, as increased costs needed to be passed along to consumers of some traditionally regulated electric utilities.  Some regulators and electric utilities may fear another spike in prices, and may be reluctant to engage in another era of gas-fired power generation investments.  Also, in many states, the regulatory legacy resulting from out-of-market, take-or-pay contracts from several decades ago creates regulatory risk and a barrier for electric and gas utilities if they were to enter into long-term contracts for natural gas and then gas prices change in ways that introduce questions about the prudency of those original contract decisions.  Even where various contract instruments were used more recently for price hedging purposes, some utilities have been subject to hindsight review by state utility commissions and more recently have had to refund some hedging costs to ratepayers.  These experiences with regulatory risk have made investment in gas-fired generation less attractive for utilities.

				

				
					
						
								
								Recommendation

								The NPC makes the following recommendations to allow natural gas utilities and electric power utilities to manage their natural gas price risk:

								
										The NPC supports changes in regulatory policy that remove regulatory barriers from utilities managing their natural gas investment portfolios using appropriate hedging approaches, including long-term contracts.  Any such rules should not impede the ability of utilities to appropriately hedge their price risk.

										Regulators (such as state utility commissions) and other policymakers should allow market participants such as utilities to use mechanisms to mitigate and manage the impacts of price volatility.  These mechanisms include long-term contracts for natural gas, use of hedging instruments by regulated entities like utilities, and investment in storage facilities.

								

							
						

					
				

				Increase Effectiveness of Energy Policies

				Policies for increasing effectiveness of energy policies are:

				
						Wider use of an FFC analysis when evaluating energy options

						Evaluations of benefits and costs of proposed regulations, including feedback effects, should be done in a transparent and creditable way to enhance policy discussions

						Align the long-term benefits of converting from distillate to natural gas with the short-term costs of the conversion.

				

				Full Fuel Cycle Analysis

				FFC analysis measures energy consumption and includes, in addition to site energy use, the energy consumed or vented (addition to National Academy of Sciences definition) in the extraction, processing, and transport of primary fuels such as coal, oil, and natural gas; energy losses in thermal combustion in power-generation plants; and energy losses in transmission and distribution to homes and commercial buildings.  

				FFC analysis could be used in making and implementing certain energy-related policies at different levels of government (and by legislative and executive branch entities).  An FFC analysis is a tool that is particularly useful in understanding the complete impact of energy-related decisions on total energy consumed and total emissions, especially when comparing two or more fuel options to achieve the same end-use result.[79] The FFC analysis tool could be applied in various decision-making settings, such as:

				
						Setting appliance and building efficiency standards

						Comparisons of different technological choices, such as a natural gas water heater to an electric water heater

						Home energy rating systems, such as the Home Energy Rating System (HERS) index.

						For more detail, see the “Full Fuel Cycle Analysis” section earlier in this chapter.

				

				
					
						
								
								Recommendation

								The NPC makes the following recommendations for full fuel cycle analysis to enhance the evaluation of the environmental impact of energy choices: 

								
										The federal government should complete development of and adopt methodologies for assessing full fuel cycle effects.

										As sound methodologies are established, regulators and other policymakers should use full fuel cycle analysis to inform regulatory decisions and implementation of other policies where fuel and technology choices involve energy and environmental trade-offs.

								

							
						

					
				

				Changes in Energy Policies Have Feedback Effects that Need to be Considered

				Changes in policies and regulations, such as the proposed non-GHG EPA rules or implementation of a price for carbon, could increase natural gas and electricity prices for all end users.  For example, the retirement of a coal plant, relative to an alternative scenario of investment to bring the plant in compliance with new emission rules, would likely increase power generation natural gas demand, thereby increasing natural gas prices while reducing coal demand and decreasing coal prices.[80] Electric prices could be expected to go up as generators use more natural gas, which has a higher fuel cost per MWh than coal.  Electric prices could go up even further if the retired generation needs to be replaced with new generation at today’s costs or if regulated utilities seek to recover any undepreciated costs of the plants being retired.[81] Higher natural gas and electricity prices will have additional economic effects as residential, commercial, and industrial customers respond to higher energy prices, either by reducing energy demand or reducing other expenditures, and as such price changes promote investment in alternative energy supplies.  The analysis of regulatory or policy changes needs to take into account these economic costs, as well as the usual health benefits, in a comprehensive, transparent, and creditable manner to provide information about the merits of proposed regulatory and policy changes.  Although federal departments and agencies are required to perform cost-benefit studies, these are typically prepared only on an incremental basis – i.e., for individual rules.  They generally do not reflect the combined effect of various proposed or pending regulations on a specific sector, such as the power or industrial sectors.  The impact of major regulations should be evaluated where feasible using an economy-wide equilibrium model, in addition to the usual methods that rarely considers more tangible economic consequences, like its effects on employment, the price and reliability of energy, or the competitiveness of U.S. companies.[82] Further, the process of public notice and comment and review by the Office of Management and Budget does not always ensure neutral analysis of benefits and costs.  It may not overcome natural tendencies of analysts to avoid reaching conclusions critical of policy choices of the political leadership.

				Studies of the cost and benefit of proposed major regulatory or policy changes need to address the aggregate or cumulative effects of multiple regulations while taking into account feedback effects on all sectors of the economy.  Cost-benefits studies should be developed in a transparent and creditable manner, including a possible review by an independent nonpartisan agency such as the Congressional Budget Office.  This would result in better and more credible information being available to both the government and the public about the impact of proposed and final rules.

				Align the Long-Term Benefits and Short-Term Costs of Oil to Natural Gas Conversion Projects

				There exists potential for use of natural gas to replace some portion of the 2.8 Bcf/d equivalent of U.S. distillate demand in the residential and commercial sectors to enhance energy security by lowering foreign oil imports, and to reduce energy and related emissions.  However, there are many obstacles.  The first-cost burden on customers’ equipment purchases and on utilities to extend service restricts natural gas availability and limits this potential.  Consumers often make purchase decisions on the basis of first cost only, whereas economic and carbon-related benefits will occur over the life of gas-using equipment.  

				Prudent public policy would promote a better alignment of benefits and costs over the life of a conversion project, and innovative policies and regulatory actions such as the following could help lower these barriers.  To lessen the cost burden inhibiting natural gas conversions to replace distillate demand and main and service line extensions, state public utility commissions, and other government agencies could work with utilities to develop policies and implement innovative rate designs to improve project economics and enhance affordability for customers.  Examples include:

				
						Lease utility-owned equipment to customers or provide similar financial mechanisms allowing the utility to bear the first-cost burden to relieve the customer of the upfront cost associated with natural gas.

						Defer customer contributions in aid of construction for natural gas main and service line extensions by creating a regulatory liability and amortizing payments over time.

						Support utility infrastructure build-out as part of economic development programs through tax abatement, special pricing areas, direct contributions, etc., to support business development, job creation, plant expansions, and customer fuel savings.

						Provide rebate programs for customers who upgrade to high-efficiency natural gas equipment.

						Eliminate taxes on the customer contribution-in-aid-of-construction for natural gas main and service line extensions.

				

				Support Carbon Capture and Sequestration Research and Development

				Studies that looked at achieving a deep reduction in CO2 emissions generally assumed that CCS for natural gas- and coal-fired generation was needed to achieve such a goal.  However, a pre-condition to moving to commercialization is an expectation of a significant cost for CO2.

				Direct and indirect policies to set a price for carbon emissions from fossil fuel combustion and delivery would value natural gas’s ability to provide energy with lower carbon emissions than other fossil fuels.  However, if very deep reductions in carbon emissions are desired over the long run, fossil fuels, including natural gas, could play only a limited role in providing energy unless there is a means to capture and sequester the carbon emissions from burning fossil fuels.  CCS could provide such a means.

				Currently, CCS research is focused on coal although much of the research work is applicable to both natural gas and coal.  However, all fossil fuels would benefit from CCS, so CCS RD&D should be fuel neutral.[83] Recent studies suggest that natural gas CCS has a lower cost of capture than coal CCS on a megawatt hour basis.[84] The actual costs of capturing CO2 may be greater, however, because there is less concentration of CO2 in the flue gases of natural gas generation.  Natural gas with CCS could have only 40% of the sequestration requirement that coal has for the same MWh of output.

				To avoid unnecessarily precluding CCS options, CCS research should also be technology neutral (e.g., pre- and post-combustion capture or various capture technologies).  Further, CCS research should not be limited to the power sector, but should be available to all sectors such as processing plants, refineries, and industry.

				
					
						
								
								Recommendation 

								To keep the option open in the long run of using natural gas in a situation where deeper reductions in carbon emissions are desired or necessary, the NPC makes the following recommendations regarding advanced tech-nology for CCS:

								
										The federal government should work with the states, universities, and companies in the electric, oil and gas, chemical, and manufacturing sectors to: 	Fund basic and applied research efforts on CCS, such as the cost of carbon
	Capture, geologic issues, and the separation of CO2 from combusted gases
	Develop some number of full-scale CCS demonstration projects on a range of technologies and applications
	Establish a legal and regulatory framework that is conducive to CCS
	Find mechanisms to support the use of anthropogenic CO2 without raising its cost to users in appropriate enhanced oil recovery applications
	Strive to be fuel, technology and sector neutral, and include a range  of geologic storage options.
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				Description of Projection Cases

				AEO2011 Reference Case

				EIA Annual Energy Outlook 2011 focuses on the factors that shape the U.S. energy system over the long term, under the assumption that current laws and regulations remain unchanged throughout the projection.  A GDP growth rate of 2.7% per year was used.

				AEO2010 Reference Case

				EIA Annual Energy Outlook 2010 focuses on the factors that shape the U.S. energy system over the long term, under the assumption that current laws and regulations then in effect remain unchanged throughout the projection.  A GDP growth rate of 2.4% per year was used.

				AEO2010 Low Macro

				Real GDP grows at an average annual rate of 1.8% from 2008 to 2035, whereas the AEO2010 Reference Case used 2.4%.  Other energy market assumptions are the same as in the Reference Case.

				AEO2010 High Macro

				Real GDP grows at an average annual rate of 3.0% from 2008 to 2035 whereas the AEO2010 Reference Case used 2.4%.  Other energy market assumptions are the same as in the Reference Case.

				AEO2010 Low Oil Price

				World light, sweet crude oil prices are $51 per barrel (2008 dollars) in 2035, compared with $133 per barrel (2008 dollars) in the Reference Case.  Other assumptions are the same as in the Reference Case.

				AEO2010 High Oil Price

				World light, sweet crude oil prices are about $210 per barrel (2008 dollars) in 2035, compared with $133 per barrel (2008 dollars) in the Reference Case.  Other assumptions are the same as in the Reference Case.

				AEO2010 Low Tech

				Greater cost and lower efficiency for more advanced equipment for all sectors and higher operating costs for fossil fuel, nuclear, and renewable generation technologies.

				AEO2010 High Tech

				Earlier availability, lower cost, and greater efficiency for more advanced equipment for all sectors and lower operating costs for fossil fuel, nuclear, and renewable generation technologies.

				AEO2010 No Shale

				No drilling is permitted in onshore, lower-48, low-permeability natural gas reservoirs after 2009 (i.e., no new tight gas or shale gas drilling).

				AEO2010 High Shale

				Shale gas resources in the onshore, lower-48 are assumed to be higher than in the Reference Case.

				AEO2010 2027 Phaseout with Base Market Potential

				Incorporates lower incremental costs for all classes ofHDV NGVs (zero incremental cost relative to their diesel-powered counterparts after accounting for incentives), and tax incentives for natural gas refueling stations ($100,000 per new facility), and for natural gas fuel ($0.50 per gallon of gasoline equivalent) that begin in 2011 and are phased out by 2027.

				AggOGMax

				Highest results of proprietary oil and gas company cases.  Aggregation was done by an independent third-party aggregator.

				AggOGMedian

				Median results of proprietary oil and gas company cases.  Aggregation was done by an independent third-party aggregator.

				AggOGMin

				Minimum results of proprietary oil and gas company cases.  Aggregation was done by an independent third-party aggregator.

				AggConsultantMax

				Highest results of proprietary consultant cases.  Aggregation was done by an independent third-party aggregator.

				AggConsultantMedian

				Median results of proprietary consultant cases.  Aggregation was done by an independent third-party aggregator.

				AggConsultantMin

				Lowest results of proprietary consultant cases.  Aggregation was done by an independent third-party aggregator.

				EIA KL Basic

				EIA’s analysis of the Energy Market and Economic Impacts of the American Power Act of 2010 (Kerry-Lieberman).  The EIA KL Basic Case represents an environment where key low-emissions technologies, including nuclear, fossil with CCS, and various renewables, are developed and deployed on a large scale in a time frame consistent with the emissions reduction requirements of the Act without encountering any major obstacles.  It also assumes that the use of offsets, both domestic and international, is not instantaneous, but is also not severely constrained by cost, regulation, or the pace of negotiations with key countries.

				EIA KL High Cost

				EIA KL High Cost case is similar to the EIA KL Basic case except that the overnight capital costs of nuclear, fossil with CCS (including CCS retrofit), and dedicated biomass generating technologies are assumed to be 50% higher than in the Reference Case.

				EIA KL High Gas

				EIA KL High Gas is similar to the EIA KL Basic case except that it assumes a larger resource for shale gas based on the High Shale Gas Resource sensitivity case in the AEO2010.

				EIA KL NoIntl LtdAlt

				The EIA KL NoIntl LtdAlt case severely limits international offsets and limits deployment of key technologies, including nuclear, fossil with CCS, and dedicated biomass, to their Reference Case levels through 2035.

				EIA WM Basic

				EIA’s analysis of the American Clean Energy and Security Act of 2009 (Waxman-Markey).  The EIA WM Basic represents an environment where key low-emissions technologies, including nuclear, fossil with CCS, and various renewables, are developed and deployed on a large scale in a time frame consistent with the emissions reduction requirements of the Act without encountering any major obstacles.  It also assumes that the use of offsets, both domestic and international, is not severely constrained by cost, regulation, or the pace of negotiations with key countries covering key sectors.

				EIA WM NoIntl LtdAlt

				The EIA WM NoIntl LtdAlt case severely limits international offsets and limits deployment of key technologies, including nuclear, fossil with CCS, and dedicated biomass, to their Reference Case levels through 2030.  

				MIT No Climate Policy

				Base case with no climate policy from MIT’s The Future of Natural Gas: An Interdisciplinary MIT Study Interim Report 2010.

				MIT With Climate Policy

				With a national economy wide price on carbon from MIT’s The Future of Natural Gas: An Interdisciplinary MIT Study Interim Report 2010.

				MIT Regulatory Emissions Reductions

				Renewable energy standard mandates 25% share of total generation by 2030 and forced retirement of coal plants equal to 55% of current coal generation is retired by 2050 from MIT’s The Future of Natural Gas: An Interdisciplinary MIT Study Interim Report 2010.

				NEB Base

				National Energy Board of Canada’s 2009 Reference Case scenario.

				NEB High Price

				National Energy Board of Canada’s 2009 Reference Case scenario with a high oil price.

				NEB Low Price

				National Energy Board of Canada’s 2009 Reference Case scenario with a low oil price.

				1992 NPC Case I

				1992 National Petroleum Council Study on Natural Gas, Reference Case I, assuming trend growth.

				1992 NPC Case II

				1992 National Petroleum Council Study on Natural Gas, Reference Case II, assuming low natural gas demand growth.

				1999 – NPC Reference

				1999 National Petroleum Council Study, Natural Gas: Meeting The Challenges of the Nation’s Growing Natural Gas Demand.  The 1999 study was designed to test the capability of the supply and delivery systems to meet the then-public forecasts of an annual U.S. market demand for natural gas of 30+ Tcf early in this century.

				2003 – NPC Reactive Path

				2003 National Petroleum Council Study, Balancing Natural Gas Policy: Fueling the Demand of a Growing Economy, Reactive Path case.

				2003 – NPC Balanced Future

				2003 National Petroleum Council Study, Balancing Natural Gas Policy: Fueling the Demand of a Growing Economy, Balanced Future case.

				2007 – NPC Hard Truths Max

				2007 National Petroleum Council study, Hard Truths: Facing the Hard Truths About Energy: A Comprehensive View to 2030 of Global Oil and Natural Gas, high demand from study of studies.

				2007 – NPC Hard Truths Min

				2007 National Petroleum Council study, Hard Truths: Facing the Hard Truths About Energy: A Comprehensive View to 2030 of Global Oil and Natural Gas, low demand from study of studies.

				Proprietary Maximum

				Represents the highest of all of the proprietary cases that were aggregated by an independent third party (see Agg cases).

				Proprietary Medium

				Represents the medium of all of the proprietary cases that were aggregated by an independent third party (see Agg cases).

				Proprietary Minimum

				Represents the lowest of all of the proprietary cases that were aggregated by an independent third party (see Agg cases).

				RFF Baseline

				Resources for the Future’s business-as-usual case using EIA AEO2009 Reference Case estimate of natural gas resources (low).  

				RFF Abundant Shale

				Resources for the Future’s higher natural gas resources case based on Potential Gas Committee 2009 resource estimate, not EIA AEO2009 Reference Case.

				RFF Low Carbon Policy Baseline

				Resources for the Future’s carbon policy case using EIA AEO2009 Reference Case estimate of natural gas resources (low).

				RFF Low Carbon Policy With Abundant Shale

				Resources for the Future’s carbon policy using higher Potential Gas Committee estimate of natural gas resources.

				RFF Low Carbon Policy With Abundant Shale, with Limits on Nuclear and Renewable

				Resources for the Future’s carbon policy using higher Potential Gas Committee estimate of natural gas resources, but with limits on new nuclear and renewables.
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						1	PEVs include battery-only vehicles like the Nissan Leaf or plug-in hybrids with an onboard generator that uses gasoline or diesel like the Chevrolet Volt and a new version of the Toyota Prius. It does not include non-plug-in hybrids like previous versions of the Toyota Prius.

					

					
						2	White Paper #3-6, “Natural Gas Exports to Mexico,” was prepared by the Resource & Supply Task Group, with input from the Demand Task Group.

					

					
						3	For a description of projection cases, see “Description of Projection Cases” at the end of this Demand chapter.

					

					
						4	See Demand Task Group White Paper #3-5, “What Are the ‘Big’ Things That Past Studies Missed?”, which examines the 1992, 1999, and 2003 NPC studies addressing natural gas supply and demand and the 2007 Hard Truths study that examined world energy demand.

					

					
						5	For a retrospective review of past EIA Annual Energy Outlooks, see: http://www.eia.gov/iaf/analysispaper/retrospective/retrospective_review.html.

					

					
						6	The Proprietary Maximum, Median, and Minimum Cases represent the maximum, median, and minimum cases for all of the proprietary cases aggregated by an independent third party.
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						8	Canadian oil sands requirements for natural gas were obtained from the Resource & Supply Task Group.

					

					
						9	MIT Energy Initiative, The Future of Natural Gas: An Interdisciplinary MIT Study, 2011.
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						13	Subsequent to the completion of the analytical work behind this report, one of the proposed rules was implemented.
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						20	See Chapter Four, “Carbon and Other Emissions in the End-Use Sectors,” for a description of the non-GHG EPA Rules.
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						55	Includes only natural gas consumed by commercial end users as reported by the EIA. Does not include related natural gas transmission fuel needed to deliver the natural gas to the commercial end user.

					

					
						56	Includes only electricity consumed by commercial end users. Does not include related generation and T&D losses to deliver the electricity to the commercial end user.

					

					
						57	Savings taken or based on calculations by the American Council for an Energy-Efficient Economy. See especially John A. “Skip” Laitner, et al., The American Power Act and Enhanced Energy Efficiency Provisions: Impacts on the U.S. Economy, ACEEE Report E103, June 2010. 
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						60	U.S. EPA, “Source Environmental Benefits Calculator,” 2009 Data.
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						69	DOE is also proposing to include vented gas. (Docket No [EERE-2010-BT-NO-0028A] Statement of Policy for Adopting Full-Fuel-Cycle Analyses into Energy Conservation Standards Program). 
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Figure 3-24. U.S. Residential Electricity Demand

2,000 ~
" _
2
=3
o
==
E
=
32
X
3 1,000
é === AE02010 HIGH MACRO === AE02010 NO SHALE === AE02010 HIGH TECH
@ AEO2010 LOW TECH ==EIA KL BASIC == EIA KL NOINTL LTDALT

=== AEO2010 HIGH SHALE === AE02010 LOW MACRO == EIA WM NOINTL LTDALT

=== AEO2010 REFERENCE CASE === EIAWM BASIC

0 - T T T T T T 1
2000 2005 2010 2015 2020 2025 2030 2035

YEAR
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Figure 3-49. Canadian Residential Electricity Demand
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Figure 3-17. Electric Day versus Gas Day
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Figure 3-41. U.S. Industrial Electricity Demand per Dollar of Gross Domestic Product ($GDP)
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Figure 3-57. Canadian Generation NEB 2009 Base Case
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Figure 3-40. U.S. Industrial Electricity Demand
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Figure 3-13. U.S. Generation by Fuel for 2030 or 2035
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Figure 3-32. U.S. Commercial Electricity Demand
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Figure 3-25. U.S. Residential Electricity Demand Drivers
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Figure 3-23. U.S. Residential Distillate Demand
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Demand Task Group Framing Questions

To address the Secretary’s request, the Demand
Task Group proposed to answer the following fram-
ing questions as part of the NPC Integrated Study
Plan - April 29, 2010:

© What are the “big” things that past projections

have missed?

® What is the range of publicly available natural
gas demand projections and what accounts for
the differences between projections?

® How could technology and energy efficiency
affect future natural gas demand?

What are the key drivers of demand for natural
gas and electricity by sector (residential, com-
mercial, industrial, and transmission [fuel to
gather, process, and deliver natural gas])?

— Which demand drivers are the mostimportant?

— What is the future range for each demand
driver?

- How could abundant natural gas resources
affect future natural gas demand?

— How could a carbon-constrained world affect
major demand drivers?

— What regulatory policy action may signifi-
cantly affect natural gas demand?

— Vehicle demand would be based upon and
coordinated with the NPC Future Transporta-
tion Fuels Study.

How might various generation capacity portfo-
lios and carbon programs impact power genera-
tion natural gas demand?

The focus of this study was on natural gas and oil.
Therefore, it was decided at the beginning to limit
the analysis of the power sector to those issues that
would have the greatestimpact on power generation
natural gas demand. Not included in the analysis
were power generation issues that have an indirect
impact on natural gas demand such as smart grids,
peak day capacity requirements, time-of-day pric-
ing, electric transmission and distribution losses,
and need for transmission capacity. The impact of
proposed EPA regulations and carbon programs
was limited to a review of their potential impact
on natural gas demand. Not considered within the
scope was an analysis of the merits, benefits, and
costs or effectiveness of such proposed regulations
or programs.
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Figure 3-31. U.S. Commercial Distillate Demand
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Figure 3-11. Dispatch Cost of Electricity
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Figure 3-18. Electric Schedule versus Gas Nomination Schedule for Day-Ahead Market
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Figure 3-56. Canadian Generation Capacity NEB 2009 Base Case
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Figure 3-26. U.S. Residential Electricity Demand per Household
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Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-39. U.S. Natural Gas Industrial Demand versus Wellhead Price
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Chapter Three

NATURAL GAS DEMAND

Abstract

The application of technology developed in
North America has dramatically changed the out-
look for North American natural gas supply from
one that is supply constrained and expected to rely
on significant liquefied natural gas (LNG) imports,
to one that has created an opportunity for natural
gas to play a larger role in the transition to a lower
carbon fuel mix.

To assess the range of potential North American
natural gas demand, a “study of studies” method-
ology was used. Trends and drivers of demand
by sector, including energy efficiency, technologi-
cal change, and policy and regulatory impacts,
were examined. As a consequence of this analy-
sis, several policy recommendations were made on
increasing energy efficiency, promoting efficient
and reliable markets, increasing effectiveness of
energy policies, and conducting carbon capture and
sequestration research and development.

Abenefit of a “study of studies” approach is that
it widens the range of assumptions used and, con-
sequently, the range of natural gas demand out-
looks. The range of natural gas demand outlooks
for North America in 2030 was 67 to 104 billion
cubic feet per day (Bcf/d) compared to a 2010 level
of 74 Bcf/d. Most of the range in demand comes
from the power sector where assumptions vary
widely on electricity demand growth, the impact
of non-greenhouse gas (GHG) Environmental

* See Chapter Four, “Carbon and Other Emissions in the

End-Use Sector,” for a description of the non-GHG EPA
rules and definition of a price on carbon.

Protection Agency (EPA) rules on coal-fired gen-
eration, and implementation of a price for carbon,
if any.*

The assessments of natural gas supply and
demand for this report were prepared separately.
An integrated supply-demand study was not devel-
oped. In lieu of an integrated study, a very high
estimate of total potential natural gas demand was
prepared that, in addition to residential, commer-
dal, industrial, power, and natural gas transmis-
sion demand, also includes potential direct and
indirect natural gas demand for vehicles, exports to
Mexico, and LNG exports.! This high total poten-
tial natural gas demand, which should not be con-
sidered a projection, was used to “stress test” the
gas supply assessment. The “stress test” involved
comparing a range of potential natural gas sup-
ply to a range of potential natural gas demand to
assess the adequacy of natural gas supply to meet
natural gas demand. The comparison shows that
the 2035 high potential natural gas demand of
133 Bcf/d could be supplied. Based on a 2011 Mas-
sachusetts Institute of Technology (MIT) study,
The Future of Natural Gas, this high natural gas
demand potential could be supplied at a current
estimated wellhead production cost range in 2007
dollars of $4.00 to $8.00 per million British ther-
mal units (MMBtu), as shown in Figure ES-3 in the
Executive Summary, based on current expectations
of cost performance and assuming adequate access

1 'The potential for direct and indirect natural gas demand
for vehicles was prepared independently of the NPC
Future Transportation Fuels study, because it will not be
completed until after this report is published.
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Figure 3-48. Canadian Residential Natural Gas Demand
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Notes: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
NEB = National Energy Board of Canada.
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Figure 3-22. U.S. Residential Natural Gas Demand per Household
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Figure 3-30. U.S. Commercial Natural Gas Demand per Person
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Figure 3-14. Total U.S. Natural Gas Demand and CO, Price for 2030
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Figure 3-43. U.S.Total Natural Gas Transmission — Percentage of Throughput
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Figure 3-55. Canadian Total Electricity Demand
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Notes: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-59. Potential U.S. Direct and Indirect Natural Gas Demand for Vehicles
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Figure 3-36. U.S. Industrial Energy by Use —
2010 Estimate
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Table 3-1. Comparative CAPEX and Heat Rates for Select Coal and Natural Gas Power Technologies

Technology CAPEX ($/kW) (l;::;:‘;r)

AEO2010 Supercritical Pulverized Coal (PC) $2,223 9,200
AEO2011 R. W. Beck Advanced PC $3,167 8,800
Rice University Scrubbed Coal New Department of Energy (DOE) Source (2005$) $1,939 9,200
Rice University Scrubbed Coal New Industry Sources (2005%) $3,080

Nact;r::?;gg;;?yTechnclcgy Laboratory (NETL) PC Subcritical Total Overnight $1,996 9,277
NETL PC Supercritical Total Overnight Cost (2007$) $2,024

AEO2011 R. W. Beck Advanced PC with Carbon Capture and Sequestration (CCS) $5,099 12,000
Rice University Scrubbed Coal New with CCS DOE Source (2005$) $2,993 11,061
Rice University Scrubbed Coal New with CCS Industry Sources (2005$) $4,846

NETL PC Subcritical with CCS Total Overnight Cost (20075) $3,610 13,046
NETL PC Supercritical with CCS Total Overnight Cost (20075) $3,570 12,002
AEO2010 Integrated Gasification Combined Cycle (IGCC) $2,569 8,765
AEO2011 R.W. Beck IGCC $3,565 8,700
Rice University IGCC DOE Source (2005$) $2,241 8,765
Rice University IGCC Industry Sources (2005$) $3,714

NETL IGCC General Electric Energy (GEE) R+Q Total Overnight Cost (2007$) $2,447 8,765
NETL IGCC ConocoPhillips (CoP) E-Gas FSQ Total Overnight Cost (20075) $2,351 8,585
NETL IGCC Shell Total Overnight Cost (20075) $2,716 8,099
AEO2010 IGCC with CCS $2,776 10,781
AEO2011 R. W. Beck IGCC with CCS $5,348 10,700
Rice University IGCC with CCS DOE Source (2005%) $3,294 10,781
Rice University IGCC with CCS Industry Sources (2005$) $5,480

NETL IGCC with CCS GEE R+Q Total Overnight Cost (2007$) $3,334 10,458
NETL IGCC with CCS CoP E-Gas FSQ Total Overnight Cost (2007$) $3,465 10,998
NETL IGCC with CCS Shell Total Overnight Cost (2007$) $3,904 10,924
AEO2010 Advanced Natural Gas Combined Cycle (NGCC) $968 6,752
AEO2011 R.W. Beck Advanced NGCC $1,003 6,430
Rice University Advanced NGCC DOE Source (2005$) $893 6,752
Rice University Advanced NGCC Industry Sources (2005$) $996

NETL Advanced F Class NGCC Total Overnight Cost (2007$) $718 6,798
AE02010 Advanced NGCC with CCS $1,932 8,613
AEO2011 R.W. Beck Advanced NGCC with CCS $2,060 7,525
Rice University Advanced NGCC with CCS DOE Source (2005$) $1,781 8,613
Rice University Advanced NGCC with CCS Industry Sources (2005%) $1,850

NETL Advanced F Class NGCC with CCS Total Overnight Cost (20075) $1,497 7,968

Sources: Energy Information Administration, Annual Energy Outlook 2010 (AE02010) Reference Case and Annual Energy Outlook
2011 (AE02011) Reference Case.

R. W. Beck, Inc. Task 692, Subtask 2.6 — Review of Power Plant Cost and Performance Assumptions for NEMS.

Rice University (James A Baker Ill Institute for Public Policy), Energy Market Consequences of Emerging Renewable and Carbon Dioxide
Abatement Policies in the United States, August 13,2010.

National Energy Technology Laboratory (NETL), Cost and Performance Baseline for Fossil Energy Plants Volume 1: Bituminous coal and
Natural Gas to Electricity Revision 2, November 2010.
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Figure 3-29. U.S. Commercial Natural Gas Demand Drivers

20

=== COMMERCIAL NATURAL GAS DEMAND
=== COMMERCIAL NATURAL GAS DEMAND PER PERSON
=== POPULATION

INDEX OF 1 FOR 1970

0

T T T T T T T
1970 1980 1990 2000 2010 2020 2030
YEAR

Source: Energy Information Administration’s AEO2010 Reference Case.





OEBPS/images/9-NARD_Demand_ePub_Par_fmt3.png
Figure 3-1. Retrospective on U.S. Natural Gas Demand: 20 Years of National Petroleum
Council (NPC) Studies
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Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Table 3-2. Natural Gas Demand for Oil Sands

Oil Sands Forecast (Million Barrels per Day)

High 15 33 5.1 6.0 8.0
Middle 15 27 39 4.5 5.0
Low 15 21 27 3.0

Natural Gas Demand for Oil Sands (Billion Cubic Feet per Day)
High 16 29 45 52 6.9
Middle 16 24 35 4.0 44

Low 16 18 24 26
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Figure 3-42. Natural Gas Transmission System
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Figure 3-37. U.S. Industrial Natural Gas Demand
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Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-58. Canadian Power Generation Natural Gas Demand
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Notes: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
NEB = National Energy Board of Canada.
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Figure 3-54. Canadian Industrial Electricity Demand
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Notes: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
NEB = National Energy Board of Canada.
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Figure 3-9. Impact of Proposed Non-GHG EPA Rules
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Generation and T&D Energy Losses

Generation and T&D Energy Losses shown in
Figures 3-19, 3-27, and 3-35 consist of the energy
used to generate electricity (i.e., to convert Btu to
kWh) and transmission and distribution losses
incurred in delivering the electricity to the end
user. For 2010, it took on average 10,192 Btu
of coal, natural gas, oil, and uranium to generate
1 kWh, which is equal to 3,412 Btu. The thermal

loss on conversion of 6,780 Btu per kWh is likely to
decline as new more efficient fossil fuel generation
or renewable generation is built. In addition to
the thermal losses from conversion, there are also
losses incurred in the transmission and distribu-
tion of electricity. Based on EIA data, on average,
about 6.5% of the kWh generated is lost transmit-
ting and distributing electricity.
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Projection Cases

The last section of this Demand chapter,
“Description of Projection Cases,” contains a
brief description of the outlook cases used in this
chapter, particularly for figure legends. Gener-
ally, AEO2010 and AEO2011 refer to projections
developed by the Energy Information Administra-
tion (EIA) as part of their 2010 and 2011 Annual
Energy Outlooks. EIA WM and EIA KL refer to EIA
projections developed as part of the EIA’s analysis
of the Waxman-Markey (American Clean Energy
and Security Act of 2009) and Kerry-Lieberman
(American Power Act of 2010) cap and trade bills.
The analyses of the Waxman-Markey and Kerry-
Lieberman bills were based on the AEO2009 and
AE02010 Reference Cases, respectively. RFF Cases
were from Resources for the Future studies and

the MIT cases were from Massachusetts Institute
of Technology studies. Proprietary cases are the
result of the aggregation of proprietary projec-
tions. The public accounting firm Argy, Wiltse &
Robinson, P.C. (Argy) received and aggregated the
projections to protect respondents’ confidentiality.
Numerous firms, including oil and gas companies
and energy consulting firms, were requested to fill
in demand data templates and return them to Argy.

Much of the analytical work done by the DTG was
completed before the issuance of the EIA AEO2011
Reference Case and sensitivities. Consequently,
much of the analysis and charts use data from the
AE02010 cases. However, data from the AEO2011
Reference Case have been added to most charts.
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Figure 3-28. U.S. Commercial Natural Gas Demand
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Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-45. lllustrative Full Fuel Cycle for Water Heaters
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Figure 3-8. U.S. Total Electricity Demand

5,500
=== AEO2010 HIGH MACRO === AE02010 NO SHALE === EIA KL NOINTL LTDALT
AEO2010 LOWTECH = EIA KL BASIC === EIAWM NOINTL LTDALT
=== AEO2010 HIGH SHALE === EIAWM BASIC = AGGOGMAX
5000 — = AE02010 REFERENCE CASE === AE02010 HIGH TECH ~ AGGOGMEDIAN

=== AEO2011 REFERENCE CASE AEO02010 LOW MACRO === AGGOGMIN

4,500

4,000

BILLION KILOWATT HOURS

3,500

3,000 T T T T T T 1

2000 2005 2010 2015 2020 2025 2030 2035
YEAR

Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-12. U.S. Generation Capacity Additions
through 2030 or 2035
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Figure 3-61. U.S. Industrial Liquids Demand
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Source: Energy Information Administration’s AEO2010 Reference Case.
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Figure 3-10. Levelized Cost of Electricity
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Figure 3-47. Canadian Total Natural Gas Demand
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Notes: For a description of cases, see "Description of Projection Cases” at the end of this chapter.
NEB = National Energy Board of Canada.
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Figure 3-19. U.S. Residential Energy Consumption by Fuel
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Figure 3-2. U.S. Natural Gas Demand
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Figure 3-53. Canadian Industrial Natural Gas Demand
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Notes: Fora description of cases, see "Description of Projection Cases” at the end of this chapter.
NEB = National Energy Board of Canada.





OEBPS/images/9-NARD_Demand_ePub_Pa_fmt46.png
Figure 3-44. U.S. Total Natural Gas Transmission Fuel
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Note: For a description of cases, see“Description of Projection Cases” at the end of this chapter.
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Figure 3-7. lllustrative Steps to Future Power Generation Natural Gas Demand
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Figure 3-52. Canadian Industrial Energy Demand
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Note: LPG = liquefied petroleum gas.
Source: National Energy Board of Canada 2009 Reference Case.
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Figure 3-3. U.S.Total Natural Gas Demand
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Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-35. U.S. Industrial Energy Demand

1

ELECTRIC TRANSMISSION AND DISTRIBUTION ENERGY LOSS GENERATION LOSS

PURCHASED ELECTRICITY NATURAL GAS TRANSMISSION
NATURAL GAS - OTHER NATURAL GAS HEAT AND POWER
B NATURAL GAS FEEDSTOCK LIQUEFIED PETROLEUM GASES - FEEDSTOCKS
40 - LIQUEFIED PETROLEUM GASES - HEAT AND POWER M RENEWABLES
BIOFUELS HEAT AND COPRODUCTS PETROLEUM - OTHER
PETROLEUM FEEDSTOCK W COAL
=}
2
B -
z
o}
=
=
E
2
< 20
o}
T —
0
2007 2010 2015 2020 2025 2030 2035
YEAR

Source: Energy Information Administration’s AE02010 Reference Case.
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Figure 3-60. U.S. Liquids Demand
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Source: Energy Information Administration’s AEO2010 Reference Case.
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Figure 3-38. U.S. Industrial Natural Gas Demand per Dollar of Gross Domestic Product ($GDP)
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Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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to resources for development (Figure ES-10).* Of
course, natural gas prices for end users will reflect
many other factors, including costs to gather, pro-
cess, and deliver natural gas to end users; returns
on investments for production, distribution, and
storage; mandated regulatory fees and taxes; and
other market factors.

The outline of the Demand chapter is as follows:

® Summary

— Back to the Future: Two Decades of Natural
Gas Studies

- Range of U.S. and Canadian Natural Gas
Demand Projections

- Potential U.S. and Canadian Total Natural Gas
Requirements Compared to Natural Gas
Supply

® U.S. Power Generation Natural Gas Demand

® U.S. Residential and Commercial Natural Gas,
Distillate, and Electricity Demand

© U.S. Industrial Natural Gas and Electricity
Demand

® U.S. Transmission Natural Gas Demand

© Full Fuel Cycle Analysis

® Canadian Natural Gas and Electricity Demand
® AView on 2050 Natural Gas Demand

® Potential Vehicle Natural Gas and Electricity
Demand

® LNG Exports

® Exports to Mexico

® U.S. Liquids Demand

® Policy Recommendations

® Description of Projection Cases.

4 MIT Energy Initiative, The Future of Natural Gas: An Interdisciplinary MIT Study, 2011.
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Figure 3-21. U.S. Residential Natural Gas Demand Drivers
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Source: Energy Information Administration’s AEO2010 Reference Case.
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Figure 3-15. Impact of Carbon Cases on End-User Natural Gas and Electricity Prices
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Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-63. U.S. Industrial Liquids Demand

B AEQ2010 v
HIGH MACRO

AEO2010
REFERENCE CASE

AE02010
LOW MACRO

" LIQUEFIED
PETROLEUM GASES

OTHER PETROLEUM

1% PETROCHEMICAL
PR ... FEEDSTOCKS .. . DR ..

IMRESIDUAL FUEL OIL
[ DISTILLATE FUEL OIL
M MOTOR GASOLINE

MILLION BARRELS PER DAY
|

2010 2035

YEAR
Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-4. Canadian Natural Gas Demand
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Figure 3-51. Canadian Commercial Electricity Demand
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Notes: For a description of cases, see "Description of Projection Cases” at the end of this chapter.
NEB = National Energy Board of Canada.
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Figure 3-27. U.S. Commercial Energy Consumption by Fuel
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Figure 3-34. U.S. Commercial Electricty Demand Per Person
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Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-6. U.S. Power Natural Gas Demand
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Note: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-33. U.S. Commercial Electricity Demand Drivers
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Source: Energy Information Administration's AE02010 Reference Case.
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Figure 3-16. Natural Gas and Coal CO, Emissions with and without CCS
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Source: Energy Information Administration’s AEO2011 Reference Case.
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Figure 3-46. U.S. Generation by Fuel, by North American Electric Reliability Corporation (NERC) Subregion
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Figure 3-20. U.S. Residential Natural Gas Demand
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Note: Fora description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-50. Canadian Commercial Natural Gas Demand
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Notes: For a description of cases, see “Description of Projection Cases” at the end of this chapter.
NEB = National Energy Board of Canada.





OEBPS/images/9-NARD_Demand_ePub_Pa_fmt65.png
Figure 3-62. U.S. Liquids Demand
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Note: Fora description of cases, see “Description of Projection Cases” at the end of this chapter.
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Figure 3-5. North American Natural Gas Production Could Meet High Demand
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